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3. Basic Components of the

Electric System

he electric utility system, for general descriptive

purposes and for regulatory and legal purposes,

typically is divided into several categories of activities
and costs, including generation, transmission, distribution,
billing and customer service, and A&G costs. In a vertically
integrated utility, a single entity owns and operates all of
these, although many other forms of market structure and
ownership exist in the United States. Each of these segments
includes capital investments and labor and nonlabor operating
expenses. Each of these segments is operated and regulated
according to different needs and principles.

These distinctions at each level of the power system are
important to cost allocation, and the terminology is import-
ant to understand. Many of the arguments about proper
allocation of costs hinge on the purpose for, and capabilities
of, capital investments and the nature of operating expenses.
Thus, having a correct understanding of the purpose, limita-
tions and current usage of each major element of the system is
important to resolve key cost allocation questions. Figure 7 is
a diagram of a traditional electric power system, with one-way

power flow from a large central generation facility through the

transmission and distribution system to end-use customers
(U.S.-Canada Power System Outage Task Force, 2004).

The evolving electric grid will be much different from the
grid of the past hundred years. The “smart grid” of the future
will look different, operate differently and have different cost
centers and potentially different sources of revenues. As a
result, it will need different cost allocation methods. Figure 8
on the next page shows a vision of the direction the electric
system is evolving, with generation and storage at consumer
sites, two-directional power flows, and more sophisticated
control equipment for customers and the grid itself
(U.S. Department of Energy, 2015).

This manual discusses many of the changes underway
in the electric system, but undoubtedly the future will bring

further change and new challenges.

3.1 Categories of Costs

All decisions that a utility makes have consequences for
its overall cost of service. Some of those decisions were made
decades ago, as the utility made investments — including

large power plants and office buildings — based on conditions

Figure 7. lllustrative traditional electric system
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on-site generation and storage also reduce the generation
capacity and reserve requirements, meaning that a 1-kW
reduction in load at the customer’s premises can avoid nearly
1.5 KWs of generating capacity at a central source (Lazar and

Baldwin, 2011, p. 7).

3.1.5 Billing and Customer Service

Traditionally, metering is considered a customer-specific
expense for the purpose of billing. Advanced metering
infrastructure is used for a much wider array of purposes,
however, such as energy management and system planning.
This indicates that broader cost allocation techniques should
be used. Historically, meter reading was a substantial labor
expense, with meter readers visiting each meter every billing
cycle to determine usage. However, utilities with either AMI
or AMR technology have either eliminated or greatly reduced
the labor expenses involved. Customers that opt out of AMI
often incur special meter reading costs, if meter readers are
needed for a small number of customers.

Most utilities bill customers either monthly or bimonthly
for a variety of related practical reasons. If customers were
billed less frequently, the bills for some customers would be
very large and unmanageable without substantial planning. If
billed more frequently, the billing costs would be significantly
higher. Billing closer to the time of consumption provides
customers with a better understanding of their usage pat-
terns from month to month, which may help them increase
efficiency and respond to price signals. There are exceptions,
since many water utilities, sewer utilities and even a few
electric utilities serving seasonal properties may render bills
only once or twice a year.’s

Related to billing and metering, there are a range of in-
vestments and expenses needed to store billing data and issue
bills. Historically, billing data was quite simple, and the cost
of issuing bills was primarily printing and mailing costs. With

AM], billing data has grown substantially more complex, and

additional system and cybersecurity requirements are needed.

Conversely, online billing can lower certain costs and provide
easier access to customer data.

The expenses of unpaid bills are known as uncollectibles
and typically are included as an adjustment in the

determination of the revenue requirement as a percentage of
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expected bills in order to keep the utilities whole. Bills may go
unpaid because of customer financial difficulties, departure
from the service territory or any number of other factors. In
some jurisdictions, deposits are required to protect utilities
from unpaid bills. Utilities often use their ability to shut off
electric service to a customer to ensure bill payment, and
many jurisdictions implement shutoff protections to ensure
that customers are not denied access to necessary or life-
preserving services.

Customer service spans a whole range of services, from
answering simple questions about billing to addressing
complex interconnection issues for distributed generation.
These expenses may vary greatly by the type of customer.
Many utilities have “key accounts” specialists who are highly
trained to meet the needs of very large customers. Large
customers typically have more complex billing arrangements,
such as campus billing, interruptible rates and other
elements that require more time from engineering, legal and
rate staff, as well as higher management. Some utilities lump
these customer services together. The better practice is to
keep them separate based on how each rate class incurs costs
and benefits from the expenses.

Some utilities also characterize various public policy
programs, such as energy efficiency programs, as customer
service, but this is typically a mistake because these costs are
not related to the number of customers. Instead, they relate
to the power supply and delivery system capacity and energy
benefits the programs provide.

Some states allow utilities to include general marketing
and advertising efforts in rates, but others require share-
holders to fund any such efforts. More narrowly targeted
energy conservation and safety advertising expenses are often

recovered from ratepayers as a part of public policy programs.

3.1.6 Public Policy Program
Expenditures

States have mandated that utilities make expenditures for
various public policy purposes. One of the largest is energy

efficiency, but others include pollution control, low-income

15 Thisis also the case for California customers who opt out of AMI
(California Public Utilities Commission, 2014).



customer assistance, renewable resources, storage and
hardening of the system to resist storm damage. Each of these
cost centers has a place in the cost allocation study, and each
must be treated based on the purpose for which the cost is

incurred.

3.1.7 Administrative and General Costs
Utilities also have a wide variety of overhead costs,
typically called administrative and general costs. They include
necessary capital investments, known as general plant, and
ongoing expenses, typically called A&G expenses. General
plant includes office buildings, vehicles and computer
systems. A&G expenses include executive salaries, pensions
for retired employees and the expenses due to regulatory
proceedings. The common thread is that these costs support

all of a utility’s functions.

3.2 Types of Utilities

Utilities differ in terms of ownership structure and the
types of assets they own. The many types of electric utility
organizations have different characteristics that may lead to
different cost allocation issues and solutions. Nationwide,
publicly owned utilities typically have lower rates. In 2016,
the average residential customer served by public power paid
11.55 cents per kWh, compared with 11.62 cents for co-ops and
13.09 cents for customers served by investor-owned utilities,
reflecting a mix of service territory characteristics and dif-
fering sources of electricity, costs of capital and tax burdens
(Zummo, 2018). Some utilities are also vertically integrated,
owning generation, transmission and distribution assets

simultaneously, while others own just distribution assets.

3.2.1 Ownership Structures

Investor-owned utilities serve about 73% of American
homes and businesses and own about 50% of electric
distribution circuit miles (National Rural Electric Cooperative
Association, 2017). The regulated utilities that directly serve
customers may be part of larger holding companies that
include other corporate assets, such as regulated utilities
in other states, natural gas assets or totally unrelated

enterprises. Unlike utilities owned by governments or by
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the members and customers, IOUs include a return on
investment, specifically a return on equity for shareholders, in
the calculation of the revenue requirement. This is typically
calculated as the net rate base (gross plant net of accumulated
depreciation) multiplied by the weighted average rate of
return, which is composed of the interest rate on debt and the
allowed return on equity. In many states, utility commissions
regulate only 10Us.

Publicly owned utilities — including municipal utilities,
or munis, and public power districts — serve about 15% of
American homes and have about 7% of electric distribution
circuit miles (National Rural Electric Cooperative Association,
2017). Many of the areas served are urban, and municipal
utilities often provide other services as well, such as water,
sewer and natural gas. These utilities evolved for a variety of
reasons but typically are not subject to state or federal income
tax (but typically pay many other types of taxes) and do not
include a return on equity in rates. For this reason, their rates
tend to be lower than those of most 10Us. The state or local
governmental entity that sets up this type of utility also deter-
mines the governing structure for the utility, which could be
an elected or appointed board. Typically this board will hire a
professional manager to oversee the utility. Many municipal
utilities also determine their annual revenue requirement on
a cash flow basis, which can lead to greater annual variability.
In most cases, state public utility commissions have little or
no authority over munis and public power districts.

Electric cooperatives are nonprofit membership corpora-
tions or special purpose districts that provide service to about
12% of Americans and own about 42% of electric distribution
circuit miles (National Rural Electric Cooperative Association,
2017). They also serve more than half of the land area in the
U.S. They mostly serve areas that IOUs originally declined
to serve because expected sales did not justify the cost, given
their shareholders’ expectations for rates of return and the
required investment. Some cooperatives still serve thinly
populated rural areas with few large loads. Others have seen
their service territories transformed to booming suburbs or
industrial hubs. These entities are also exempt from federal
and state income tax and do not need to include a return

on equity in the revenue requirement. Unlike municipal



utilities, however, cooperatives cannot issue tax-exempt debt.
Cooperatives do have flexibility to offer other services to their
customers, such as broadband internet, appliance sales and
repair, and contract billing and collection. Many cooperatives
operate in areas with limited alternatives, and they tend to
have good relationships with their member customers. An in-
creasing number of electric cooperatives are building on these
assets by entering the solar installation and maintenance
field. In most states, cooperatives are entirely self-regulated,
with a board being elected by the members. About 16 states
regulate cooperatives, often less rigorously than they regulate
10Us (Deller, Hoyt, Hueth and Sundaram-Stukel, 2009, p. 48).
This is because any “profits” remain with the member-owned
cooperative and members can affect decision-making through

board elections.

3.2.2 Vertically Integrated Versus
Restructured

Vertically integrated utilities have very different cost
structures than utilities in states where the electricity
industry has been restructured. Vertically integrated utilities
provide complete service to customers, including generation,
transmission and distribution service, and their mix of re-
sources and cost elements can be extensive. Generation costs
may include utility-owned resources, long-term contract
resources, short-term contract resources, storage resources,
and spot market purchases and sales. Transmission costs may
include resources that are utility-owned; jointly owned with
other utilities; owned by transmission companies purchased
on a short-term or long-term basis; or purchased through
long-term arrangements with an independent system
operator (ISO), regional transmission organization (RTO),
federal power marketing agency (e.g., the Bonneville Power
Administration in the Northwest and the Tennessee Valley
Authority in the Southeast) or other transmission entity.

For regulated utilities in restructured states, some
of these cost elements will be missing. In most cases, the
regulated utility will not own any generation assets. The
regulated entity may serve certain functions with respect to
power supply, such as the procurement of default service

(also called standard service offer) for customers who do not
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choose a non-utility retail electricity supplier. However, these
costs should be kept out of the cost of service study and cost
allocation process and recovered within default power supply
charges or as fees to retail electricity providers. In some
restructured states, the regulated utilities still own certain
types of transmission as a part of the regulated entity, which
is subject to the traditional cost allocation process. In other
states, transmission assets have been completely spun off into
other entities. In many cases, the regulated utility is allowed
to include these transmission costs as an allowed operating
expense in determining the revenue requirement.

Depending on the mix of assets the regulated utility
owns and the assets and operations of the larger holding
company, which could span multiple states and even multiple
countries, more complex jurisdictional allocation work may
be necessary. The principles for jurisdictional allocation of
generation and transmission, as well as billing and customer
service, general plant and A&G expenses, are similar to those
used for class cost allocation but do not have to be the same.
Distribution investment costs generally are assigned to the
jurisdiction where the facilities are located. Jurisdictional al-
location is typically done as a part of the revenue requirement

process and does not flow into the cost allocation process.

3.2.3 Range of Typical Utility Structures
Between the different ownership models and the mix

of assets owned, there are dozens of different utility struc-

tures across the country. However, certain models are more

common in particular areas:

«  Nearly all IOUs outside of the restructured states are
vertically integrated, owning and operating generation,
transmission and distribution systems and billing
customers for all of these services. Some municipal and
public power entities are also vertically integrated, as well
as a handful of large cooperative utilities.

»  Generation and transmission (G&T) utilities own and
operate power plants and often transmission lines, selling
their services to other utilities (especially distribution
utilities) and sometimes a few large industrial customers.
A large portion of cooperative utilities are served by G&T

cooperatives, typically owned by the distribution co-ops.



Several states have municipal power joint action agencies
that build, buy into or purchase from power plants and
may own or co-own transmission facilities. Many 10Us
provide these services to municipal and cooperative util-
ities but are predominantly vertically integrated utilities
serving retail customers.

Flow-through restructured utilities operate distribution
systems but do not provide generation services, leaving
customers to procure those from competitive providers.
Since generation prices are either set by a retail supplier
in an agreement with a specific customer or determined
by class from the bids of the winning suppliers in util-
ity procurements for default service, generation cost
allocation is not normally a cost of service study issue for
these utilities.

Distribution utilities own and operate their distribution

systems but purchase generation and transmission
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services from one or more G&T cooperatives, federal
agencies, municipal power agencies, merchant generators
or vertically integrated utilities or through an organized
market operated by an ISO/RTO. Outside of restructured
states, most distribution-only utilities are municipals or
cooperatives. The cost allocation issues for these utilities
are similar to those for vertically integrated utilities,

with the complication that the loads driving the G&T
costs may be different from the loads used in setting the
charges to the distribution utility.

Some transmission companies solely own and operate
transmission systems, generally under the rules set by an
RTO. Their charges may be incorporated into the retail
rates of distribution and flow-through utilities. In many
cases, these transmission companies are subsidiaries

of larger holding companies that own other electricity

assets.
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4. Past, Present and Future
of the U.S. Electric System

hapter 3 described the basic elements of the electric
system in the United States today, but these
elements developed out of a 130-year history of
twists and turns based on technology, fuels, regulations and
even international relations. Understanding the basics of
these developments and how and why today’s system was
formed is relevant to several important cost allocation issues
discussed later in this manual. With respect to cost allocation,
four primary results of these changes are worth noting:
» A shift from fuel and labor costs to capital costs.
o The transition of new generation to non-utility
ownership.
«  Significant levels of behind-the-meter distributed energy
resources (DERs), including rooftop solar.
«  Significant increases in the availability, quality and

granularity of electric system data.

4.1 Early Developments
Electricity generation and delivery started in the late

19th century with three essentially parallel processes:

o Privately owned companies built power plants and
delivery systems in cities and near natural generator
locations, starting with small areas close to the plants.

o Industrial plants built their own generation and
connected other customers to use excess capacity.

*  Municipalities set up their own systems, sometimes
starting with the purchase of a small private or industrial
facility, to serve the population of the city or town.
Initially, these utilities operated without regulation and

competed with other fuels, such as peat, coal and wood,

which were locally supplied. Municipalities had internal
processes to set prices, but private utilities were able to charge
whatever prices they wished. In this initial period, some cities

did impose “franchise” terms on them, charging fees and

establishing rules allowing them to run their wires and pipes

Figure 13. Pearl Street Station, first commercial power
plant in the United States

over and under city streets. Multiple utilities emerged in
some cities and competed against one another, which led to
the building of duplicative networks of wires in many areas.
These duplicative networks were aesthetically displeasing and
considered by many to be economically wasteful. Relatively
quickly, however, the natural monopoly characteristics led

to the bankruptcy of many utilities or acquisition by a single

dominant firm in each city.
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5. Key Common Analytical Elements

everal key analytical processes and decisions must be

made regardless of the overall framework and specific

methods used for cost allocation. These common
analytical elements include:

«  Cost drivers: What are the key factors that lead different
types of costs to be incurred?

»  Determining customer classes: How many classes of
customers should be categorized separately, and how is
each class defined?

«  Load research and data collection: What are the key
patterns of load, delivery and generation that need to
be recorded and analyzed? For any key data that are
not tracked comprehensively, is sampling or another
approach used?

In any individual rate case, these issues may not be
litigated at great length, and many or all parties may rely

on past practices and precedent. But the decisions made on

these issues historically by each public utility commission can

have important consequences in the present, particularly as
changes to technology and the regulatory system undermine

the basis of past assumptions.

5.1 Cost Drivers

Effective cost allocation and rate design require the

identification of central cost causation factors, or cost drivers.

Within these processes, it is important to identify relatively
simple metrics (e.g., energy use in various periods, demand
at various times, numbers of customers of various types) that
can be associated with the various customer classes. The cost
allocation process, by its nature, approximates cost responsi-

bility and is not a tool of exceedingly precise measurements.

One crucial underlying reality is that customers use
electricity at different times, leading to the concept of load
diversity. Load diversity means the shared portions of the
system need to be sized to meet only the coincident peak
(CP) loads for combined customer usage at each point
of the system,? rather than the sum of the customers’
noncoincident peak (NCP) loads.>4 This diversity exists on
every point of the system:

«  Customers sharing a transformer have diverse loads.

« Loads along a distribution feeder circuit have diversity.

«  Multiple circuits on a substation have diversity.

o The substations served by a transmission line have load
diversity.

o Individual utilities in an 1SO territory or regional
transmission interconnection have diversity.

Diversity of load means the actual electricity system
is significantly less expensive than a system that would be
built to serve the sum of every customer’s individual NCP.
Holding peak load for a customer constant, this also means
that a customer with load that varies over time is effectively
much cheaper to serve than a customer that uses the same
peak amount at every hour. The former customer can share
capacity with other customers who use power at other times,
but the latter cannot.

Another important reality is that the accounting category
to which a cost is assigned does not determine its causation.
An expense item may be due to energy use, peak demands
or number of customers; the same is true for capital invest-
ments. Capital costs and other expenses that do not vary with
short-run dispatch changes are referred to as fixed costs by

some analysts, and some cost of service studies assume that

23 As explained throughout this section, the critical coincident peak load may
be a single peak hour but more typically is some combination of loads over
multiple hours.

24 Several other terms are used for individual customers’ noncoincident
peak demand, including “undiversified maximum customer demand.”
Unfortunately, both “NCP" and “maximum customer demand” can also be

used to refer to various class peaks, particularly when used with modifiers.
This manual will use “customer NCP" to refer to individual customer peaks
and “class NCP" to refer to aggregated peaks by class, often specifying
the level of the system for the relevant class NCP. Class NCP is sometimes
referred to as the maximum class peak, maximum diversified demand or
other similar terms.



these notionally fixed costs cannot be driven by energy use.
As discussed in the text box on pages 78-79, this assumption
is incorrect. Utilities make investments and commit to “fixed”
expenses for many reasons: to meet peak demands, to reduce
fuel costs, to reduce energy losses, to access lower-cost energy
resources and to expand the system to attract additional
business. As a result, this manual will use the phrase “dispatch
O&M costs” to reflect operations and maintenance costs that
vary directly with generation output and “nondispatch O&M
costs” for O&M costs that are incurred independently of

output levels.

5.1.1 Generation
There are several different categories of generation costs,
with different lengths of time for the commitment. Depend-
ing on the technologies in question, long-term capital costs,
nondispatch O&M costs and per-kWh fuel costs are substitut-
able — that is, a wind generator with a battery storage system
involves more capital cost and lower operating cost than a
natural gas combustion turbine unit with the same output.
The longest-lived category of generation costs is capital
investment in generation facilities, which are often depreci-
ated on a 30-year timeline and can last even longer. Once the
investment is made, the depreciation expense typically will
not vary over that time. Of course, a generation facility can
be permanently shut down (retired), temporarily shut down
(mothballed) or repurposed before the depreciation period is
over. Different costs and benefits may be incurred for each of
these three options. It is also possible for a plant’s life to be
recalculated at some point, with an appropriate change in the
depreciation schedule and the annual depreciation expense.
There can be significant capital investments and nondis-
patch O&M costs that are incurred on an annual or monthly
basis, which may not vary directly with the numbers of hours
the facility operates. There are also capital investments that
are driven by wear and tear, rather than the passage of time.?
The shortest-term variable costs for utilities are mostly
fuel costs and the portions of power purchases that vary

with energy taken. In addition, some O&M costs are usually
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considered variable with output: the costs of some consum-
able materials (especially for pollution control equipment),
as well as the costs of replacements (such as lubricants and
filters) and overhauls that are required after a specified
amount of output, equivalent full-load hours of operation or
similar measures.2®

In many cases, utilities classify costs based on account-
ing data and administrative convenience, rather than the
underlying reasons why the costs were incurred and why any
capital investments are still part of the system. For example,
utilities may treat some O&M and interim capital additions
as variable and energy-related for one set of purposes, such as
rate design or evaluation of potential generation resources,
but treat the same costs as demand-related for cost allocation
purposes for simplicity. Cost of service studies are normally
driven primarily by accounting data that do not readily
differentiate dispatch O&M costs from nondispatch O&M
costs and capital additions.

Similarly, other costs, such as pollution controls and ash
handling and disposal at coal plants, include significant long-
run investments that were specifically incurred to support the
energy generation process and generally should be treated as
energy-related. These investments would not be needed or
would be less costly either if the plant were run less often or if

the fuel were less polluting.

Short-Run Variable Generation Costs

The short-run variable cost of power generation is
typically straightforward, primarily entailing a mix of fuel
costs, dispatch O&M costs for utility-owned generation and
purchased power. As a result, the drivers of these costs are
typically fuel prices, market prices for energy and any ongoing
contracts the utility has. Utilities can hedge the risk of short-
term energy generation costs through a wide range of means,
including futures contracts for fuel and power.

The short-run variable costs of some generation facili-
ties, including storage and dispatchable hydro, are very low.
Storage facilities require the operation of other resources

(which may well have variable costs) to charge them. Dispatch

25 These costs are comparable to tire replacements that are caused by wear
and tear closely correlated with miles driven.

26 These costs are comparable to the costs of automotive oil changes and
routine services that are the consequence primarily of miles driven.
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Figure 17. Summer peak day load from 10 residential customers on one line transformer
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same time as the 4 p.m. coincident peak for the group, and the
coincident peak is only 86% of the sum of the individual peaks
on this day. Furthermore, although not shown in this figure,
this coincident peak is only 64% of the sum of the annual non-
coincident peaks for the individual customers. It is important
to note that a group of 10 residential customers is often less
diverse than the combined loads from multiple customer
classes, which determine the need for substation and genera-
tion capacity upstream of the final line transformer.

It is important to note that the load exceeds 50 kVA for
only three hours and is below 40 kVA for 18 hours of this
summer peak day. Referring back to Figure 16, under these
circumstances, a 50-kVA transformer would likely be adequate
to serve this load, because the overload is for only a short
period. By contrast, the sum of the maximum noncoincident
peak loads of the 10 customers is more than 9o kVA.

A large portion of the distribution investment is driven
primarily by the need to serve a geographical region. Once a

decision is made to build a circuit, the incremental cost of

Source: Confidential load research sample

connecting additional customers consists mostly of addi-
tional line transformers (if the new customer is isolated from
others) and secondary distribution lines. This is true even if
those investments may serve multiple customers, particularly
in urban and suburban areas. These shared facilities are
largely justified by the total revenues of the customers served,
not the peak load or number of customers. A particular
transmission line, substation or feeder to serve an area could
be justified by a single very large load, a small number of large
customers or a large number of very small customers.

Nearly every electric utility has a line extension policy
that sets forth the division of costs incurred to extend service
to new customers. Typically, this policy provides for a certain
amount of investment by the utility, with any additional in-
vestment paid for by the new customers. These provisions are
intended to ensure that new customers pay the incremental
cost of connecting them to the system without raising rates
to other customers. For most utilities, there is no correspond-

ing credit where new service has a cost that is lower than the
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Table 4. Cost drivers for distribution

Purpose

Type

Substations

Primary circuits

Line transformers
Secondary service lines

Meters: Traditional Measuring usage

Meters: Advanced Multiple functions
average embedded cost of service, a circumstance that results
in benefits to the utility and other ratepayers.

The final components in the distribution system are
meters, typically installed for all residential and general
service customers but not for very predictable loads like
traffic signals or streetlights. How to classify the cost is a
matter of debate. On one hand, a meter is needed because
usage levels vary from customer to customer and month to
month, a theoretically usage-related cost. But on the other
hand, one meter is needed for every metered customer, and
meter costs do not typically vary from customer to customer
within a class. In addition, smart meters entail both higher
direct investment costs and back office investments but
provide generation, transmission and distribution system
benefits by allowing more precise measurement and
control of local loads and more accurate assignment of
peaking capacity requirements. Lastly, the cost of current
transformers and potential transformers necessary to meter
large customers should be included as part of their metering
costs — an issue common between embedded and marginal
cost methods.3? Table 4 summarizes cost drivers in the

distribution system.

5.1.4 Incremental and Complementary
Investments

Good economic analysis should distinguish properly
between complementary or alternative investments, which
substitute for one another, and incremental investments,
which add costs to the system.

Customers receive service at different voltages and with

Power at all hours; capacity for high-load hours
Power at all hours; capacity for high-load hours
Power at all hours; capacity for localized high-load hours

Power at all hours; capacity for localized high-load hours

Maintenance
costs

Investment-
related costs

High Low
High Low
Medium Low
Medium Low
Low Low
Medium Low

different types of equipment. Most of the distinctions among
types of equipment represent alternative or complementary
methods for providing the same service. For example,

various primary distribution feeders operate at 4 kV, 13 kV

or 25 kV and may be overhead or underground construction,
depending on load density, age of the equipment, local
governmental requirements and other considerations.
Although the power flowing from generation to a customer
served at 25 kV may not flow over any 4-kV feeder, the 4-kV
feeders serve the same function as the 25-kV feeders and (in
places in which they are adequate) at lower cost.3 Serving
some customers at 4 kV and spreading the feeder costs among
all distribution customers does not increase costs allocated

to the customers served directly from the 25-kV feeders;
converting the 4-kV feeders to a higher voltage would likely
increase costs to all distribution customers, including those
now served at 25 kV. In this situation, all the feeders should be
treated as serving a single function, and all their costs should
be allocated in the same manner.

Similarly, most customers served by single-phase primary
distribution are served with that configuration because it is
cheaper than extending three-phase primary distribution,
which they do not require because of the nature of their

loads.

32 Current transformers reduce the amperage so a meter canread it.
Potential transformers reduce the voltage for meter reading (Flex-Core,
n.d.).

33 Conversely, the 4-kV supply to some customers is from transformers fed
directly from transmission without using the 25-kV system.
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On the other hand, some distinctions in voltage level
represent incremental investment:

»  Most customers served at distribution voltages cannot take
service directly from the transmission system. Even if a
transmission line runs right past a supermarket or housing
development, the utility must run a feeder from a distri-
bution substation to serve those customers. Distribution
in its broadest sense is thus principally an incremental
service, rather than an alternative to transmission, needed
by and provided to some customers but not all.34

»  Similarly, most customers who take service at secondary
voltage have a primary line running by or to their prem-
ises yet cannot take service directly at primary voltage.3
The line transformers are incremental equipment that
would not be necessary if the customers could take
service at primary voltage 3¢
These incremental costs should be functionalized so that

they are allocated to the loads that cause them to be incurred,

while each group of complementary costs (such as various
distribution voltages) generally should be treated as a single
function and recovered from all customers who use any of the
alternative facilities.

In other situations, distinguishing between incremental
and complementary costs can be more complicated. Exam-
ples include the treatment of transmission equipment at
different voltages and the treatment of secondary poles. Many
embedded cost of service studies treat subtransmission as
an incremental cost separate from transmission and charge
more for delivery to customer classes served directly from
the subtransmission system or from substations fed by the
subtransmission system. For the most part, utilities use lower
transmission voltage where it is less expensive than higher

voltages, either due to the lower cost of construction relative
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to the total load that needs to be served by the line or the
happenstance that the subtransmission line is already in
place. If it is less expensive to serve customers with the lower
voltage, it would be inequitable to charge them more for
being served at that voltage.

Similarly, distribution poles carrying only secondary
lines are less expensive than poles carrying primary lines. 1f
a customer served by a secondary-only pole had to be served
at primary voltage instead, the primary pole would be more
expensive, and that higher cost would almost certainly be al-
located to all distribution customers. Secondary poles (unlike
line transformers and most secondary lines) are lower-cost

alternatives to some primary poles.37

5.2 Determining Customer
Classes

In addition to administrative simplicity, the purpose of
separating customers into broad classes flows from the idea
that different types of customers are responsible for different
types of costs, and thus it is fairer and more efficient to charge
them separate rates. One set of rates for each customer class,
based on separate cost characteristics, is the key feature of
postage stamp pricing for electric utilities. As a result, it is
very important to determine appropriate customer classes
with different cost characteristics at the outset of a cost of
service study. The number of classes will vary from utility to
utility and may vary depending on the costing methodology
being used. In addition to equitable cost allocation, different
rate structures are often used for different rate classes. For
example, residential customer classes generally do not have
demand charges today, but most large industrial classes do.
This means that decisions regarding the number and type

of customer classes can also have rate design implications,

34 Insome cases, a distribution substation and feeder can bring service
to customers that would otherwise be served by an extension of the
transmission system at higher cost. Identifying and accounting for
that limited complementary service is probably not warranted in most
embedded cost of service study applications.

35 Another way of looking at this relationship is that secondary customers are
those for whom providing service at secondary has a lower total cost than
providing service at primary. Sharing utility-owned transformer capacity is
less expensive than having each customer build its own transformer. See
Chapter 11 for a discussion of primary and secondary distribution and their
allocation.

36 Although most networked secondary conductors parallel primary lines
and are incremental to the primary system, a limited number of secondary
conductors extending beyond the primary lines are complementary,
because they avoid the need to extend primary lines.

37 Similarly, a portion of the secondary lines replaces primary lines. If the
customers that can be served with secondary poles required primary
service, the utility would need to extend the primary lines rather
than secondary lines. Hence, a portion of the secondary lines is also
complementary to the primary system, rather than additive.



although this is not necessarily permanent.

Most utilities distinguish among residential customers,
small commercial customers, large commercial customers,
industrial customers and street lighting customers. The
commercial and industrial classes often are collectively termed
general service rate classes. In many cases, general service cus-
tomers are categorized by voltage levels. Customers served at
primary distribution voltage generally do not use, and should
not be allocated, costs of secondary distribution facilities, and
customers served at transmission voltage generally do not use,
and should not be allocated, costs of distribution facilities.
Many utilities also separate general service classes with even
greater granularity than using simple voltage criteria.

One area where utility practices can vary significantly is
whether there is more than one residential class or, alterna-
tively, multiple residential subclasses. Some utilities separate
out residential customers based on a measure of size, such
as peak demand or energy use. This can be significant in
jurisdictions that categorize farms or large master-metered
multifamily buildings as residential in a formal sense. Some
jurisdictions also create separate classes based on the usage of
specific technologies like electric resistance heating. In some
jurisdictions, low-income discount customers are treated as a
separate rate class.

The creation of multiple residential classes or subclasses
is typically justified on cost grounds. There are inarguably
many cost distinctions among different types of residential
customers, and simple postage stamp cost allocation and
rate structures may not capture many of those distinctions.
Regulators and utilities have long analyzed the causes of such
differences, which vary widely across the country. Some of
the distinctions are based on technology (or, more accurately,
as a proxy for the load impacts of certain technologies), such
as electric space heating, electric water heating, solar or other
distributed generation and even electric vehicles. Other
distinctions are based on the characteristics of service. Those
with relatively large impacts on cost allocation include:

«  Single family versus multifamily.
«  Urban (multiple customers per transformer) versus rural

(one customer per transformer).

«  Overhead service versus underground service.
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A word of caution is appropriate here. With respect to
technology-driven class characteristics such as electric space
heat, water heat, vehicles or solar installations, singling out
customers based on technology adoption has serious practical
and theoretical downsides. Furthermore, addressing one
minor cost distinction is likely not fair or efficient if several
other major cost distinctions, such as those listed above, are
not addressed. It is wiser to consider multiple customer and
service characteristics simultaneously to create technology-
neutral subclasses for both cost allocation and rate design
purposes.

To begin, electric space heating customers are likely
to have different load characteristics from the nonheating
customers, with significantly more usage and a different
daily load shape in the winter. For a winter-peaking system,
this could mean that electric heating customers should
be allocated proportionately more costs. Conversely, in a
summer-peaking system, electric heating customers should be
allocated proportionately fewer overall costs. However, this
issue, which is essentially a question of a potential intraclass
cross-subsidy between types of residential customers, can
also be addressed through changes to rate design. Seasonally
differentiated rates, if based appropriately on cost causation,
can achieve the same distributional impact as separate rate
classes for heating and nonheating customers while bringing
additional benefits from the improved efficiency of pricing.

The creation of an electric heating rate class can have
other implications. In regions where electric heating custom-
ers are disproportionately low-income, this decision also has
significant equity implications. There can also be environ-
mental repercussions to this choice. Concerns would arise,
for example, if electric heating rates promote use of gas and
coal in power plants to replace direct burning of gas on-site
for heating, which historically was often more efficient on a
total energy basis. Recent developments in efficient electric
heating, particularly air and ground source heat pumps, may
have switched the valence of these questions. In certain areas,
higher-income customers may be disproportionately adopt-
ing efficient electric heating. And the new electric technolo-
gies may now be significantly cleaner and more efficient than

on-site combustion of natural gas, particularly if powered by
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zero emissions electric resources. A seasonal and time-varying
cost study and time-varying rates may enable appropriate cost
recovery without need for a separate class.

Several states have considered creating a separate rate
class for customers with solar PV systems. Because solar
customers may have different usage patterns than other
customers, this is reasonable to investigate. However, it is
not clear that there is a significant cross-subsidy to address,
particularly at low levels of PV adoption. Current rate design
practices for solar customers in many jurisdictions — such
as net metering using flat volumetric rates, monthly netting
and crediting at the retail rate — are fairly simple. These
rate design practices could be improved significantly over
time and integrated with broader rate design reforms. For
example, a time-varying cost study would allow the creation
of more granular time-varying rates so that solar customers
pay an appropriate price for power received during nonsolar
hours and are credited with an appropriate price for power
delivered to the distribution system during solar hours. This
would include changes to netting periods, which would reveal
more information about how a solar customer actually uses
the electric system.

In terms of rate classes for specific technologies, some
utilities separate out customers with electric water heating as
a proxy for a flat load shape and the potential for load control.
In the future, some utilities may seek to make electric vehicle
adoption a separate rate class as a substantially controllable
load with distinct usage characteristics. However, these
technologies may not need consideration as a separate rate
class, particularly given efforts to improve the cost causation
basis of rate design more generally. Again, time-varying rates
will appropriately charge customers with peak-oriented loads
and appropriately benefit customers with loads concentrated
in low-cost hours or controlled into those hours.

Some utilities have implemented separate rate classes
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for single-family and multifamily residential customers.

There are many reasons to believe that the cost of serving

multifamily buildings is substantially lower than serving

single-family homes on average:

«  Shared service drops.

« Increased diversity of load for line transformers and sec-
ondary distribution lines, enabling more efficient sizing.

»  Reduced cost of distribution per customer, since no
distribution lines are required between customers in the
building 38

»  Reduced coincidence with both summer and winter peak
loads because common walls reduce space conditioning
use relative to single-family units of the same square
footage, and because lighting and baseload appliances such
as refrigerators and water heaters (if electric) are a larger
percentage of loads for units with fewer square feet.

»  Reduced need for secondary distribution lines in cases
where the multifamily building can be served directly
from the transformer.

«  Reduced summer peak coincidence if space cooling is
provided through a separate commercial account for the
building, rather than as part of the individual residential
accounts.

o Reduced costs of manual meter reading, where still
applicable.

There may be countervailing considerations in some
service territories, such as if multifamily buildings are served
by more expensive underground service and single-family
buildings are served with cheaper overhead lines. A similar
set of considerations may cause some utilities to disaggregate
customers by geography, such as those residing inside and
outside city limits.3% Customers in deeply rural areas tend
to be more expensive to serve, since they typically are too
far from their neighbors to share transformers, require a

long run of primary line along the public way, and generally

38 This distinction is important where some distribution costs are classified
as customer-related. In those situations, each multifamily building (rather
than each meter) should be treated as one customer, as would a single
commercial customer of the same size and load.

39 For example, Seattle City Light, a municipal utility, has two rate schedules
for most commercial and industrial classes within the city: one for the
highly networked higher-cost underground system in the urban core,

and another for the balance of the city, plus separate higher rates for the
adjacent cities and towns where it provides service. Compare Schedules
MDC, MDD, MDS and MDT at Seattle City Light (n.d.). The city of Austin,
Texas, also applies different rates to customers outside the city limits
(Austin Energy, 2017). In many places, cities impose franchise fees or
municipal taxes that make customer bills inside cities higher than those
outside cities, even though the cost data may suggest the opposite is more
equitable.
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have higher unit costs related to lower load per mile of
distribution line.4°

Analysts may want to employ a simple standard for
deciding when to divide a subclass for analytical purposes,
based on whether the groups are large enough and distinct
enough to form a separate class or subclass. One such
guideline might be that, if more than 5% of customers or
5% of sales within a class have distinct cost characteristics,
differentiation is worth considering. If fewer than that,
although the per-customer cost shifts may be significant, the
overall impact on other customers will likely be immaterial.
If 2% of the load in a class is paying 20% too much or too
little, for example, other customers’ bills will change only
0.4%. But if 15% of the load is 20% more or less expensive,
the impact on other users rises to 3%. The trajectory of these
impacts over time can also be relevant.

Although improved distributional equity from additional
rate classes is a laudable goal, and indeed advances the prima-
ry goal of cost allocation, there are countervailing consider-
ations that may dictate keeping the number of rate classes on
the smaller side. First, there are administrative and substan-
tive concerns around adding rate classes, both in litigation at
state regulatory commissions and in real-world implementa-
tion. Some potential distinctions among customers may be
difficult to implement because they involve subjective and
potentially controversial determinations by on-the-ground
utility personnel. In creating new distinctions, regulators,
utilities and stakeholders must all have confidence that there
are true cost differentials between the customer types and
that there will be little controversy in the application of the
differentials. Some analysts object to customer classes based
on adoption of particular end uses, although this may serve as
a proxy for significantly different usage profiles. Furthermore,
some utilities and parties in a rate case may propose rate
classes that effectively allow undue discrimination. If the
proper data aren’t available to scrutinize such claims, either
publicly or for parties in a rate case, then this may allow an
end-run around one of the significant motivations for postage
stamp pricing: preventing price discrimination.

Lastly, as described above for electric heating and solar

PV customers, rate design changes can also address certain
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cross-subsidies within customer classes in a relatively
straightforward manner that also provides additional effi-
ciency benefits. In principle, perfectly designed time- and
location-varying pricing for all electric system components
and externalities, applied identically to all customers, could
eliminate the need for customer classes and cost allocation
entirely while providing perfectly efficient price signals. This
is unlikely to be the case for the foreseeable future but illus-
trates the conceptual point that an efficient improvement to
rate design may be a strictly preferred option compared with
the creation of a new rate class. For example, certain types of
customers could be put on technology-neutral time-varying
rates on an opt-out or mandatory basis, such as customers

with storage, electric vehicles or distributed generation.

5.3 Load Research and
Data Collection

Any cost of service study, as well as rate design, load
forecasting, system planning and other utility functions,
depends heavily on load research data. Cost allocation, in
particular, requires reasonably accurate estimates for each
class or group distinguished in the analysis, the number
of customers, their energy usage (annual, monthly and
sometimes more granular time periods), their kW demand at
various times and under various conditions, and sometimes
more technical measures such as power factor. The key
principle is that there is diversity among customers in each
class, meaning the consumption characteristics for the
group are less erratic than those of any individual customer.
Load research is the process of estimating that diversity.

At the very least, these data must be available by class
across the entire system. For some applications, these data
are useful and even essential at a more granular level, such as
for each substation, feeder or even customer. Ideally, the cost
of service study would be able to draw on information about
the hourly energy usage by class, as well as the contribution
of each class to the sum of the customer contributions to

the maximum loads across the line transformers serving the

40 These factors may be offset by the utility’s policy for charging new
customers for extending the distribution system, as discussed in
Section 11.2
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class, the feeders serving the class, the substations serving

the class and so on. Modern AMI and advanced distribution
monitoring systems, if properly configured, can provide those
data. Some utilities now routinely collect interval load data at
each level of the system, while others are starting to acquire
those capabilities.

The data needed for different cost allocation frameworks
and methods can vary greatly, and it is difficult to generalize
because of this. But at a high level, embedded cost techniques
rely on one year of data or the equivalent forecast for one
year. For many inputs, marginal cost techniques often rely
on multiple years of data in order to estimate how costs are
changing with respect to different factors over time. Different
data may be needed for each step of the process, starting
from the functionalization of costs down to the creation
of allocation factors, or allocators, to split up the costs to
customer classes.

Where the utility’s metering and data collection do not
directly provide comprehensive load data for all customers
and system components, two options are available. The first
and generally preferable option is sampling. Most investor-
owned and larger consumer-owned utilities install interval
meters specifically for load research purposes on a sample
of customers in each class that does not have widespread
interval metering.4' The number and distribution of those
meters should be determined to provide a representative
mix of customer loads within the class (or other subgroups
of interest) and to produce estimates of critical values (such
as contribution to the monthly system peak load) that reach
target levels of statistical significance.4? These samples are
typically a few hundred per class in order to meet the PURPA
standard. Second, some smaller utilities borrow “proxy data”
from a nearby utility with similar customer characteristics

and more robust load research capabilities. Class load data
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are usually publicly available for regulated utilities. Neither

sampled load nor proxy load will provide the precision of

comprehensive interval metering, but they can provide
reasonable estimates of the contribution of the group to
demand at each hour, enabling development of cutting-edge
techniques such as time-specific allocation methods.

Different elements of load research data are relevant in
the creation of allocation factors for different parts of the
system. For example:

«  Most residential customers may be served through a
transformer shared with other residential, commercial
and street lighting customers, so the allocation of
transformer costs to each class should ideally be derived
from their contribution to the high-load periods of each
such transformer.

«  Some residential customers are served from feeders that
peak in the morning and others from feeders that peak in
midday or the evening; some of those feeders may reach
their maximum load or stress in the summer and others
in the winter. The sum of the class contribution to the
various peak hours of the various feeders determines the
share of peak-related costs allocated to the class for this
portion of the distribution system.

o At the bulk power level, all customers share the gener-
ation and transmission system, and the diversity of all
usage should be reflected, whether at the highest system
hour of the year (a method known as 1 CP, for coincident
peak), the highest hour of each month (12 CP) or the
highest 200 hours of the year (200 CP), all on-peak
hours, midpeak hours and off-peak hours, or any other
criteria relevant for allocation.

Table 5 on the next page shows illustrative load research
data for four customer classes. For the purposes of clear

examples throughout the manual, we adopt the convention

41 Utilities usually have interval meters on customers over some consumption
threshold for billing purposes. Smaller customers may have meters that
record only total energy consumption over the billing period (typically
a month), or both monthly energy and maximum hourly (or 15-minute)
demand, neither of which provides any useful data for allocating time-
dependent costs.

42 In1979, FERC issued regulations to implement PURPA § 133 (16 U.S.C.
§ 2643), which requires the gathering of information on the cost of service.

C.F.R. Title 18, Chapter 1, Subchapter K, Part 290.403(b) established the
requirement, since repealed, that “the sampling method and procedures
for collecting, processing, and analyzing the sample loads, taken together,
shall be designed so as to provide reasonably accurate data consistent
with available technology and equipment. An accuracy of plus or minus 10
percent at the 90 percent confidence level shall be used as a target for the
measurement of group loads at the time of system and customer group
peaks.” See Federal Energy Regulatory Commission Order 48 (1979).
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Table 5. lllustrative load research data

Secondary Primary Street
Residential commercial industrial lighting
Energy metrics (MWhs)
Total 1,000,000 1,000,000 1,000,000 100,000 3,100,000 ]
Total secondary 1,000,000 1,000,000 N/A 100,000 2,100,000
Energy by time period A
Il energy-related
Summer 600,000 650,000 500,000 30,000 1,780,000 costs, including
Winter 400,000 350,000 500,000 70,000 1,320,000 — generation,
. transmission,
Daytime 600,000 700,000 500,000 0 1,800,000 primary distribution
Off-peak 400,000 350,000 500,000 90,000 1,340,000
Midpeak 550,000 600,000 470,000 9,000 1,629,000
Critical peak 50,000 50,000 30,000 1,000 131,000 i
Customer metrics
Line transformers used 20,000 10,000 N/A 20,000 50,000 Transformers, services
Customers 100,000 20,000 2,000 50,000 172,000 Billing
Demand metrics (MWs)
Sum of customer NCP 2,000 1,000 N/A 100 3,100 Input to line
transformers
Class NCP: circuit 400 400 250 100 1,150 Primary distribution
Class NCP: substation 300 300 225 100 925 Substations
System 1 CP 250 300 200 0 750 o
Transmission,
System monthly 12 CP 225 250 175 10 660 generation
System 200 CP 200 240 150 10 600

of a commercial customer class of all general service
customers served at secondary voltage, labeled as “Secondary
commercial,” and an industrial customer class of all general
service customers served at primary voltage, labeled as
“Primary industrial.”

In this illustration, the sum of individual customer
noncoincident peak demands is 3,100 MWs, excluding the
primary industrial class that is not shown in the table.#
However, the coincident peak demand served by the
utility becomes more diverse as we move up the system, a
phenomenon described in more detail in Section 5.1. As a
result, the observed coincident peak demands are lower at
more broadly shared portions of the system. At the highest
level, this illustrative system has a 750-MW coincident peak
demand for the highest single hour, labeled as “System 1 CP.”
In between, the sum of the class NCPs at the circuit level,
labeled as “Class NCP: circuit,” is 1,150 MWs, and the sum
of the class NCPs at the substation level, labeled as “Class

NCP: substation,” is 925 MWs. Customers served at primary

voltage (primary industrial) have no utility-provided line
transformers, and the first level at which their demand is
typically relevant is the circuit level.

The street lighting class is important to note with
respect to the volatility of results. Because this class has
zero daytime usage and a very different (typically completely
stable overnight) load profile than other classes, it is highly
affected by the choice between noncoincident methods and
either coincident or hourly methods. In addition, because
streetlights represent many points of delivery but are typically
located only in places where other customers are nearby, this
class almost never “causes” the installation of a transformer
or the creation of a secondary delivery point but also does

account for a huge number of the individual points of use

43 InTable 5, the sum of customer NCPs for the primary industrial class is
shown as “N/A” because these customers do not use line transformers and
thus this demand metric is not generally relevant to this class. For more
general purposes, we are assuming that the sum of customer NCPs for the
primary industrial class in this illustration is 300 MWs, bringing the overall
total to 3,400 MWs.
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Table 6. Simple allocation factors derived from illustrative load research data

Secondary
Residential commercial

Energy metrics (MWhs)
Total 32% 32%
Total secondary 48% 48%

Energy by time period
Summer 34% 37%
Winter 30% 27%
Daytime 33% 39%
Off-peak 30% 26%
Midpeak 34% 37%
Critical peak 38% 38%

Customer metrics

Line transformers used 40% 20%
Customers 79% 17%

Demand metrics (MWs)
Sum of customer NCP 65% 32%
Class NCP: circuit 35% 35%
Class NCP: substation 32% 32%
System 1 CP 33% 40%
System monthly 12 CP 34% 38%
System 200 CP 33% 40%

Note: Class percentages may not add up to 100 because of rounding.

on the system. Put another way, we all like streetlights near
our homes and businesses, but nearly all of them goin as a
secondary effect of residential or commercial development; a
few are along major highways without a nearby residence or
business, but these are rare.

The next step is generating allocation factors to be used in
the allocation phase of the cost study. For embedded cost stud-
ies, these are applied to the total investment and expense by

FERC account, while in marginal cost studies they are applied

to the calculated unit costs for each type of system component.

Table 6 shows the data above converted to allocation
factors. The only implicit assumption is that the circuit-level
peak demand for the residential class is one-fourth of the
customer NCP demand due to load diversity and that for
the commercial class it is one-half, reflecting lower diversity
of commercial customer usage across the day compared
with residential load. The raw factors are computed simply

by dividing each class contribution to each category by the

Primary Street
industrial lighting Used for
32% 3% 7
N/A 5%
28% 2% All energy-related costs,
38% 5% — including generation, transmission,
28% 0% distribution
37% 7%
29% 1%
23% 1% i
N/A 40% Transformers, services
3% 1% Billing
N/A 3% Input to line transformers
22% 9% Primary distribution (legacy)
24% 11% Substations
27% 0%
27% 2% Transmission, generation
25% 2%

system total, then converting to percentages. For embedded
cost of service studies, this manual recommends the use of
class hourly energy use as a common allocation factor for all
shared system components in generation, transmission and
distribution where the system is made up of components
essential for service at any hour, but sized for maximum
levels of usage, and where the class contribution to that
usage varies. The only one of these factors that is not self-
explanatory is the midpeak factor, which takes both on-peak
and critical peak usage into account, reflecting class usage
in all higher-cost hours. This is illustrative of the probability-
of-dispatch method, in which the likelihood of any resource
being dispatched at specified hours is measured. There is no
diversity of street lighting usage in this example, but little

or no demand imposed at the system peak hours. Customer
weighting factors are typically based on the relative cost of
meters and billing services for different types of customers,

based on complexity.



68 | ELECTRIC COST ALLOCATION FOR A NEW ERA

REGULATORY ASSISTANCE PROJECT (RAP)®

Table 7. Composite allocation factors derived from illustrative load research data

Method Residential

Components

Equivalent peaker 20% system 200 CP/ 32%
80% energy

On-peak 50% midpeak/ 36%

50% critical peak

Average and peak 50% class NCP/ 34%
50% energy

Minimum system 50% customer/ 57%

50% class NCP: circuit
Equivalent peaker 20% delivery points/ 60%

for transformers 80% customer NCP

Secondary Primary Street
commercial industrial lighting Used for
34% 31% 3% Generation,
transmission
38% 26% 1% Peaking
generation
34% 27% 6% Primary
distribution
26% 12% 5% Circuits
(legacy)
30% 0% 11% Line transformers

and secondary
service lines

Note: Class percentages may not add up to 100 because of rounding.

In Table 6, we have calculated allocation factors shown as
a class percentage of each usage metric. In Part 11, we discuss
in what circumstances each of these will be appropriate for
embedded cost of service studies. In many cases, weighted
combinations of these are appropriate. Several commonly
used composite allocation factors are shown in Table 7,

computed by weighting values in Table 6.

Given the wide diversity of utilities and their load
patterns, readers should be careful about overgeneralizing
from these illustrative examples. However, some patterns
will hold true across the board. For example, the minimum
system method will always allocate more costs to classes with
large numbers of customers, at least compared with the basic

customer method.
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Restaurants, theaters and airlines have many costs that can
be characterized as fixed (land, buildings, equipment, a large
share of labor) and vary their unit prices by time of use but
ultimately recover their capital investments and long-term
costs from sales of output. RAP has done extensive analysis
of utility distribution system investment and the relationship
of that investment to the number of customers, peak de-
mands and total kWhs. We found that these costs are roughly

linear with respect to each of these metrics (Shirley, 2001).

Some version of the fixed/variable distinction may have been
close to reality in the middle of the last century. Most utilities
relied primarily on fossil steam plants, using newer, more
efficient plants to serve baseloads and older plants to serve
intermediate and peak loads. The capital costs of each were
not very different. Fuel costs for oil, coal and natural gas were
not very different. And because little was required in terms of
emissions controls, coal plants were not much more expen-
sive than other fossil-fueled plants.>3 By the 1970s, however,
conditions had changed radically. Oil prices rose dramatically,
new coal plants were required to reduce air emissions, and
new generation technologies arose: nuclear, with high capital
and O&M cost but low fuel prices; and combustion turbines,
with low capital and O&M costs but high fuel costs. Utilities
suddenly had a menu of options among generation technol-
ogies, including the potential for trading off short-term fuel
costs for long-term capital investments. Today that menu has
expanded even more and includes storage, demand response,

price-responsive customer load and distributed generation.

As aresult, the fixed/variable distinction has lost relevance
and adherents over the last several decades. For example,
many regulators classify capital investments using methods
that recognize the contribution of energy requirements to
the need for a wide variety of “fixed” costs for generation,

transmission and distribution.>*

53 Insome areas, such as the U.S. Northwest, Manitoba and Québec,
utilities had access to ample low-cost hydro facilities and mostly avoided
construction of thermal generation.

54 These methods are discussed in chapters 9, 10 and 11.
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6.2 Marginal Cost of Service
Studies

The fundamental principle of marginal cost pricing
is that economic efficiency is served when prices reflect
current or future costs — that is, the true value today of
the resources that are being used to serve demand — rather
than historical embedded costs. Advocates for a marginal
cost of service study approach work backward from this
pricing concept to suggest that cost allocation should be
based around marginal costs as well. Critics of marginal
cost methods often point out that this economic theory
is appropriate only when other conditions are present,
including that all other goods are priced based on marginal
costs, that there are no barriers to entry or exit from the
market and that capital is fungible.

This is a very broad concept because it abstracts from
and does not consider both theoretical and computational
issues associated with the development of marginal costs. In
contrast to the static snapshot that is typical of embedded
cost approaches, marginal cost of service studies account
for how costs change over time and which rate class
characteristics are responsible for driving changes in cost.
Importantly, marginal costs can be measured in the short
run or long run. At one extreme, a true short-run marginal
cost study will measure only a fraction of the cost of service,
the portion that varies from hour to hour with usage
assuming no changes in the capital stock. At the other, a
total service long-run incremental cost study measures the
cost of replacing today’s power system with a new, optimally
designed and sized system that uses the newest technology.
In between is a range of alternatives, many of which have
been used in states like Maine, New York, Montana,

Oregon and California in determining revenue allocation
among classes.

There is a strong theoretical link between optimal rate
design and long-run marginal costs. Allocation based on mar-
ginal costs works backward from this premise; because pricing
should be determined on this basis, cost allocation should
as well. In its simplest form, a marginal cost study computes
marginal costs for different elements of service, which can be

estimated using a number of techniques, including proxies,
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regressions and other cost data. Table 11 shows illustrative
marginal costs for different elements of the electric system.

Different marginal cost of service studies may base their
costing on different elements of the system or different
combinations. The categories of costs included in each
element can also be more or less expansive. The estimated
marginal costs are then multiplied by the billing determinants
for each class. This produces a class marginal cost revenue
requirement and, when combined with other classes, a
system MCRR. However, revenue determination solely
on this marginal cost basis will typically be greater or less
than the allowed revenue requirement, which is normally
computed on an embedded cost basis. 1t is only happenstance
if marginal costs and embedded costs produce the same
revenue or even similar levels of revenue. As a result, a
marginal cost of service study must be adjusted to recover the
correct annual amount from the revenue requirement.

Two notable long-run methods are discussed in this
section: the long-run marginal cost approaches advocated
by Lewis Perl and his colleagues at the consulting firm
National Economic Research Associates (NERA) — now
NERA Economic Consulting — and the total service long-
run incremental cost approach.® In the 1980s, during the
PURPA hearing era, many states considered and a few adopted
the NERA method to measuring long-run marginal costs.
California, Oregon, Montana and New York are examples
of states that began relying on this approach to measuring
marginal costs. This methodology generally looked at a 10-year
or longer time horizon to measure what costs would change in
response to changes in peak demand and energy requirements
during different time periods and the number of customers
served (National Economic Research Associates, 1977). One
essential element of this was to define the cost of generation
to meet peak period load growth (peaker units and associated
T&D capacity) as much higher than the cost to meet off-peak
load growth (increased utilization of existing assets). This
approach was influenced by Alfred Kahn’s theoretical focus on
peak load costs and management (Kahn, 1970), and he himself
was associated with NERA for many years.

For generation, one of the theoretical advances that made

marginal cost of service studies attractive when they were
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Table 11. lllustrative marginal cost results by element

Cost

Units per unit

Customer connection Dollars per year $80
Secondary distribution Dollars per kW $40
Primary distribution Dollars per kW $80
Transmission Dollars per kW $50
Generation capacity Dollars per kW $100
Energy by time period

On-peak Dollars per kWh $0.10

Midpeak Dollars per kWh $0.07

Off-peak Dollars per kWh $0.05

first developed in the late 1970s was that generation costs
were made up of capacity and energy costs, but the embedded
plant was not classified to obtain these costs. Marginal
energy costs were based on the incremental operating costs
of the system (discussed in Chapter 18 in more detail), while
capacity costs were the least cost of new capacity (at the time,
typically a combustion turbine). The annualization for the
capacity costs of all types is not based on the embedded rate
of return but on a real economic carrying charge (RECC) rate
that yields the same present value of revenue requirements
when adjusted for inflation.

For transmission and distribution costs in the NERA
method, the marginal costs have typically been estimated
by determining marginal investment for new capacity over
a number of historical and projected years and relating that
investment to changes in some type of load or capacity
measure in kWs. This relationship can be found either
using regression equations (cumulative investment versus
cumulative increase in load over the time period) or by
simply dividing the number of dollars of investment by the
total increase in load over the time period. O&M costs are
generally based on some type of average over a number of
historical and projected years, although obvious trends or

anomalies can be taken into account.

55 Short-run marginal cost approaches are actually much simpler, primarily
varying fuel consumption and purchased power costs, but are applicable
only in a limited number of circumstances.



For customer costs, the same type of arguments over
classification between distribution demand and customer
costs occur as in embedded cost studies. The marginal cost
study needs data on the current costs of hooking up new
customers by class. The method for annualizing the costs is
in dispute (RECC versus a new-customer-only method that
assigns the costs by new and replacement customers). O&M
costs are again typically based on some type of average over
historical and projected years.

The time horizon used for the NERA approach has
proven controversial because it assumed the utility would
install exactly the number of new customer connections and
distribution lines required by new customers (i.e., all cus-
tomer costs are “marginal”) but would consider the adequacy
of existing generation and transmission (which may be
oversized to meet current needs) in determining the need for
additional generation and transmission (meaning only some
G&T costs are “marginal”). Many utilities have used a 10-year
time horizon in this analysis, a period in which many found
substantial excess capacity and, therefore, relatively low costs
to meet increasing power supply needs. In addition, this
methodology, as most often used, treats the cost of increased
off-peak usage as only the fuel and variable power costs
and losses associated with operating existing resources for
additional hours, with no associated investment-related or
maintenance-related cost, despite the reliance on expensive
investments to produce that power.

The combination of these assumptions meant that many
marginal cost of service studies over the last several decades
would come to three basic conclusions:

«  Power supply and transmission costs to meet off-peak
loads were relatively low, due to available excess capacity.

«  Power supply and transmission costs to meet peak load
growth were higher.

»  Distribution costs always grew in lockstep with the
number of customers and distribution demands.

The most serious shortcoming of the NERA methodology
is that if power supply is surplus due to imperfect forecasting,
it assigns a very low cost to power; if it is scarce, the method
assigns a very high cost. Neither of those circumstances

is caused by the action of consumers in any class, but the
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presence of either can shift costs sharply among consumer
classes. Because of this imbalanced result, regulators have
adopted modifications to this methodology to equalize the
time horizon for different elements of the cost of service. For
example, not all customers will require new service drops
and meters over a 10-year period — only new customers and
those whose existing facilities fail. Some states apportion
costs within functional categories, avoiding this problem and
addressing markets with partial retail choice.

In contrast to the NERA approach and other marginal
cost approaches, which start from the parameters and
investments found in the existing system, the total service
long-run incremental cost approach looks at a period long
enough so that all costs truly are variable. This allows for
an estimate of what the system would look like if it were
completely constructed using today’s technologies and today’s
costs. Today, new generation is often cheaper than existing
resources, while the cost of transmission and distribution
continues to rise.

The TSLRIC approach was developed in the context of
regulatory reform for telecommunications (International
Telecommunication Union, 2009). In the 1990s, as telecom-
munication technology advanced rapidly, incumbent local
exchange companies (better known as phone companies)
faced competition from new market entrants that did not have
legacy system costs. These new competitors were able to offer
service at lower cost than the local phone companies. Regu-
lators did not want to discourage innovation but also did not
want existing customers served by the local phone companies
to suffer rate increases if select customers left the system.

The TSLRIC approach constructs a hypothetical system
with optimal sizing of components, with neither excess
capacity nor deficient capacity. It would use the most modern
technology. In the context of an electric utility, it would likely
rely on wind, solar and storage to a greater extent than most
systems today, which would likely lead to lower costs. But it
would also incur the cost of today’s environmental and land
use restrictions, such as the requirement for lower emissions
from generation and undergrounding of transmission and
distribution lines. These requirements have substantial

societal benefits but can also drive up electric system costs.
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One advantage of a TSLRIC study over a NERA-style
study is that no class is advantaged or disadvantaged by a
current surplus or deficiency of power supply or distribution
network capacity, since costs for all classes would be based
on an optimal mix of resources to serve today’s needs. This is
one of the most common critiques of the NERA methodology
— that it favors any class that is served dominantly by the

elements of a system that are in surplus.

6.3 Combining Frameworks

Several jurisdictions require both an embedded and
a marginal cost of service study to support cost allocation
and rate design. As a result, utilities and other parties
may file several studies in the course of a rate proceeding.

A regulator may reasonably use multiple cost studies in
reaching decisions, using multiple results to define a range
of reasonableness. Within that range, the regulator can

apply judgment and all of the relevant non-cost concerns to
determine the allocation of the revenue requirements among
classes. Furthermore, the different types of studies provide
different information that can be used at other stages in the
rate-making process.

One approach is to use embedded cost methods to
determine the allocation of the revenue requirement among
customer classes and then a forward-looking cost method
of some kind to design rates within classes. This applies the
focus of embedded cost studies on equitably sharing the
costs among classes while maximizing the efficiency of price
signals in the actual rates that individual customers face in
making consumption decisions that will affect future costs.
The appropriate form of price signals can also be influenced
by externalities that are not part of the embedded costs for a
regulated utility. For example, many regulatory agencies that
allocate costs among classes on embedded costs have reflect-
ed higher long-run marginal costs in adopting inclining block
or time-of-use rates for customers with high levels of usage
(either because large customers are better able to respond
to price signals or because the larger customers have more
expensive load shapes, such as for space conditioning).

In some situations, regulators will use one costing

method to set rates for existing load while using a different
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method to set rates for new customers or incremental usage.

Some jurisdictions have applied this technique for rate design

within classes — as the foundation for most “economic

development” rate discounts where marginal costs are lower
than embedded costs, as well as for inclining block rates
where marginal costs are higher than embedded costs. In
addition, some jurisdictions have applied this technique
across rate classes, allocating new incremental resources to
specific rate classes. Depending on the trajectory of costs, this
can have two different intended purposes:

«  To provide a foundation upon which to impose on
fast-growing classes the high costs of growth and to
shelter slower-growing classes from these new costs.

«  To provide a foundation to give the benefit of low-cost
new resources to the growing class.

This approach to differential treatment of incremental
resources may be applicable to situations where costs are
being driven by disparate growth among customer classes.
In the 1980s, for example, commercial loads in the U.S. grew
much faster than residential loads, and this technique could
be used to assign the cost of expensive new resources to the

classes causing those new costs to be incurred.

6.4 Using Cost of Service Study
Results

Quantitative cost of service study results should serve
only as a guide to the allocation of revenue responsibility
among classes, not as the sole determinant. Even the best
cost of service study reflects many judgments, assumptions
and inputs. Other reasonable judgments, assumptions and
inputs would result in different cost allocations. Additionally,
loads may be unstable, significantly changing class revenue
responsibility between cost studies, particularly for traditional
studies that base costs on single peak hours in one or several
months. More globally, concepts of equity extend beyond the
cost of service study’s assignment of responsibility for causing
costs or using the services provided by those costs to include
relative ability to pay, gradualism in rate changes, differential
risks by function and class and other policy considerations.

Chapter 27 addresses the many ways in which the results

of cost of service studies can be used to guide regulators.
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7. Key Issues for 21st Century

Cost Allocation

any important cost allocation issues for the

current era are fundamentally different from

those that existed when NARUC published its
1992 Electric Utility Cost Allocation Manual. This chapter sets
forth the changes the industry has experienced and describes
the approaches that may be needed to address those changes
in cost allocation studies.

Inevitably, additional costing issues will emerge and
require recognition in future cost of service studies. The
fundamental considerations are why the costs were incurred
and who currently benefits from the costs. Costs are often
categorized using engineering and accounting perspectives
that are useful for many applications but must not be
allowed to obscure the fundamental questions of causation

and benefits.

7.1 Changes to Technology
and the Electric System

Technological change has affected every element of the
electric system since the studies and decisions that informed
the 1992 NARUC cost allocation manual. These changes
include:

«  Improved distribution system monitoring and advanced
metering infrastructure, leading to new comprehensive
data on the system and customers.

«  Evolution of resource options to include significant
amounts of variable renewables, new types of storage,
energy efficiency and demand response.

»  Significant commitments to DERs behind customer
meters, including rooftop solar and storage.

«  Beneficial electrification of transportation.

»  Changes in fuel prices and the resource supply mix that
have dramatically changed the operating pattern of
various generation resources (addressed in more detail

in Section 7.2).

These changes both enable and require new approaches
in order to efficiently and equitably allocate costs across

customer classes.

7.1.1 Distribution System Monitoring
and Advanced Metering Infrastructure

In the past, customer meters were used solely to measure
usage and render bills. Today, so-called smart meters are
part of a complex web of assets that enable energy efficiency,
peak load management and improved system reliability, in
addition to the traditional measuring of usage and rendering
of bills.

More recently, a number of utilities have used advanced
meters to support demand response and other programs.
Sacramento Municipal Utility District, for example, ran a pilot
program to test the impacts of dynamic pricing and smart
technology on peak load shaving and energy conservation.
Figure 22 on the next page shows how customers in the
program took steps to lower their electricity usage during high-
load, higher-cost hours (Potter, George and Jimenez, 2014).

Smart meters (along with supporting data acquisition
and data management hardware and software) can provide a
number of services that improve reliability and reduce costs
of generation, transmission and distribution.5® Analysts have
identified a wide range of expected and potential benefits.
These include:

«  Reduced line losses.

»  Voltage control.

« Improved system planning and transformer sizing.

o The ability to implement rate designs that encourage
energy efficiency.

»  Reduced peak loads.

« Integration of EVs and renewables.

56 The broader concept of “smart grid” includes distribution (and sometimes
transmission) automation devices such as automatic reclosers, voltage
controls, switchable capacitors and sensors.


















In contrast, another major category of utility EV
programs does raise new questions. Utility expenditures and
investments in support of charging infrastructure are taking a
wide variety of forms, including rebates, additional allowances
for interconnection costs, and direct utility ownership and
operation of end-use charging stations. In most of these
programs, participants are expected to bear some of the costs
of the charging station, either upfront or ongoing, although
a few programs may include full utility ownership and
responsibility for all ongoing costs. Drivers of EVs are certainly
the most direct beneficiaries of these programs, but there are
a wide range of potential benefits for other ratepayers and
society at large. Depending on the perspective, this could
justify a wide range of cost allocation techniques, including:

«  Direct assignment to the customer classes receiving free
or subsidized equipment.%°

»  Allocation to all classes in proportion to class revenues
or energy use to reflect the benefits to each class from
increased sales and reduced average costs.

«  Direct assignment to EV program accounts or a broader
group of identifiable EV customers as program beneficia-
ries.!

These programs are still quite new at the time of
publication for this manual, so many of the important
issues are only beginning to be investigated. This is further
complicated by cross-cutting issues, such as the integration of
energy management programs into utility EV infrastructure
investments and the impacts of cost allocation decisions on
the competitive EV charging market and charging station
providers who do not (or cannot) benefit from utility support.

One logical outcome across these issues could be apply-
ing fully loaded time-varying rates to identifiable EV ac-
counts, which may provide higher incremental revenue than
incremental costs in those hours. This would have the effect
of socializing a substantial portion of EV program costs across

a broader group of ratepayers. This would be consistent
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with efforts to jump-start an infant industry. EV charging
station program cost responsibility could be more directly
concentrated toward EV drivers over time. This could mean
specialized ongoing cost recovery mechanisms, including
direct assignment of identifiable EV-related costs. However,
ajurisdiction that is seeking to accelerate EV adoption would
certainly be free to apply short-run marginal cost-based eco-
nomic development rates to EV charging development while

simultaneously socializing EV program costs to all ratepayers.

7.1.4 Distributed Energy Resources

Over the last decade, DERSs, particularly rooftop solar,
have gained significant traction in many jurisdictions. Many
states adopted net metering rules for rooftop solar and other
eligible technologies in the 2000s.%% The federal government
also established the investment tax credit for commercial and
residential solar systems in 2005, which was thereafter extend-
ed and expanded to other solar applications. Starting in the
late 2000s, costs for solar panels started to drop quickly. These
policies and trends, in addition to a range of additional state
policies and incentives, have created a significant new market
for rooftop solar. As shown in Figure 27 on the next page,
adoption of residential solar accelerated to significant levels in
the mid-2010s, with more than 2 GWs of installations annually
from 2015 through 2018 (Wood Mackenzie Power & Renew-
ables and Solar Energy Industries Association, 2019, p. 20).

Customer-sited adoption of solar can raise several
cost allocation issues. Unlike EVs, distributed solar reduces
customer load. At the macro level, for utilities without
decoupling, this can lead to underrecovery of revenue
and necessitate more frequent rate cases. If adoption of
distributed solar is captured in the load research data, then
cost allocation between rate classes may change over time
depending on the cost allocation techniques used.

The more difficult issue that jurisdictions around

the country have been wrestling with is the possibility of

60 The number of EV program participants in a class, but not the total number
of customers in the class, may be relevant to allocation of the costs.

61 There are a number of potential variants on this. Direct recovery of costs
from a given customer for installation at that customer’s site over time
would act as a financing mechanism for that customer. However, specific
program costs (e.g., a DC fast charger program) could be recovered

through a combination of subsidies from other classes and an ongoing per-
kWh basis from the accounts that participated in that program.

62 The 2005 Energy Policy Act added net metering to the PURPA standards
that each state was required to consider. Pub. L. No. 109-58 § 1251.
Retrieved from https://www.congress.gov/109/plaws/publ58/PLAW-
109publ58.pdf


https://www.congress.gov/109/plaws/publ58/PLAW-109publ58.pdf
https://www.congress.gov/109/plaws/publ58/PLAW-109publ58.pdf
https://www.congress.gov/109/plaws/publ58/PLAW-109publ58.pdf
https://www.congress.gov/109/plaws/publ58/PLAW-109publ58.pdf
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Figure 27. US solar photovoltaic installations
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Source: Wood Mackenzie Power & Renewables and Solar Energy Industries Association. (2019, March). U.S. Solar Market Insight

intraclass cross-subsidies between customers with solar and
those without. Many utilities have proposed special rate de-
signs, changes to net metering rules and separate rate classes
for customers with solar. As always, the threshold issue for
creating a new rate class is whether customers with solar are
having material impacts on the other customers. Some util-
ities and consumer advocates argue that net metering rules
allow customers with solar to pay less than their fair share of
system costs. It is important to quantitatively evaluate these
concerns before making policy adjustments to address them.
To begin, the levels of distributed solar adoption across
the country are quite uneven. While many jurisdictions have
significant levels of adoption, particularly those with either
strong solar resources (such as California and Hawaii) or sup-
portive state policy environments, many other jurisdictions
have low levels of adoption. In jurisdictions with low levels
of adoption, the impacts on other customers are necessarily
quite small. If only 1% of class load is accounted for by dis-
tributed solar, then the worst-case scenario is approximately

1% higher bills for nonparticipating customers, with a strong

likelihood of lower impacts given the offsetting benefits of
solar generation.%

Even in jurisdictions with significant penetration levels
of distributed solar, there have been robust debates about the
existence of significant cross-subsidies and the proper means
to address them. As a general matter, most proposals to
establish separate rate classes for distributed solar have been
denied so far.% Utilities have also proposed higher customer
charges and special demand charges for solar customers,
which have not been widely adopted. However, a variety
of rate design changes have been adopted to better align
compensation with value and reduce the potential for unrea-
sonable cross-subsidies. California has begun to address these
issues by requiring new residential net metering customers
to be placed on TOU rates, a measure that is integrated with
a move toward TOU rates for residential customers more
generally (California Public Utilities Commission, n.d. and
20106). New York’s Value of Distributed Energy Resources
proceeding has set up specialized export credit compensation

for large distributed energy projects, which include values

63 Net ratepayer impacts from solar policies depend on many factors.
In jurisdictions with significant renewable portfolio standard costs or
separate solar incentive programs, these costs can be quite different
thanin jurisdictions where the primary solar compensation policy is net
metering. It is important to distinguish whether costs to nonparticipating
ratepayers are occurring because of the RPS, dedicated solar incentive
programs or net metering policies.

64 The exception to date is Kansas, although separate rate classes for solar
customers have been authorized by legislative action in additional states
(Trabish, 2017). At the time of this writing, this area of policy is rapidly
evolving.
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Figure 28. Substation backfeeding during high solar hours
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for energy, capacity, delivery and environmental externalities
(New York Public Service Commission, 2017). Tensions in
these debates include differentials between short-term and
long-term avoided costs due to distributed generation and
how to consider significant societal externalities such as
greenhouse gas emissions.

Customer-sited storage is another DER that is expected
to grow in importance in the coming decades. Storage can be
used to change the load profile for adopting customers and
even export energy to the grid if the jurisdiction allows it.
Under flat volumetric rates, there is little incentive to manage
energy usage with storage and little risk of unusually signifi-
cant cross-subsidies. However, storage is becoming econom-
ically attractive in many jurisdictions to C&I customers that
have high demand charges. These demand charges may not
be well designed economically, and storage could allow these
customers to lower their bills substantially. More generally,
well-designed time-varying rates and demand charges can
give the proper incentives for energy management through
storage, but poorly designed rates will give customers corre-
spondingly poor incentives.

Lastly, higher penetrations of DERs will raise new issues
around the allocation of local distribution facilities. As more

DERs are added, there will be some systems where primary

Distributed Generation Interconnection Collaborative (DGIC) webinar

or transmission voltage customers receive a portion of their
power from generating facilities located along distribution
circuits. Where this occurs, some provision should be made to
treat a portion of the distribution investment as a generation-
related cost. Figure 28 shows how some distribution
substations may backfeed to the transmission system during
solar hours, even if the solar facilities are sited exclusively

on the rooftops of secondary voltage customers (Hawaiian

Electric Company, 2014).

7.2 Changes to Regulatory
Frameworks
As also introduced in Chapter 4, many new regulatory
issues have arisen since the 1992 NARUC Electric Utility Cost
Allocation Manual, and some older issues have become more
prominent and widespread. These issues include:
o Restructuring and the emergence of organized wholesale
markets and retail competition.
«  Holding company issues due to widespread mergers and
new utility conglomerates.
«  Performance-based revenue frameworks.
»  Proliferation of trackers and riders recovering costs
outside of rate cases.

«  New types of public policy programs.



«  Consideration of differential rates of return in cost
allocation studies.
«  Recovery of stranded costs, assets with changed purposes

and exit fees.

7.2.1 Restructuring
A few issues in cost allocation are specific to restructured

electric utilities and distribution system operators.

Administrative and General Expenses

The most important of these issues may be that A&G
costs become a larger share of total costs. As utilities have
been restructured, not all have trimmed their management
ranks or reduced executive compensation in proportion to
the reduction in gross revenues. Regulators may need to
use utilities that have never had production as proxies to
determine appropriate cost levels to be assigned to distribu-
tion services and the apportionment of that cost. Even for
restructured utilities that do not own generation assets,
there are costs of maintaining involvement in regional power
planning activities, ISO and RTO involvement and NERC
involvement that are more closely related to power supply
than the ownership and operation of a distribution system.
Memberships in various industry organizations may be power

supply-related as well.

Provision of Generation Services

In most states allowing retail competition, the distribu-
tion utility also procures and offers, at cost, a default power
supply service for customers who do not choose an alterna-
tive retail electricity supplier.% These costs normally will not
be included in the cost of service study during a base rate case
because they apply only to an optional service and are set
through a separate proceeding, generally by competitive bid-
ding to supply individual classes based on their historical load

shapes.®® Any costs incurred by the utility to procure these
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services should be recovered through the default service,
without affecting rate case revenue requirements.

Currently, default service is typically offered on a single
residential load profile. We anticipate in the future this will
become more granular,% at least with respect to time of day
and season. This may be done with separate default tariffs for
different subclasses of customers, such as multifamily, electric
heating or electric vehicle owners. Or it may be done more
simply, with a time-varying default service option that applies
the same rates to all customers in each period, resulting in
different average rates to customers with different usage
patterns. A regulator may choose to reconfigure, for retail
pricing purposes, these costs on a time-varying basis; if this
occurs, the rate analyst must track this change into the cost
allocation process.

Some 1SOs (for example, ISO-NE, MISO, PJM) apply
separate capacity charges and energy charges for power
supply delivered to retail providers. Others (such as ERCOT)
have eschewed capacity markets, instead concentrating
on time differentiation of costs on a volumetric basis and
allowing competitive energy prices to rise to levels reflective
of scarcity and the value of lost load.%®

The rate analyst may be in the position of second-
guessing the 1SO pricing, just as has been the case for
natural gas utilities and FERC-approved pipeline charges for
decades. If the ISO has treated some costs as capacity-related
that can be more economically avoided with storage or
demand response within the utility service territory, it may
be appropriate to recharacterize these 1ISO costs as partly

capacity-related costs and partly energy-related costs.

Transmission Costs

In addition to billing for generation capacity and energy
in most cases, all ISOs/RTOs bill for transmission service.
Most assign transmission costs, project by project, to geo-

graphic areas, based on the historical ownership of older

65 Texas has not had any form of default supply since restructuring; all
customers must choose a retail electricity supplier.

66 If the utility procures default service at a single price for multiple classes,
the regulator should consider whether to differentiate the rates to reflect
differences among the classes.

67 See Hledik and Lazar (2016) for a discussion of future pricing options
to enable optimal utilization of DERs to meet system and local capacity
requirements.

68 We note that the costs of the Alberta capacity market are spread on a time-
differentiated volumetric basis rather than a traditional demand charge;
this may be a useful model for U.S. ISOs. For a more robust discussion, see
Hogan (2016).



facilities and the loads justifying new facilities. 1f those charges
are billed on a capacity basis, the pricing may exceed the cost
of avoidance of some transmission capacity but still be neces-
sary for moving energy at nonpeak hours.® In this situation,
the analyst may need to consider whether some transmission
costs are imprudent and should be excluded from the revenue
requirement or, perhaps due to how the assets are used, to
split these costs between demand and energy.

There are many circumstances where the analyst must
look through ISO pricing to determine an appropriate basis
for retail cost allocation. For example, ERCOT charges
for transmission primarily on a 4 CP basis for the summer
months (June through September). Similar approaches may
be used in FERC-regulated transmission agreements among
affiliates outside of 1SOs. These pricing methods and the
resulting allocations are administrative simplifications and do
not necessarily reflect cost causation. The ISO cost alloca-
tions do not control the retail allocation of transmission
costs among customer classes or the manner these costs are

reflected in rate design.

7.2.2 Holding Companies

There have been more than 100 mergers of electric util-
ities since the 1992 NARUC manual. This phenomenon was
accelerated in 2005 when Congress repealed the Public Utility
Holding Company Act. This has resulted in very different cor-
porate relationships than existed in the 1980s and has created
myriad issues to consider in the cost allocation process, from
executive compensation to interservice allocation procedures.

Most utility mergers and acquisitions are justified by pro-
jections of more efficient management and a corresponding
decline in administrative costs. Determining whether these
promises have been realized is a revenue requirement issue
beyond the scope of this manual. But the apportionment of
administrative costs among unregulated and utility functions,
and among utilities within the holding company, are often
part of cost allocation. The increased complexity of utility

holding companies makes this task more difficult.
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Many state utility commissions have taken steps to
exclude from the revenue requirement any incentives such
as higher executive compensation that reward shareholder
benefits (such as for a higher stock price) or rewards for good
performance in unregulated operations. Determining the
portion of executive compensation that is attributable to
the utility operations, as contrasted with corporate profit
maximization, is not straightforward. This question may
be approached by using senior management costs at public
agencies (such as state departments of transportation, health
and education or universities) as a proxy for the portion of
executive compensation that should be allocated to utility
service. Large public agencies may have budgets, employee
counts and subordinate levels of management comparable to
those of utilities.

Different business operations of a modern utility
holding company have different risks and rewards. Although
management of a distribution utility is complex, the amount
of innovation and risk is fundamentally different than in
other business units of the holding company. As noted by the
U.S. Supreme Court:

A public utility is entitled to such rates as will permit it

to earn a return on the value of the property it employs

for the convenience of the public equal to that generally
being made at the same time and in the same region of
the country on investments in other business under-
takings which are attended by corresponding risks and
uncertainties, but it has no constitutional right to profits
such as are realized or anticipated in highly profitable

enterprises or speculative ventures.”®

By the same logic, a utility is entitled to recover the
management costs of a company with similar complexity and
risk but not necessarily those of a more speculative business
operation.

Shareholder service costs — such as the cost of
maintaining shareholder data, issuing dividends, issuing

new capital stock and annual meeting costs — must be

69 The Vermont regulator has regularly identified specific nodes where
increased efforts for energy efficiency can reduce the need for
transmission or distribution capacity upgrades (Vermont Public Service
Board, 2007; Vermont System Planning Committee, n.d.). This may
provide a foundation for classification of ISO transmission charges

and for functionalizing some of these energy efficiency investments as
transmission-related or distribution-related capacity costs.

70 Bluefield Water Works v. Public Service Commission, 262 U.S. 679, 692-93
(1923).
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9. Generation in Embedded Cost

of Service Studies

his chapter addresses the allocation of generation
costs, including investment-related costs, operation
and maintenance costs and fuel costs. As noted
in Section 0.1, equivalent changes in the allocation of a
cost category among classes can be achieved by changing
functionalization, classification or the choice of allocation
factor.® That section discusses the relevant issues at a high
level, and this chapter delves more deeply into the underlying
concepts and analytical techniques.

This chapter is not generally relevant to cost allocation
for utilities that have restructured and no longer procure
generation resources, as long as the generation prices
suppliers offer (directly to customers or to the utility for
default service) are differentiated by rate class. High-level
cost allocation issues with respect to generation and default
service are discussed in Section 7.2.

As discussed in Chapter 3, utilities acquire and maintain
different types of generation resources, with distinct
operating capabilities, to meet a range of needs including
low-cost energy, reliability, load following and environmental
compliance. Different classification and allocation methods
may be necessary to equitably allocate the costs of different
types of generation resources. In more recent years, energy
efficiency, expanded demand response, distributed generation
and energy storage — all of which can be located where
load relief is most valuable — have expanded the utility’s
options to meet load growth or reduce demands on aging
assets without building transmission, distribution or central
generation facilities.

Fuel costs, purchased power and dispatch O&M costs,
such as the short-run variable cost of pollution controls, are
typically classified as energy-related. The other categories of
generation costs have generally been classified as being driven
by some combination of energy (total energy requirements
to serve customers, plus losses) and demand (some measure

of loads in the hours that contribute to concerns about the

adequacy of generation supply to meet loads). Energy use is
sometimes broken into TOU periods, so that different types
of costs are spread over the hours in which they are used, as
discussed further in Section 9.2 and Chapter 17.

When there are multiple cost-based approaches for
estimating a classification or allocation factor, a compromise
among the results may be appropriate. For example, various
measures of reliability risk (emergency purchases, operation
of peakers, interruption of load, inadequate operating
reserve) may be distributed differently across the months,
and the regulator may reasonably select a generation demand
allocator averaging across the results of those measures.
Similar conditions might apply for varying estimates of the
firm-capacity equivalent for wind plants or other inputs.

Some cost of service studies identify other classifications
of generation costs, such as ancillary services. These
components are generally very small compared with total
generation costs, and some ancillary services (automatic
generation control, black start capability, uplift) can be

difficult to relate to class load characteristics.

9.1 Identifying and Classifying
Energy-Related Generation
Costs

Many regulators have recognized that energy needs
are a significant driver of generation capital investments
and nondispatch O&M costs. In modern utility systems,
generation facilities are built both to serve demand (i.e., to
meet capacity and reliability requirements) and to produce
energy economically. The amount of capacity is largely
determined by reliability considerations, but the selection of

generation technologies and thus the cost of the capacity are

83 As mentioned previously, the third step is usually called allocation, which
is the same as the name of the entire process. Some analysts refer to this
third step as factor allocation in an attempt to prevent confusion.













































operation on biomass to achieve environmental
compliance and RPS credit.'®
«  Conversion of coal-fired plants to partial or full operation
on petroleum coke, tire-derived fuel or other waste to
reduce fuel costs.
These investments and resulting longer-term operating
costs may reasonably be classified as 100% energy-related.
Most pollution control retrofit costs are incurred
to comply with regulatory requirements to reduce the
environmental effects of fossil-fueled plants and to allow
them to continue burning low-cost fuel at high capacity
factors. Peaking units that are needed only in a few high-load
hours annually can afford to burn expensive clean fuels and
are often allowed to have higher emissions rates since they
operate so little. Hence, the need for the pollution control
is driven primarily by the energy-serving function of the
nonpeaking fossil plants. These environmental costs are
most often related to emissions standards for air pollutants,
but some substantial costs are driven by the need to protect
water quality and aquatic life and to meet other health
and environmental standards. As a result, the identifiable
capital investment and nondispatch O&M costs of pollution
controls may reasonably be classified as 100% energy-related
or allocated in proportion to class usage of energy during the
times that the plant is operated, to recognize the causes of the

environmental retrofits.”™

Excess Capacity and Excess Costs

Utilities sometimes add generation that is not needed to
maintain adequate reliability. Some of that excess capacity
may result from the lumpiness of generation additions or
declining load, with no clear connection to the classification
of the additional costs. Other times the excess is the result of
the long lead times for certain baseload generation (especially
nuclear, but also some coal and hydro facilities), which

can result in a plant being completed after the need for its
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capacity has vanished and the value of its energy output has
decreased dramatically. One or both of those outcomes befell
many of the nuclear plants and some coal plants in the late
1970s and 1980s. The long lead times are generally the result
of choices to build plants to produce large amounts of energy
at low variable costs; in those cases, there is a reasonable
presumption that the costs of the excess capacity are due to
anticipated or actual energy requirements.'

Excess capacity can be priced at the costs of
contemporaneous peaking capacity and allocated among
classes in proportion to the differences between projected
class contribution to peak loads (at the time commitments
were undertaken) and actual current class loads. Excess
capitalized energy costs (net of equivalent peaking capacity
costs and any fuel savings) similarly can be allocated in
proportion to the differences between class projected energy
requirements and their actual energy requirements.

Table 18 on the next page provides an illustration of
the allocation of excess capacity among classes to reflect
responsibility for the excess. In this illustration, the actual
load in the rate case test year is 600 MWs lower than the
load forecast at the time the utility committed to the excess
capacity. Because of other adjustments in supply planning,
the utility has about 480 MWs of excess capacity, which
would support about 400 MWs more load than the actual
need. That 400-MW excess is allocated among the classes in
proportion to their shortfalls in load.™

This adjusted peak load could be used in allocating
peaking resources or the peaking-equivalent portion of
all generation resource costs. A similar approach could be
applied to allocate the additional costs of having a baseload-
heavy resources mix resulting from actual energy use being
lower than the forecast usage.

Another source of excess capacity is the addition of clean
resources to allow the reduced use of dirty older generation,

which thus allows the utility to meet environmental

110 In principle, biomass conversion might also reduce fuel costs, although
that is not necessarily the case.

111 Nova Scotia Power uses this adjustment to the average-and-peak
approach (Nova Scotia Power, 2013a, p. 37).

112 Accounting for a suboptimal system resource mix (and other
inefficiencies) is also discussed in detail in Chapter 18.

113 Any load shortfall due to increased utility efficiency efforts since the
commitment to build the capacity should generally be excluded from
the shortfall.
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Figure 38. Transmission system with remote and centralized generation

Generation =
3 x 300 MWs
combined cycle

Generation = Generation =

8 x 100 MWs 3 x400 MWs
combustion turbine coal

appropriate. PacifiCorp’s highest-voltage lines (500 kV, 345 kV
and 230 kV) primarily connect its load with remote baseload
generation and would not be needed except to access
low-cost energy. Those lines account for more than half of
PacifiCorp’s transmission investment. Hence, more than half
of PacifiCorp’s transmission revenue requirement is likely to
be attributable to energy.

Similarly, Nova Scotia Power has much of its generation
(coal plants, storage hydro and an HVDC import of
hydropower from Newfoundland) in the eastern end of the
province, but most of its load is about 250 miles to the west.
To reflect the large contribution of remote generation to its
transmission cost, the company uses an average-and-peak
(system load factor) approach that effectively classifies about
62% to energy and 38% to demand (Nova Scotia Utility and
Review Board, 2014, pp. 22-23).

Washington state has explicitly rejected a single hour

of peak as a determinant and ruled that transmission costs

Generation =

400 MWs
hydro import

400 MWs
350 MWs

City with 500 MWs
peak demand

Transmission
capacity

500 MWs

200 MWs

“ 600 MWs wind

should be classified to both energy and demand (Washington
Utilities and Transportation Commission, 1981, p. 23).
Appropriate classification percentages will vary among

utilities and transmission owners.

10.3 Allocation Factors

Historically, most cost of service studies have computed
transmission allocation factors from some combination of
monthly peak demands from 1 CP to 12 CP.

Some utilities have recognized that transmission
investments are justified by loads in more than one hour
in a month. For example, Manitoba Hydro has used a
transmission allocator computed from class contribution to
the highest 50 hours in the winter, Manitoba Hydro’s peak
period, and the highest 50 hours in the summer, the period
of Manitoba Hydro’s maximum exports, which also drive
intraprovincial transmission construction (Manitoba Hydro,

2015, Appendix 3.1, p. 9).
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The hours of maximum transmission loads may be
different from the hours of maximum generation stress. For
example, the power lines from remote baseload units to the
load centers may be most heavily loaded at moderate demand
levels. At high load levels, more of the low-cost remote
generation may be used by load closer to the generator, while
higher-cost generation in and near the load centers increases,
reducing the long-distance transmission line loading. In
addition, generator maintenance does not necessarily smooth
out transmission reliability risk across months in the same
way that it spreads generation shortage risk. If transmission
loads peak in winter, when carrying capacity is higher, then
transmission peaks may not match even the maximum
transmission stress period.

In its Order 1000, establishing regional transmission
planning and cost allocation principles, FERC includes the
following cost allocation principles, which recognize that
transmission is justified by multiple drivers and that different
allocation approaches may be justified for different types of
transmission facilities:

(1) The cost of transmission facilities must be
allocated to those ... that benefit from those facilities in
a manner that is at least roughly commensurate with
estimated benefits. In determining the beneficiaries of
transmission facilities, a regional transmission planning
process may consider benefits including, but not
limited to, the extent to which transmission facilities,
individually or in the aggregate, provide for maintaining
reliability and sharing reserves, production cost savings
and congestion relief, and/or meeting public policy
requirements established by state or federal laws or
regulations that may drive transmission needs. ...

(5) The cost allocation method and data
requirements for determining benefits and identifying
beneficiaries for a transmission facility must be
transparent with adequate documentation to allow a
stakeholder to determine how they were applied to a

proposed transmission facility.
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(6) A transmission planning region may choose to
use a different cost allocation method for different types
of transmission facilities in the regional plan, such as
transmission facilities needed for reliability, congestion
relief or to achieve public policy requirements established
by state or federal laws or regulations (Federal Energy

Regulatory Commission, 2011, § 586).

The FERC guidance clearly anticipates differential
treatment of transmission facilities built for different
purposes. Aligning costs with benefits may require allocation
of transmission costs to most or all hours in which a
transmission facility provides service.'3

Demand-related transmission costs may be allocated
to hours in proportion to the usage of the lines or to the
high-load hours in which transmission capacity may be
tight following a contingency (the failure of some part of
the system) or two. The high-load hours may be chosen as
a more or less arbitrary number of the highest hours, as in
Manitoba, or as the hours in which loads on a particular line
or substation are high enough that the worst-case planning
contingency (such as the loss of two lines) would leave the
transmission system with no more reserve than it has on the

system peak with no contingencies.34

10.4 Summary of Transmission
Allocation Methods and
lllustrative Examples

The discussion above has indicated why transmission
investments must be carefully scrutinized in the cost
allocation process. Different transmission facilities provide
different services and are thus appropriately allocated by
different allocation methods. Table 28 on the next page lists
some types of transmission facilities and identifies appropriate
methods for each.

Transmission is a very difficult challenge for the cost

analyst because each transmission segment may have a

133 Attributing transmission to hours is more complicated than assigning
generation costs by hours, because of the flow of electricity in a network.
Once a transmission line is in service, power will flow over it any time there
is a voltage differential between the ends of the line, whether or not the
line was in any way needed to meet load in that hour.

134 The latter definition would require load flow modeling for each
transmission line or a representative sample; the practicality of this
approach will depend on the extent of transmission modeling undertaken
for system planning.



Exh. ZML-6
UE-260005-06, UE-260113
Page 143 of 276

REGULATORY ASSISTANCE PROJECT (RAP)® ELECTRIC COST ALLOCATIONFORANEWERA | 141

Table 28. Summary of transmission classification and allocation approaches

Element Example methods Comments Hourly allocation
Bulk transmission CLASSIFICATION: To energy* — costs to » Typically above 150 kV Allocate in proportion to usage
allow centralized generation and * Mostly bidirectional or hours needed

economic dispatch; cost due to heating + Operates in all hours
ENERGY ALLOCATOR: All energy
DEMAND ALLOCATOR: Highest 100 hours

Integration of CLASSIFICATION: To energy* — costs to Treat same as connected remote  Allocate in same manner as
remote generation connect remote energy resources resources remote resources

ENERGY ALLOCATOR: All energy

DEMAND ALLOCATOR: Highest 100 hours

Economy CLASSIFICATION: Energy and demand Depends on purpose and use of » Allocate reliability value as
interconnections connection equivalent peaker
» Allocate energy value in
proportion to use

Local network CLASSIFICATION: To energy* — cost due to »  Typically below 150 kV Allocate in proportion to usage
heating * Mostly radial or hours needed
ENERGY ALLOCATOR: On-peak energy
DEMAND ALLOCATOR: 4 CP to 12 CP

Transmission As lines** May also have distribution As lines**
substations functions

*“To energy"” = portion classified as energy-related
** “As lines” = in proportion to the classification or allocation of the lines served by each substation

different history and purpose and that purpose may have particular types of transmission costs, including purchased
changed over time. For example, a line originally built transmission service from another utility, a transmission-
to connect a baseload generating unit that has since owning entity or an 1SO. The illustrative data for the 1 CP
been retired is repurposed to facilitate economic energy and equivalent peaker methods are from tables 5 through 7
interchange with nearby utilities. In Table 29, we use in Chapter 5, and the hourly allocation factor is derived in
only three methods, which may or may not be relevant to Table 27 in Chapter 9.

Table 29. lllustrative allocation of transmission costs by different methods

Secondary Primary
Residential commercial industrial Street lighting
1CP (legacy) $16,667,000 $20,000,000 $13,333,000 $0 $50,000,000
Equivalent peaker $16,237,000 $16,903,000 $15,403,000 $1,457,000 $50,000,000
Hourly $16,565,000 $17,555,000 $15,015,000 $866,000 $50,000,000

Note: Numbers may not add up to total because of rounding.
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11. Distribution in Embedded Cost

of Service Studies

istribution costs are all incurred to deliver energy
to customers and are primarily investment-related
costs that do not vary in response to load in the
short term. Different rate analysts approach these costs in
very different ways. These costs are often divided into two
categories.
1. Shared distribution, which typically includes at least:

« Distribution substations, both those that step power
down from transmission voltages to distribution
voltages and those that step it down from a higher
distribution voltage (such as 25 kV) to a lower voltage
(such as 12 kV).

e Primary feeders, which run from the substations
to other substations and to customer premises,
including the conductors, supports (poles and
underground conduit) and various control and
monitoring equipment.

e Most line transformers, which step the primary
voltage down to secondary voltages (under 600V,
and mostly in the 120 V and 240 V ranges) for use by
customers.

e Alarge portion of the secondary distribution lines,
which run from the line transformers to customer
service lines or drops.

e The supervisory control and data acquisition
equipment that monitors the system operation and
records system data. This is a network of sensors,
communication devices, computers, software and
typically a central control center.

2. Customer-specific costs, which include:
e Service drops connecting a customer (or multiple

customers in a building) to the common distribution

system (a primary line, a line transformer or a
secondary line or network).

e Meters, which measure each customer’s energy
use by month, TOU period or hour and sometimes
by maximum demand in the month.5 Advanced
meters can also provide other capabilities, including
measurement of voltage, remote sensing of outages,
and remote connection and disconnection.’3¢

o Street lighting and signal equipment, which usually
can be directly assigned to the corresponding rate
classes.

o Insome systems with low customer spatial density, a
significant portion of primary lines and transformers

serving only one customer.

11.1 Subfunctionalizing
Distribution Costs

One important issue in cost allocation is the deter-
mination of the portion of distribution cost that is related
to primary service (the costs of which are allocated to all
customers, except those served at transmission voltage) as
opposed to secondary service (the costs of which are borne
solely by the secondary voltage customers — residential,
some C&I customers, street lighting, etc.).

Some plant accounts and associated expenses are
easily subfunctionalized. Substations (which are all primary
equipment) have their own FERC accounts (plant accounts
360 to 362, expense accounts 582 and 592). In addition,
distribution substations take power from transmission lines
and feed it into the distribution system at primary voltage.
All distribution substations deliver only primary power and

therefore should be subfunctionalized as 100% primary.

135 The Uniform System of Accounts treats meters as distribution plant
and the costs of keeping the meters operable as distribution expenses,
even though all other metering and billing costs are treated as customer
accounts or A&G plant or expenses. Traditional meters that tally only
customer usage are not really necessary for the operation of the
distribution system, only for the billing function. As aresult, references
to meters in this chapter are quite limited, and the costs of meters are

discussed with meter reading and billing in the next chapter.

136 These capabilities require additional supporting technology, some of
which is also required to provide remote meter reading. These costs
should be spread among a variety of functions, including distribution and
retail services, as discussed in Section 11.5.
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However, many other types of distribution investments
pose more difficult questions. The FERC accounts do not
differentiate lines, poles or conduit between primary and
secondary equipment, and many utilities do not keep records
of distribution plant cost by voltage level. This means any
subfunctionalization requires some sort of special analysis,
such as the review of the cost makeup of distribution in areas
constituting a representative sample of the system.

Traditionally, most cost of service studies have function-
alized a portion of distribution poles as secondary plant, to be
allocated only to classes taking service at secondary voltage.
This approach is based on misconceptions regarding the joint
and complementary nature of various types of poles. Although
distribution poles come in all sorts of sizes and configurations,
the important distinction for functionalization is what sorts of
lines the poles carry: only primary, both primary and second-
ary or only secondary. The proper functionalization of the
first category — poles that carry only primary lines — is not
controversial; they are required for all distribution load, the
sum of load served at primary and the load for which power is
subsequently stepped down to secondary.’37

For the second category — poles carrying both primary
and secondary lines — some cost of service studies have
treated a portion of the pole cost as being due to all distribu-
tion load and the remainder as being due to secondary loads,
to be allocated only to classes served at secondary voltage.
There is no cost basis for allocating any appreciable portion of
these joint poles to secondary. The incremental pole cost for
adding secondary lines to a pole carrying primary is generally
negligible. The height of the pole is determined by the voltage
of the primary circuits it carries, the number of primary
phases and circuits and the local topography. Much of the
equipment on the poles (cross arms, insulators, switches and
other monitoring and control equipment) is used only for the
primary lines. The required strength of the pole (determined
by the diameter and material) is determined by the weight of
the lines and equipment and by the leverage exerted by that
weight (which increases with the height of the equipment
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and the breadth of the cross arms, again due to primary
lines).3® Equipment used in holding secondary lines has a
very low cost compared with those used for primary lines. If
the poles currently used for both secondary and primary lines
had been designed without secondary lines, the reduction in
costs would be very small. Thus, the costs of the joint poles
are essentially all due to primary distribution.

Although nearly all poles carry primary lines, a utility
sometimes will use a pole just to carry secondary lines, such
as to reach from the last transformer on a street to the last
house, or to carry a secondary line across a wide road to serve
a few customers on the far side. Secondary-only poles are
usually shorter and skinnier and thus less expensive than
primary poles and do not require cross arms and other pri-
mary equipment. Some cost of service studies functionalize a
portion of pole costs to secondary, based on the population of
secondary-only poles (either from an actual inventory or an
estimate) or of short poles (less than 35 feet, for example), on
the theory that these short poles must carry secondary.

The assumption that all short poles carry secondary is
not correct; some utility poles carry no conductor but rather
are stubs used to counterbalance the stresses on heavily
loaded (mostly primary) poles, as illustrated in Figure 39 on
the next page. Depending on the nature of the distribution
system and the utility’s design standards, the number of stub
poles may rival the number of secondary-only poles.

Where only secondary lines are needed, the utility
typically saves on pole costs due to the customer taking sec-
ondary service, rather than requiring primary voltage service
and a bigger pole. Some kind of pole would be needed in that
location regardless of the voltage level of service. Hence, the
primary customers are better off paying for their share of the
secondary poles than if the customers using those poles were
to require primary service. It does not seem fair to penalize
customers served at secondary for the fact that the utility is
able to serve some of them using a type of pole that is less
expensive than the poles required for primary service.

As a result, the vast majority of pole costs (other than for

137 The class loads should be measured at primary voltage, including losses,
which will be higher for power metered at secondary.

138 There is one situation in which secondary distribution can add to the cost
of poles. A very large pole-mounted transformer (perhaps over 75 kVA)

may require a stronger pole, which would be a secondary distribution
cost. A highly detailed analysis of pole subfunctionalization might thus
resultin a portion of the cost of those few poles being treated as an extra
cost of secondary service, offset to some extent by the savings from some
poles being designed to carry only secondary lines.
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11.2 Distribution
Classification

The classification of distribution infrastructure
has been one of the most controversial elements of
utility cost allocation for more than a half-century.
Bonbright devoted an entire section to a discussion of why
none of the methods then commonly used was defensible
(1961, pp. 347-368). In any case, traditional methods have
divided up distribution costs as either demand-related or
customer-related, but newly evolving methods can fairly
allocate a substantial portion of these costs on an energy basis.

Distribution equipment can be usefully divided into
three groups:

»  Shared distribution plant, in which each item serves
multiple customers, including substations and almost all
spans of primary lines.

o Customer-related distribution plant that serves only one
customer, particularly traditional meters used solely for
billing.

«  Agroup of equipment that may serve one customer
in some cases or many customers in others, including

transformers, secondary lines and service drops.
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Newly evolving methods can fairly
allocate a substantial portion of
distribution costs on an energy basis.

The basic customer method for classification counts
only customer-specific plant as customer-related and the
entire shared distribution network as demand- or energy-
related. For relatively dense service territories, in cities
and suburbs, this would be only the traditional meter and
a portion of service drop costs.™° For very thinly settled
territories, particularly rural cooperatives, customer-specific
plant may include some portion of transformer costs and
the percentage of the primary system that consists of line
extensions to individual customers. Many jurisdictions have
mandated or accepted the basic customer classification
approach, sometimes including a portion of transformers in
the customer cost. These jurisdictions include Arkansas,™!
California,’#* Colorado, 1llinois, 44 lowa,'4> Massachusetts,4°
Texas'¥7 and Washington.'48

The basic customer method for classification is by far

the most equitable solution for the vast majority of utilities.

140 Alternatively, all service drops may be treated as customer-related and
the sharing of service drops can be reflected in the allocation factor. As
discussed in Section 5.2, treating multifamily housing as a separate class
facilitates crediting those customers with the savings from shared service
drops, among other factors.

141 The Arkansas Public Service Commission found that “accounts
364-368 should be allocated to the customer classes using a 100%
demand methodology and ... that [large industrial consumer parties]
do not provide sufficient evidence to warrant a determination that
these accounts reflect a customer component necessary for allocation
purposes” (2013, p. 126).

142 California classifies all lines (accounts 364 through 367) as demand-
related for the calculation of marginal costs, while classifying transformers
(Account 368) as customer-related with different costs per customer for
each customer class, reflecting the demands of the various classes.

143 In 2018, the state utility commission affirmed a decision by an
administrative law judge that rejected the zero-intercept approach and
classified FERC accounts 364 through 368 as 100% demand-related
(Colorado Public Utilities Commission, 2018, p. 16).

144 “Asit hasinthe past, ... the [lllinois Commerce] Commission rejects
the minimum distribution or zero-intercept approach for purposes of
allocating distribution costs between the customer and demand functions
in this case. In our view, the coincident peak method is consistent with
the fact that distribution systems are designed primarily to serve electric
demand. The Commission believes that attempts to separate the costs
of connecting customers to the electric distribution system from the

costs of serving their demand remain problematic” (lllinois Commerce
Commission, 2008, p. 208).

145 According to 199 lowa Administrative Code 20.10(2)e, “customer cost
component estimates or allocations shall include only costs of the distri-
bution system from and including transformers, meters and associated
customer service expenses.” This means that all of accounts 364 through
367 are demand-related. Under this provision, the lowa Utilities Board
classifies the cost of 10 kVA per transformer as customer-related but
reduces the cost that is assigned to residential and small commercial
customers to reflect the sharing of transformers by multiple customers.

146 “Plantitems classified as customer costs included only meters, a portion
of services, street lighting plant, and a portion of labor-related general
plant” (La Capra, 1992, p. 15). See also Gorman, 2018, pp. 13-15.

147 Texas has explicitly adopted the basic customer approach for the
purposes of rate design: “Specifically, the customer charge shall be
comprised of costs that vary by customer such as metering, billing and
customer service" (Public Utility Commission of Texas, 2000, pp. 5-6).
But it has followed this rule in practice for cost allocation as well.

148 "The Commission finds that the Basic Customer method represents a
reasonable approach. This method should be used to analyze distribution
costs, regardless of the presence or absence of a decoupling mechanism.
We agree with Commission Staff that proponents of the Minimum System
approach have once again failed to answer criticisms that have led us to
reject this approach in the past. We direct the parties not to propose the
Minimum System approach in the future unless technological changes
in the utility industry emerge, justifying revised proposals” (Washington
Utilities and Transportation Commission, 1993, p. 11).
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overhead distribution equipment only under several unusual

circumstances.’s These circumstances represent a very small

part of the shared distribution cost for the typical urban or
suburban utility, particularly since many of the most remote
customers for these utilities might be charged a contribution
in aid of construction. These circumstances may be more
prevalent for rural utilities, principally cooperatives.

The related zero-intercept method attempts to extrapolate
from the cost of actual equipment (including actual minimum-
sized equipment) to the cost of hypothetical equipment that
carries zero load. The zero-intercept method usually involves
statistical regression analysis to decompose the costs of
distribution equipment into customer-related costs and costs
that vary with load or size of the equipment, although some
utilities use labor installation costs with no equipment. The
idea is that this procedure identifies the amount of equipment
required to connect existing customers that is not load-related
(a zero-kVA transformer, a zero-ampere conductor or a pole
that is zero feet high). The zero-intercept regression analysis is
so abstract that it can produce a wide range of results, which
vary depending on arcane statistical methods and the choice of
types of equipment to include or exclude from an equation.

As a result, the zero-intercept method is even less realistic than

the minimum system method.

The best practice is to determine customer-related costs
using the basic customer method, then use more advanced
techniques to split the remainder of shared distribution
system costs as energy-related and demand-related. Energy
use, especially in high-load hours and in off-peak hours on
high-load days, affects distribution investment and outage
costs in the following ways:

»  The fundamental reason for building distribution
systems is to deliver energy to customers, not simply to
connect them to the grid.

«  The number and extent of overloads determines the life

of the insulation on lines and in transformers (in both
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substations and line transformers) and hence the life of

the equipment. A transformer that is very heavily loaded

for a couple of hours a year and lightly loaded in other
hours may last 40 years or more until the enclosure rusts
away. A similar transformer subjected to the same annual
peaks, but also to many smaller overloads in each year,
may burn out in 20 years.

«  All energy in high-load hours, and even all hours on
high-load days, adds to heat buildup and results in
sagging overhead lines, which often defines the thermal
limit on lines; aging of insulation in underground lines
and transformers; and a reduction the ability of lines and
transformers to survive brief load spikes on the same day.

«  Line losses depend on load in every hour (marginal
line losses due to another kWh of load greatly exceed
the average loss percentage in that hour, and losses at
peak loads dramatically exceed average losses).™3 To the
extent that a utility converts a distribution line from
single-phase to three-phase, selects a larger conductor or
increases primary voltage to reduce losses, the costs are
primarily energy-related.

e Customers with a remote need for power only a few
hours per year, such as construction sites or temporary
businesses like Christmas tree lots, will often find
non-utility solutions to be more economical. But when
those same types of loads are located along existing
distribution lines, they typically connect to utility service
if the utility’s connection charges are reasonable.

A portion of distribution costs can thus be classified to
energy, or the demand allocation factor can be modified to
reflect energy effects.

The average-and-peak method, discussed in Section 9.1
in the context of generation classification, is commonly used
by natural gas utilities to classify distribution mains and other
shared distribution plant.’s4 This approach recognizes that

a portion of shared distribution would be needed even if all

152 These circumstances are: (1) if the customer would have been the farthest
one from the transformer along a span of secondary conductor that is not
aservice drop; (2) if the customer is the only one served off the last pole
at the end of a radial primary feeder, a pole and a span of secondary, or a
span of primary and a transformer; and (3) if several poles are required
solely for that customer.

153 For a detailed analysis of the measurement and valuation of marginal line
losses, see Lazar and Baldwin (2011).

154 See Gas Distribution Rate Design Manual from the National Association of
Regulatory Utility Commissioners (1989, pp. 27-28) as well as more recent
orders from the Minnesota Public Utilities Commission describing the
range of states that use basic customer and average-and-peak methods
for natural gas cost allocation (2016, pp. 53-54) and the Michigan Public
Service Commission affirming the usage of the average-and-peak method
(2017, pp. 113-114).
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Table 30. Residential shared transformer example

With multiple With single
residences per residence per
transformer transformer

Number of 197,503 47,699 245,202
transformers
Number of 1,054,296 47,699 1,101,995
customers
Customers per 53 1 45
transformer

Sources: Levin, A. (2017, June 30). Prefiled response testimony on behalf
of NW Energy Coalition, Renewable Northwest and Natural Resources
Defense Council. Washington Utilities and Transportation Commission
Docket No. UE-170033; additional calculations by the authors

individual transformers may need to pay to obtain service
that is more expensive than their line extension allowances
(see Section 11.2 or Section 15.2).

Small customers will have similar, but lower, diversity
on secondary conductors, which generally serve multiple
customers but not as many as a transformer. A transformer
that serves a dozen customers may serve two of them directly
without secondary lines, four customers from one stretch of
secondary line and six from another stretch of secondary line
running in the opposite direction or across the street.

Where no detailed data are available on the number
of customers per transformer in each class, a reasonable
approximation might be to allocate transformer demand
costs on a simple average of class NCP and customer NCP
for residential and small commercial customers and just

customer NCP for larger nonresidential customers.

11.3.4 Distribution Operations
and Maintenance Allocators
Distribution O&M accounts associated with a single type

of equipment (FERC accounts 582, 591 and 592 for substations
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and Account 595 for transformers) should be classified and
allocated in the same manner as associated equipment. Other
accounts serve both primary and secondary lines and service
drops (accounts 583, 584, 593 and 594) or include services to
arange of equipment (accounts 580 and 590). These costs
normally should be classified and allocated in proportion

to the plant in service, for the plant accounts they support,
subfunctionalized as appropriate. For example, typical utility
tree-trimming activities are almost entirely related to primary
overhead lines, with very little cost driven by secondary
distribution and no costs for protecting service lines (see, for

example, Entergy Corp., n.d.).

11.3.5 Multifamily Housing
and Distribution Allocation

One common error in distribution cost allocation is
treating the residential class as if all customers were in single-
family structures, with one service drop per customer and a
relatively small number of customers on each transformer.’%3
For multifamily customers, one or a few transformers may
serve 100 or more customers through a single service line.*%#
Treating multifamily customers as if they were single-family
customers would overstate their contribution to distribution
costs, particularly line transformers and secondary service
lines.1

This problem can be resolved in either of two ways.
The broadest solution is to separate residential customers
into two allocation classes: single-family residential and
multifamily residential, as we discuss in Section 5.2.7%
Alternatively, the allocation of transformer and service costs
to a combined residential class (as well as residential rate
design) should take into account the percentage of customers
who are in multifamily buildings, and only components that

are not shared should be considered customer-related.

163 Onelarge service drop is much less expensive than the multiple drops
needed to serve the same number of customers in single-customer
buildings. Small commercial customers may also share service drops,
although probably to a more limited extent than residential customers.

164 Similarly, if the cost of service study includes any classification of shared
distribution plant as customer-related (such as from a minimum system),
each multifamily building should be treated as a single location, rather
than a large number of dispersed customers. For utilities without remote
meter reading, the labor cost for that activity per multifamily customer
will be lower than for single-family customers.

165 Allocating transformer costs on demand eliminates the bias for that cost
category.

166 If any sort of NCP allocator is used in the cost of service study, the
multifamily class load generally should be combined with the load of the
type of customers that tend to surround the multifamily buildings in the
particular service territory, which may be single-family residential or
medium commercial customers.
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11.3.6 Direct Assighment
of Distribution Plant

Direct cost assignment may be appropriate for equip-
ment required for particular customers, not shared with
other classes, and not double-counted in class allocation of
common costs. Examples include distribution-style poles
that support streetlights and are not used by any other class;
the same may be true for spans of conductor to those poles.
Short tap lines from a main primary voltage line to serve a
single primary voltage customer’s premises may be another
example, as they are analogous to a secondary distribution
service drop.

Beyond some limited situations, it is not practical or
useful to determine which distribution equipment (such as
lines and poles) was built for only one class or currently serves
only one class and to ensure that the class is properly credited
for not using the other distribution equipment jointly used by

other classes in those locations.

11.4 Allocation Factors
for Service Drops

The cost of a service drop clearly varies with a number
of factors that vary by class: customer load (which affects
the capacity of the service line), the distance from the
distribution line to the customer, underground versus
overhead service, the number of customers sharing a service
(or the number of services required by a single customer) and
whether customers require three-phase service.

Some utilities, including Baltimore Gas & Electric,
attempt to track service line costs by class over time
(Chernick, 2010, p. 7). This approach is ideal but
complicated. Although assigning the costs of new and
replacement service lines just requires careful cost
accounting, determining the costs of services that are retired
and tracking changes in the class or classes in a building
(which may change over time from manufacturing to office
space to mixed residential and retail) is much more complex.
Other utilities allocate service lines on the sum of customer
maximum demands in each class. This has the advantage
of reflecting the fact that larger customers require larger

(and often longer) service lines, without requiring a detailed

REGULATORY ASSISTANCE PROJECT (RAP)®

analysis of the specific lines in use for each class.

Many utilities have performed bottom-up analyses,
selecting a typical customer or an arguably representative
sample of customers in each class, pricing out those custom-
ers’ service lines and extrapolating to the class. Since the costs
are estimated in today’s dollars, the result of these studies is
the ratio of each class’s cost of services to the total cost, or a
set of weights for service costs per customer. Either approach

should reflect the sharing of services in multifamily buildings.

11.5 Classification and
Allocation for Advanced
Metering and Smart Grid Costs

Traditional meters are often discussed as part of the
distribution system but are primarily used for billing
purposes.’®” These meters typically record energy and, for
some classes, customer NCP demand for periodic manual
or remote reading and generally are classified as customer-
related. Meter costs are then typically allocated on a basis
that reflects the higher costs of meters for customers who
take power at higher voltage or three phases, for demand-
recording meters, for TOU meters and for hourly-recording
energy meters. The weights may be developed from the
current costs of installing the various types of meters, but as
technology changes, those costs may not be representative of
the costs of equipment in rates.

In many parts of the country, this traditional metering
has been replaced with advanced metering infrastructure.
AMI investments were funded in many cases by the
American Recovery and Reinvestment Act of 2009, the
economic stimulus passed during the Great Recession,
but in other cases ratepayers are paying for them in full
in the traditional method. In many jurisdictions, AMI has

been accompanied by other complementary “smart grid”

167 Some customers who are small or have extremely consistent load
patterns are not metered; instead, their bills are estimated based on
known load parameters. The largest group of these customers is street
lighting customers, but some utilities allow unmetered loads for various
small loads that can be easily estimated or nearly flat loads with very
high load factors (such as traffic signals). An example of an unmetered
customer from the past was a phone booth. Unmetered customers should
not be allocated costs of traditional metering and meter reading.
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Table 31. Smart grid cost classification

Legacy approach

Smart grid element

Equivalent cost

FERC account

Classification Smart grid classification

Smart meters Meters 370 Customer Demand, energy and customer
Distribution control devices Station equipment 362, 365, 367 Demand Demand and energy

and devices
Data collection system Meter readers 902 Customer Demand, energy and customer
Meter data management Customer accounting 903, 905, 391 Customer and Demand, energy and customer

system and general plant

investments. On the whole, these investments include:

o Smart meters, which are usually defined to include the
ability to record and remotely report granular load data,
measure voltage and power factor, and allow for remote
connection and disconnection of the customer.

« Distribution system improvements, such as equipment to
remotely monitor power flow on feeders and substations,
open and close switches and breakers and otherwise
control the distribution system.

«  Voltage control equipment on substations to allow
modulation of input voltage in response to measured
voltage at the end of each feeder.

«  Power factor control equipment to respond to signals
from the meters.

«  Data collection networks for the meters and line
monitors.

»  Advanced data processing hardware and software to
handle the additional flood of data.

«  Supporting overhead costs to make the new system work.
The potential benefits of the smart grid, depending

on how it is designed and used, include reduced costs for

generation, transmission, distribution and customer service,

as described in Subsection 7.1.1. A smart meter is much more
than a device to measure customer usage to assure an accu-
rate bill — it is the foundation of a system that may provide
some or all of the following:

«  Benefits at every level of system capacity, by enabling
peak load management since the communication
system can be used to control compatible end uses,
and because customer response to calls for load reduc-

tion can be measured and rewarded.

overhead

«  Distribution line loss savings from improved power
factor and phase balancing.

«  Reduced energy costs due to load shifting.

«  Reliability benefits, saving time and money on service
restoration after outages, since the utility can determine
which meters do not have power and can determine
whether a customer’s loss of service is due to a problem
inside the premises or on the distribution system.

«  Allowing utilities to determine maximum loads on
individual transformers.

«  Retail service benefits, by reducing meter reading costs
compared with manual meter reads and even automated
meter reading and by reducing the cost of disconnecting
and reconnecting customers.'%

The installations have also been very expensive, running
into the hundreds of millions of dollars for some utilities, and
the cost-effectiveness of the AMI projects has been a matter
of dispute in many jurisdictions. Since these new systems are
much more expensive than the older metering systems and
are largely justified by services other than billing, their costs
must be allocated over a wider range of activities, either by
functionalizing part of the costs to generation, distribution
and so on or reflecting those functions in classification or the
allocation factor.

Special attention must be given to matching costs and
benefits associated with smart grid deployment. The expected
benefits spread across the entire spectrum of utility costs,

from lower labor costs for meter reading to lower energy

168 The data systems can also be configured to provide systemwide Wi-Fi
internet access, although they usually are not. See Burbank Water and
Power (n.d.).
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Table 32. Summary of distribution allocation approaches

Element Method

Substations FUNCTIONALIZATION: Entirely primary
CLASSIFICATION: Demand and energy
ALLOCATOR: Loads on substations in hours
at or near peaks
Poles FUNCTIONALIZATION: Entirely primary
CLASSIFICATION: Demand and energy*
ENERGY ALLOCATOR: Energy or revenue
DEMAND ALLOCATOR: Loads in hours at or
near peaks
Primary conductors FUNCTIONALIZATION: Entirely primary
CLASSIFICATION: Demand and energy*
ENERGY ALLOCATOR: Energy or revenue
DEMAND ALLOCATOR: Loads in hours at or
near peaks
Line transformers FUNCTIONALIZATION: Entirely secondary
CLASSIFICATION: Demand and energy*
ENERGY ALLOCATOR: Secondary energy
DEMAND ALLOCATOR: Diversified secondary
loads in peak and near-peak hours

Secondary FUNCTIONALIZATION: Entirely secondary
conductors CLASSIFICATION: Demand and energy*
ENERGY ALLOCATOR: Energy or revenue
DEMAND ALLOCATOR: Loads in hours at or
near peaks
Meters FUNCTIONALIZATION: Advanced metering

infrastructure to generation,
transmission and distribution, as well
as metering

ALLOCATOR FOR CUSTOMER-RELATED COSTS:
Weighted customer

Reflect effect of energy near
peak and preceding peak on
sizing and aging

Pole costs driven by revenue

Comments Hourly allocation

Allocate by substation cost or
capacity, then to hours that stress
that substation with peak and
heating

As primary lines

expectation

Reflect diversity

Energy is more important for
underground than overhead

Distribution network is * Cost associated with revenue-
installed due to revenue driven line extension to all hours
potential « Cost associated with peak loads

and overloads on distribution of
line peaks and high-load hours

Sizing determined by loads
in and near peak hours

Distribution of transformer peaks
and high-load hours

Distribution of line peaks and high-
load hours

Allocation of generation,
transmission and distribution

components depends on

N/A

use of advanced metering
infrastructure

* Except some to customer, where a significant portion of plant serves only one customer

costs due to load shifting and line loss reduction. Legacy
methods for allocating metering costs as primarily customer-
related would place the vast majority of these costs onto the
residential rate class, but many of the benefits are typically
shared across all rate classes. In other words, the legacy
method would give commercial and industrial rate classes
substantial benefits but none of the costs.

Table 31 identifies some of the key elements of smart
grid cost and how these would be appropriately treated in
an embedded cost of service study. These approaches match

smart grid cost savings to the enabling expenditures.

11.6 Summary of Distribution
Classification and Allocation
Methods and lllustrative
Examples

The preceding discussion identifies a variety of methods
used to functionalize, classify and allocate distribution
plant. Table 32 summarizes the application of some of those
methods, including the hourly allocations that may be
applicable for modern distribution systems with:

« A mix of centralized and distributed resources,
conventional and renewable, as well as storage.

«  The ability to measure hourly usage on the substations
and feeders.

o The ability to estimate hourly load patterns on

transformers and secondary lines.
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Table 34. lllustrative allocation of primary distribution circuit costs by different methods

Secondary Primary
Residential commercial industrial Street lighting
Class NCP: circuit (legacy) $69,565,000 $69,565,000 $43,478,000 $17,391,000 $200,000,000
Minimum system (legacy) $113,783,000 $51,783,000 $24,739,000 $9,696,000 $200,000,000
Average and peak $67,041,000 $67,041,000 $53,997,000 $11,921,000 $200,000,000
Hourly $66,258,000 $70,221,000 $60,059,000 $3,462,000 $200,000,000

Note: Numbers may not add up to total because of rounding.

service and street lighting customers and often other
customer classes as well. We present four methods in
Table 35: two archaic and two more reflective of dynamic
systems and more granular data. All of these apportion
no cost to the primary voltage class, which does not use
distribution transformers supplied by the utility.

The first method is to apportion transformers in
proportion to the class sum of customer noncoincident
peaks. This method is not recommended because it fails to
recognize that there is great diversity between customers
at the transformer level; as noted in Subsection 11.3.3, each
transformer in an urban or suburban system may serve
anywhere from five to more than 50 customers. The second
is the minimum system method, also not recommended
because it fails to recognize the drivers of circuit
construction, as discussed in Section 11.2. The third is the
weighted transformers allocation factor we derive in

Section 5.3 (Table 7), weighting the number of transformers

by class at 20% and the class sum of customer NCP
(recognizing that the diversity is not perfect) at 80%.
The last is an hourly energy method but excluding the

primary voltage class of customers.

Customer-Related Costs

The final illustration shows two techniques for the
apportionment of customer-related costs, based on a
traditional customer count and a weighted customer count.
Even for simple meters used solely for billing purposes,
larger customers require different and more expensive
meters. There are fewer of them per customer class, but the
billing system programming costs do not vary by number of
customers. In addition, a weighted customer account is also
relevant to customer service, discussed in the next chapter,
because the larger use customers typically have access to
superior customer service through “key accounts” specialists

who are trained for their needs.

Table 35. lllustrative allocation of distribution line transformer costs by different methods

Primary
industrial

Street lighting

Secondary

Residential commercial
Customer NCP (legacy) $32,258,000 $16,129,000
Minimum system (legacy) $32,461,000 $14,773,000
Weighted transformers factor $29,806,000 $14,903,000
Hourly $23,810,000 $23,810,000

Note: Numbers may not add up to total because of rounding.

$0
$0
$0
$0

$1,613,000
$2,766,000
$5,290,000
$2,381,000

$50,000,000
$50,000,000
$50,000,000
$50,000,000
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Table 36. lllustrative allocation of customer-related costs by different methods

Secondary Primary Street
Residential commercial industrial lighting
Unweighted
Customer count 100,000 20,000 2,000 50,000 172,000
Customer factor 58% 12% 1% 29% 100%
Customer costs $58,140,000 $11,628,000 $1,163,000 $29,070,000 $100,000,000
Weighted
Weighting factor 1 8 20 0.05
Customer count 100,000 60,000 40,000 2,500 202,500
Customer factor 49% 30% 20% 1% 100%
Customer costs $49,383,000 $29,630,000 $19,753,000 $1,235,000 $100,000,000

Note: Numbers may not add up to total because of rounding.

Table 36 first shows a traditional calculation based on treated as a tiny fraction of one customer; although there
the actual number of customers. Then it shows an illustrative  are tens of thousands of individual lights, the bills typically
customer weighting and a simple allocation of customer- include hundreds or thousands of individual lights, billed to a

related costs based on that weighting. Each street light is city, homeowners association or other responsible party.!7°

170 Insome locales, street lighting is treated as a franchise obligation of the utility and is not billed. In this situation, there are no customer service or billing and
collection expenses.
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12. Billing and Customer Service
in Embedded Cost of Service Studies

any utilities classify billing and customer service

costs, often termed retail service costs, as almost

entirely customer-related and allocate these
costs across classes based on the number of customers. This
chapter describes how these costs can be allocated in a more

granular and detailed way.

12.1 Billing and Meter Reading

Most utilities bill customers either monthly or
bimonthly. The reason for this is relatively simple: If
billed less frequently, the bills would be very large and
unmanageable for some consumers; if billed more frequently,
the billing costs would be an unacceptable part of the total
cost. As noted in Subsection 3.1.5, billing closer to the time of
consumption provides customers with a better understanding
of their usage patterns from month to month, which may
assist them in increasing efficiency. There are exceptions:
Many water, sewer and even electric utilities serving seasonal
properties may render bills only once or twice a year.'”*

It is important to recognize these cost drivers in the clas-
sification of billing costs. From a cost causation perspective,
the reason for frequent billing is that usage drives the size of
the bill. We receive annual bills for magazine subscriptions
because the quantity we will use (one per week or month)
is very small and predictable. In some states, rules of the
regulatory commission require billing on a specified interval.
For example, in Washington state, the rules require billing
not less than bimonthly (Washington Administrative Code
Title 480, Chapter 100, § 178[1][a]). In this situation, billing
frequency in excess of that required by law or regulation is
driven by consumption. The portion of the costs of reading

meters and billing more frequently should be classified and

allocated according to appropriate measures of usage, rather
than customer count.

Manual reading of the meters of large customers typically
takes longer than for small customers, both because of
travel distance among larger customers and the complexity
of metering typical of large customers (TOU or demand-
metered). In some cases, small customer meters are read
manually but large customers are remotely metered; the
additional costs of the equipment for that remote metering
should be assigned to the classes that use remote metering.
As noted in Section 11.5, unmetered customers such as
streetlights should not be allocated meter reading costs.

For utilities with AMI, any meter reading costs arising
from customers opting out of AMI should be recovered either
from the opt-out customers or functionalized, classified and
allocated in proportion to the AMI costs, because opt-outs are
part of the cost of obtaining the benefits of AMI.

The costs of billing, payment processing and collections
for special services (e.g., line extensions and relocations) can
end up in Account 9o3 for some utilities. These are overhead
costs, not customer costs, and should be either classified or
allocated as an overhead expense.’72

Some utilities provide on-bill financing for energy
efficiency, renewable energy or demand response investments
that the utility (or a third party) makes at the customer prem-
ises. Where this occurs, a portion of the billing cost should be

assigned to the nonservice cost element.

12.2 Uncollectible Accounts
Expenses

Uncollectible accounts expenses are the expenses from

customers who have not paid their bills, due to financial

171 Thisis also the case for California customers who opt out of AMI
(California Public Utilities Commission, 2014).

172 The sameis true for any uncollectible charges for special services. If there

is direct assignment of uncollectibles, charges related to non-energy
billings or claims should be segregated from the remainder of Account
904 and directly assigned as overhead expenses.
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distress, bankruptcy or departure from the service territory.'73

Some analyses erroneously allocate the costs of former

customers to the classes of current customers on a per-

customer basis or by direct assignment. However, these costs
are not caused by any current customer in any particular
class.’74 Although certain accounts have unpaid electric bills,
those accounts are former customers who are no longer
members of any class.

Uncollectible accounts are related to class revenue in
two ways. First, the higher the bills of a particular class, the
more revenue is at risk of becoming uncollectible. Second,
if the customer had shut down or left before rates were set,
most of the costs reflected in the uncollectible bills would
have been allocated to the remaining customers, in all classes.
Hence, uncollectible revenues should be classified as revenue-
related and allocated in proportion to revenues, not customer
number.'7s

The treatment of four elements should be coordinated in
the cost of service study:

«  Uncollectible accounts expenses.

«  Late payment revenues if charged to all classes (some-
times called forfeited discounts, often recorded in FERC
Account 450 in the Uniform System of Accounts).

«  Customer deposits, which protect utilities against
uncollectibles and which offset rate base for most utilities
in North America.

« Interest paid to customers on customer deposits.

If uncollectible accounts expenses are assigned as an
overhead expense based on revenue, then all of these four
items should be allocated based on revenue.

On the other hand, if uncollectible accounts expenses are
directly assigned to the originating class or using a customer
allocator, then late payment revenues and customer deposits
should be assigned in the same manner.

Although an allocation based on revenue is more appro-
priate, the consistent allocation of these four items by either

revenue or direct assignment may not have a large effect
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on the cost of service study, because direct-assigned late
payment revenues and deposits partly offset direct-assigned
uncollectible accounts expenses.

The worst cost allocation outcome is inconsistency:
assigning uncollectible accounts expenses largely to
residential customers using direct assignment or a
per-customer allocation while using a broad allocation
method for late payment charges and customer deposits,
even though both of these items are also largely paid by

residential customers.

12.3 Customer Service
and Assistance

Utilities frequently classify customer service and in-
formation expenses as customer-related and allocate them
in proportion to customer number. This approach is not
reasonable, because these expenses are more likely to vary
with class energy consumption and revenues.

In general, larger customers have more complicated
installations, metering and billing and warrant more time and
attention from a utility. A utility customer service staff does
not spend as much time and attention on each residential
customer as on each large commercial or industrial customer,
considering the fact that the larger customers may have bills
100 or 1,000 times that of the average residential customer.
Indeed, most utilities have key accounts specialists — highly
trained customer service personnel who concentrate on the
needs of the largest customers. Large customers may also
have more complex billing arrangements, multiple delivery
points, demand charges, campus billing, interruptible rates
and credits, transformer ownership credits and additional
complications that require more time from engineering,
legal and rate staff, supervisors and higher management, so
the billing costs should be weighted proportionately to the
customer classes with complex arrangements.

The alternative to a simple customer allocator for

customer service costs may be to use a weighted customer

173 For most utilities, the residential class produces most of the uncollectible
accounts expenses, in part because large customers are more often
required to post deposits or demonstrate good financial standing.
However, when large customers' bills are uncollectible, often due to
bankruptcy, the amounts can be very large.

174 Texas has one of the strongest precedents on this issue for utilities not
in ERCOT and therefore not subject to competition. See Public Utility
Commission of Texas (2018, p. 47, findings of fact 303-305).

175 Texas and California have treated these costs as overhead costs,
allocated by revenue to all customer classes.
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15. Revenues and Offsets
in Embedded Cost of Service Studies

15.1 Off-System Sales Revenues
ome retail cost of service studies treat wholesale sales
as a separate class and allocate costs to the off-system
customers. The cost of service study does not neces-

sarily lead to any change in the off-system customers’ charges

(which are typically set by contracts, markets or FERC) but

does help the regulator determine what share of the revenue

requirement not recovered by FERC-regulated sales should be
borne by each retail class. Alternatively, many utilities allocate
all their costs to the retail classes and credit the export
revenues back to the retail classes.’°

In the latter approach, utilities sometimes allocate
wholesale revenues to classes in proportion to their allocation
of generation costs. Under this type of allocator, the greater
the rate class’s demand and usage, the greater its share of the
off-system sales revenue. The problem with this approach is
that some classes (e.g., industrials) use most of the generation
capacity allocated to them throughout the year, while other
classes typically pay for capacity they use in their peak season
but which is available for sale in other seasons. Off-system
sales revenues depend not only on the retail customers’
financial support of the resources (including generating
capacity) from which off-system sales are made but also on
the extent to which class load shapes leave resources available
to make those sales.

A more appropriate allocator would reward a class for
having lower demand and usage, perhaps on a monthly

basis, thereby leaving generation (and transmission) capacity

available to support the off-system sales. In other words,

the revenue from off-system sales should reflect classes’
contribution to the availability of capacity to make the

sales.’!

15.2 Customer Advances
and Contributions in Aid
of Construction

As discussed in Section 11.2, most utilities charge new
customers or new major loads for expansion of the delivery
system, at least in some circumstances. Utilities frequently
require customer advances for construction costs when they
are asked to build a facility to accommodate subsequent
load growth (e.g., to connect a subdivision or commercial
development before some or perhaps any of the units are
built and sold). The utility requires the advance to transfer to
the developer the risk that the load will never materialize, or
that load will grow more slowly than expected. As the load
materializes, the advances are refunded to the developer.
Those advances provide capital to the utility and generally are
treated as a reduction of rate base; that cost reduction should
be directly assigned to the customer classes for whom the
advances were made.

Contributions in aid of construction are similar to
customer advances but are applied in situations in which the
utility does not expect the incremental net revenues from the
load to cover the entire cost of the expansion. The contribu-
tions are thus a permanent payment to the utility, offsetting
part of the capital cost. Contributions in aid of construction

should be treated similarly to customer advances, allocated as

190 The same approach is possible with retail customers whose rates are
fixed under multiyear contracts. Off-system sales revenues may vary
considerably, based on market conditions, and are therefore often
included in a fuel adjustment clause or similar rider between rate cases,
while the base allocation is typically established in a general rate case.

191 MidAmerican Energy in lowa proposed an hourly cost allocation method
for capacity and energy in arecent case but also argued that if the lowa
Utilities Board were to use its traditional “average and excess demand”
method instead, off-system sales margins should be allocated by excess
demand, not by energy. “MidAmerican believes it is more appropriate
to allocate wholesale margins (revenues less fuel costs) based on the
excess demand component of the [average and excess] allocator, as it
is from excess generation capacity that wholesale sales can be made”
(Rea, 2013, p. 19).
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rate base reductions for the class for which the contributions
were made. Where that is not possible, they should be applied
as realistically as possible to offset the rate base for the types
of facilities for which the contributions were collected.

As noted in Section 12.2, customer deposits that offset
rate base should be allocated consistently with uncollectible

accounts expenses and late payment revenues.

15.3 Other Revenues and
Miscellaneous Offsets

The treatment of other operating revenues affects
customer class allocation. Some cost of service studies allocate
all these revenues proportionally to a broad-based factor such
as base rate revenue. Others do a more granular analysis. The
granular analysis is preferable analytically because it is closer
to the basis for the revenues.9? There are several types of
other operating revenue. Three of the largest are:

«  Late payment revenues.
»  Revenues for auxiliary tariffed services.
»  Rents and pole attachment revenues.
As discussed in Section 12.2 earlier, late payment

revenues need to be treated consistently with uncollectible
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accounts expenses and customer deposits.

Auxiliary tariffed service revenues result from directly
charging customers for certain actions that customers take.
The large majority of tariffed revenues result from items such
as service establishment charges, charges for reconnection
after disconnection, field collection charges and returned
check charges. These revenues should not be allocated
broadly because the revenues are predominantly paid by
residential customers and the costs that these revenues
reimburse are predominantly in customer-related accounts
that are largely assigned to residential customers (accounts
586, 587, 901 to 903 and 905). These revenues should be
directly assigned to the customer class that pays them or
(if that is not possible) allocated in proportion to customer
accounts expenses excluding uncollectibles.

Tariffed service charges for costs associated with opting
out of AMI should be allocated in the same way as the costs of
AMI opt-outs (as discussed in Section 12.1).

Rents should be allocated to the function causing the
rents (distribution lines, office buildings, etc.). In particular,
pole attachment revenues from cable and telecommunica-

tions companies should be allocated in proportion to poles.

192 For example, assigning revenues from service establishment charges based on total base rate revenue would result in large customers, who rarely move,

receiving revenue as if they had moved many times in a single year.
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16. Differential Treatment
of New Resources and New Loads

n some situations, regulators have treated new resources

or new loads using considerations that do not fit neatly

into the embedded cost of service study framework. In
particular, equity may sometimes be improved by reflecting
the history and projections of class loads. However, there

are risks in adopting such an approach, particularly within

customer classes. Regulators should be careful to ensure

adoption of such techniques is not arbitrary or discriminatory
and is grounded in solid reasoning.

These differential treatment techniques are sometimes
referred to as incremental cost of service studies' and can
be conceptualized as either applying two different embedded
cost techniques or combining an embedded cost technique
with a marginal cost technique. In either case, the defining
characteristic of these methods is the recognition that the
costs associated with load growth in the recent past or the
relatively near future, which typically might be several years,
are being driven by a specific class or subclass of customers.

Incremental cost considerations are sometimes used to
address a special circumstance that justifies differential treat-
ment for particular classes or subclasses of customers within
the context of an embedded cost study. Examples include:

»  Allocating legacy low-cost generation resources to classes
in proportion to their contribution to loads in a past year
(perhaps the last year in which those resources were ad-
equate to serve load), with the higher incremental costs
of newer generation allocated to classes in proportion to
their load growth since that base year.

«  Setting the revenue requirements for selected classes or

subclasses at levels below the general cost allocation but

higher than near-term incremental costs; for example,
in determining how to apportion the cost burden

of economic development programs or low-income
assistance programs.

«  Developing desired end uses that may require prefer-
ential rates in the short term (e.g., electric vehicles or
docked ships that would otherwise be burning oil) to
provide a societal benefit or stimulate a desirable market.
In most cases, the differential treatment is intended to

protect customers in the other classes from higher costs of

new resources or from bearing a larger share of legacy costs.

16.1 Identifying a Role
for Differential Treatment

A study with differential treatment typically looks at
the costs the system will incur within a relatively short time
horizon to serve new load or retain existing load. The costs
that may differ between the legacy loads and resources and
incremental loads and resources include the variable costs
of existing generation resources and the costs of new supply
resources, transmission projects and distribution upgrades.'94
In each case, inequities or inefficiencies arise because costs
do not scale proportionally to the drivers, such as load. If the
utility has committed generation resources, with low variable
costs, in excess of its requirements and has overbuilt most of
its transmission and distribution circuits, incremental costs
will tend to be below average costs.!9 In contrast, in a period
of tight supply, the near-term costs of running expensive
generation and adding generation, transmission and distribu-

tion resources may be higher than embedded costs.

193 The term “incremental cost of service study” in this case is not used in
the same sense as a marginal cost of service study, where the marginal
impact of load patterns is measured.

194 Inprinciple, there could be similar differences in the costs of some
customer service elements, such as between an existing billing system
that would be adequate indefinitely for the existing accounts and an
expensive new system that would be required if the utility adds accounts.

195 Surplus capacity does not always imply that incremental costs are below
average costs. If the utility can save money by selling surplus generation
resources or shutting them down, the incremental cost of retaining or
increasing load may be as high as the embedded costs or nearly so.
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17. Future of Embedded Cost Allocation

hange is inevitable as the electric industry adapts

to new technology. Part 111 of this manual, on

embedded cost of service studies, has attempted to
address many common situations the cost analyst will face in
determining an equitable allocation of costs among customer
classes. But new technologies and changing loads will dictate
new issues and perhaps new methods.

Historically, power has flowed from central generators,
through transmission, to primary distribution and then
secondary distribution. Customers served at the transmis-
sion level have not paid for distribution, and those served
at primary have not paid for line transformers or secondary
lines. This situation is beginning to change. In some places,
the development of distributed solar capacity already causes
power to flow from secondary to primary and even onto the
transmission system. At some point, all customers may receive
service through all levels of the delivery system, requiring a
substantial rethinking of the allocation of distribution costs.

In addition to the increased complexity of system oper-

ations, utilities have more data about system operations and

customer loads than they had a few decades ago. As the costs
of electronics decline, more data will become available to
more utilities. Thus, methods that were the best available in
the 1980s can now (or soon) be superseded by more accurate
and realistic allocations. Computations that would have been
unwieldy on the computers of the 1980s are trivial today.

For example, as utilities acquire data on the hourly load
of each class, many costs can be allocated on an hourly basis,
rather than on such summary values as annual energy use and
contribution to a few peak load hours. The costs of baseload
generation resources (nuclear, biomass, geothermal) may be
assigned to all hours; costs of wind and solar resources to the
hours they provide service; storage to the hours in which it
exports energy and provides other benefits;>°® and demand
response costs to the hours these resources are deployed or
the hours in which they reduce costs by supplying operating
reserves. In a sense, this is an evolution and refinement of
the base-intermediate-peak traditional method, described in
Section 9.1.

To illustrate this approach, Figure 45 provides a day’s

Figure 45. Daily dispatch for illustrative hourly allocation example
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Hour of day

206 Among other things, charging storage in hours with low net loads will raise minimum load levels and reduce ramp rates, benefiting the hours in which net load

rises rapidly.
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Figure 46. Class loads for illustrative hourly allocation example
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worth of hourly dispatch of four resources: a baseload
resource (perhaps nuclear), solar, a peaker (perhaps a
combustion turbine) and storage (both as charging load below
the axis and generation above the line). In this example,
the storage charges from excess base capacity in the early
morning and then from solar, and discharges in the evening
to replace the waning solar. The actual application of hourly
allocation would include 8,760 hours from an actual or
typical year, with a wide range of load levels, availability of
the base resource and solar output patterns.

Figure 46 provides hourly energy requirements by class
(including losses) for the same day as in Figure 45.

Table 39 on the next page provides two types of data from
Figure 45 and Figure 46: each class’s share of the load in each
hour, and the portion of each resource’s daily generation that

occurs in the hour.

The generation cost allocation for a class would be:

Z Lh x Syhx Cy

r,h
Where Lj, = class share of load in hour h
S = share of resource r output that occurred
in hour h
C, = cost of resource (in this example,
for the day)

Table 40 shows the result of this computation for the
data in Table 39. The lighting class, for example, would pay
for 1.8% of the base resource, 2.2% of the peakers and just
0.6% of the solar. Table 40 also shows each class’s share of

total load, for reference.
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Table 39. Hourly class load share and resource output

Class share oflobad ——— —— Resource output: Percentage occurring by hour —

Hour Residential Commercial Industrial I%tlzte;tg Base Peaking Solar Storage
1 39.0% 35.3% 22.5% 3.2% 4% 0% 0% 0%
2 37.0% 36.2% 23.5% 3.3% 4% 0% 0% 0%
3 36.4% 36.7% 23.5% 34% 4% 0% 0% 0%
4 36.7% 37.0% 23.1% 3.3% 4% 0% 0% 0%
5 37.5% 36.6% 22.7% 3.2% 4% 0% 0% 0%
6 38.4% 37.2% 21.4% 3.0% 4% 0% 3% 0%
7 39.7% 371% 20.6% 2.6% 4% 0% 8% 0%
8 39.8% 39.2% 19.5% 1.6% 4% 0% 9% 0%
9 38.8% 42.6% 18.4% 0.2% 4% 0% 9% 0%
10 36.7% 44.8% 18.2% 0.2% 4% 0% 8% 0%
1 36.6% 45.1% 18.1% 0.2% 4% 0% 11% 0%
12 35.9% 45.8% 18.1% 0.2% 4% 0% 10% 0%
13 36.7% 44.8% 18.3% 0.2% 4% 0% 7% 1%
14 37.5% 44.0% 18.2% 0.2% 4% 0% 13% 0%
15 36.3% 44.7% 18.8% 0.2% 4% 0% 12% 0%
16 374% 43.5% 18.8% 0.2% 4% 0% 7% 0%
17 41.5% 40.6% 17.4% 0.4% 4% 5% 1% 25%
18 44.7% 37.3% 16.1% 2.0% 4% 13% 0% 25%
19 45.2% 35.8% 16.8% 2.2% 4% 13% 0% 18%
20 44.2% 36.1% 174% 2.3% 4% 15% 0% 12%
21 44.4% 35.4% 17.8% 2.3% 4% 15% 0% 10%
22 45.9% 33.8% 17.9% 2.4% 4% 19% 0% 5%
23 42.8% 35.1% 19.4% 2.6% 4% 12% 0% 1%
24 41.6% 35.5% 20.1% 2.8% 4% 6% 0% 3%
Allhours  397% 39.6% 19.1% 1.6% 100% 100% 100% 100%

Note: Percentages may not add up to 100 because of rounding.

Table 40. Class shares of resource cost responsibilities
and load

Secondary  Primary Street

Residential commercial industrial lighting

Resource type

Base 39.6% 39.2% 19.4% 1.8%
Peaker 44.3% 35.8% 17.7% 2.2%
Solar 37.5% 43.1% 18.7% 0.6%
Storage 43.8% 374% 17.2% 1.7%
Class share 39.7% 39.6% 19.1% 1.6%

of total load
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18. Theory of Marginal Cost Allocation

and Pricing

he fundamental principle of marginal cost
pricing is that economic efficiency is served

when prices reflect current or future costs

Economic efficiency is served when
prices reflect the true value of the

— that is, the true value of the resources beingused [[ESOLIICES b e | N g use d to serve

to serve customers’ loads — rather than historical

embedded costs. This is a strong underpinning

that most analysts agree on, but there are serious
theoretical and computational complications associated with
the development of marginal costs.

Marginal cost studies start from a similar
functionalization as embedded cost studies: generation,
transmission, distribution. However, the data used are not
at all the same as those used in an embedded cost of service
study. The typical marginal cost of service study requires
detailed hourly data on loads by customer class, marginal
energy costs and measures of system reliability (loss-of-energy
expectation, peak capacity allocation factor, probability of
peak, etc.), as well as multiyear data on loads and investments
for the transmission and distribution system.

As will be discussed below with specific examples and ap-
plications, the time horizon of marginal cost studies and even
of individual components within studies can vary. Marginal
costs can be measured in:

o The short run, as with energy costs measured for one to
three years, and all capital assets kept constant.

» Intermediate periods ranging from six years (the length of
two typical general rate cases for many utilities) to 15 years
(often used for analysis of T&D capital investments).

»  The long term, such as with long-run incremental costs
for the entire generation function; long-run generation
capacity costs based on equilibrium conditions; and the
rental of customer equipment in some marginal custom-
er cost studies. The longest possible analysis would be a
total service long-run incremental cost study where an

optimal system is costed out.

customers’ loads.

At one extreme, a true short-run marginal cost study will
measure only a tiny fraction of the cost of service that varies
from hour to hour with usage and holds all other aspects of
the system constant. At the other extreme, a TSLRIC study
measures the cost of replacing today’s power system with
a new optimally designed and sized system that uses the
newest technology. In between is a range of alternatives,
many of which have been used in states like Maine, New
York, Montana, Oregon and California to determine revenue
allocation among classes. The major conceptual issue in
these studies is using very short-run metrics for energy
cost and longer-term metrics for capital costs (generation,
transmission and distribution capacity and customer
connection costs). Many studies use these mixed time
horizons, but this is an error that should be avoided.

Marginal cost pricing generally is not connected to
the utility’s revenue requirement, except to some extent in
restructured generation markets (where the costs are not sub-
ject to traditional cost of service regulation). The calculated
marginal costs may be greater or less than the allowed revenue
requirement, which is normally computed on an accounting
or embedded cost basis. It is only happenstance if marginal
costs and embedded costs produce the same revenue.

There is also no necessary connection between marginal
cost pricing and cost allocation. To summarize the material
discussed in more depth below, in its simplest hypothetical
form, a marginal cost study computes marginal costs for

different elements of service, and these are multiplied by the
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27. Using Study Results to Allocate
the Revenue Requirement

Itimately, the purpose of a cost of service study is to
inform utility regulators about the relative contri-
bution to costs by the various customer classes as
one element in the decision on how to apportion the revenue
requirement among classes. In most states, regulators have
a great deal of discretion about how they use the results of
cost allocation studies. Therefore, the way the results are
presented is important because the regulators will want to see
important impacts clearly to use their time efficiently.
Embedded cost of service studies and marginal cost
of service studies approach this very differently, and we
discuss each separately in this chapter. After that, we discuss
approaches regulators use to implement, or diverge from, the

results of these studies.

27.1 Role of the Regulator
Versus Role of the Analyst

The role of the regulator is different from that of the
analyst. Regulators typically are appointed or elected into the
position based upon their broad perspectives of what “fair,
just and reasonable” means in the context of utility regulation
and pricing. These perspectives are necessarily subjective.

The analyst, on the other hand, may be tempted to work
on a strictly scientific and mathematical basis. This may not
adequately serve the needs of the regulator, who may need
the analysis to take note of public policy goals, economic
conditions in the service territory and other factors.

In the simplest terms, the regulator may need a range
of reasonable options for cost allocation and for rate design,
based on a range of reasonable analytical options, not a single
recommendation based on a single framework or approach.
The analyst must be prepared to develop more than one cost
allocation study, based on more than one analytical approach,
and let the regulator consider the principles guiding each
study. The analyst must be prepared to develop multiple ap-
proaches to rate design, all sharing the same goals of overall

revenue recovery and efficient forward-looking pricing.

27.2 Presenting Embedded
Cost of Service Study Results

Embedded cost of service studies typically include con-
clusions regarding the relative margin to the utility from each
customer class. Relative margin is a measure of profitability,
based on the revenues, expenses and rate base allocated to
each class.?# Class profitability is often presented in the
following forms:

1. Calculated rate of return on rate base (expressed both
by class and for the total utility):

allocated annual operating income

rate of return =
allocated rate base

Where allocated annual operating income =

annual revenues - annual allocated expenses

2. Calculated utility profit margin (expressed both by class
and for the total utility):
annual revenues

profit margin = -1
annual allocated expenses

3. Ratio of class revenue to total class-allocated costs:

revenues

revenue ratio =
allocated expenses + allocated return

Where allocated return = allocated rate base x allowed

rate of return

4. Revenue shortfall:
shortfall = (allocated return + allocated expenses) —
current revenues
5. Percentage increase required for equal rate of return:
shortfall

increase for equal rate of return =
revenues

Table 45 on the next page shows an illustrative example

of the computation of these measures.

241 These computations may use historical revenues and costs or projected
revenues and costs.
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states allow use of the minimum system method for cost
allocation between classes but require the narrower basic
customer method for the determination of customer charges

within classes in the rate design process.

28.3 Other Considerations
in Rate Design

Regulators often include non-cost considerations in
the design of rates. This is an appropriate exercise of their
responsibility to ensure that rates are fair, just and reasonable.
These terms are, by their nature, subjective, with ample room
to include considerations other than electric utility costs in
the ultimate decisions. For example, the Washington Utilities
and Transportation Commission has stated:
We recognize the substantial elements of judgment
which are involved in the development of any cost of ser-
vice study. We also recognize that many factors beyond
an estimate of cost of providing service are important in
the design of rates. These factors ... include acceptability
of rate design to customers; elasticities of demand, or the
variation of demand when prices change; perceptions of
equity and fairness; rate stability over time; and overall
economic circumstances within the region.

Based upon all these factors, we believe it is
necessary to make some movement toward the cost of
service relationships which the respondent has presented,
although we do not believe that it is appropriate to
fully implement the study in this proceeding. For policy
reasons, including those stated above, we do not feel it
necessary to infer that any cost of service study should be
automatically or uncritically accepted and applied in rate

design (1981, p. 24).

Some jurisdictions also explicitly incorporate broader
societal costs, particularly environmental and public health
externalities, into rate design decisions. In Massachusetts, the
Department of Public Utilities has longstanding principles of
efficiency that include: “The lowest-cost method of fulfilling
consumers’ needs should also be the lowest-cost means for

society as a whole. Thus, efficiency in rate structure means
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that it is cost-based and recovers the cost to society of the
consumption of resources to produce the utility service”
(Massachusetts Department of Public Utilities, 2018, p. 06).

These types of broader policy priorities can be reflected
in many ways. For example, a state with a policy to encourage
customer-owned renewable energy supply may develop rates
that are favorable to customers with solar panels. A state
with a policy to encourage energy conservation may have an
additional reason to adopt inclining block rates. A state with
real or perceived peak load limitations may prefer a critical
peak pricing rate.

One very common public policy goal is the use of postage
stamp rates, with the same rates applying to all customers of a
class within a service territory. As discussed in Section 5.2,
there are trade-offs in terms of the number of customer
classes. A larger number of customer classes may capture
more cost-based distinctions than a smaller number. For
example, in most utility systems, multifamily customers that
are less expensive to serve pay the same rates as single-family
customers, and rural customers pay the same rates as urban.
Having separate customer classes to reflect these distinctions
would arguably lead to a much more equitable distribution
of costs. These are probably the largest deviations from cost
principles in today’s utilities — dwarfing other deviations such
as perceived undercharging of residential customers as a class
or of solar customers as a subclass.

However, additional customer classes can lead to
additional administrative and oversight costs. Furthermore,
regulators, utilities and stakeholders must all have confidence
that there are true cost differentials among the customer
types and that there will be little controversy in applying these
differentials. Some analysts object to customer classes based
on adoption of particular end uses, although this may serve as
a proxy for significantly different usage profiles. Some analysts
may prefer separate classes for distinct types of customers,
such as schools and churches. As discussed previously, rates
that automatically reflect cost distinctions (e.g., time-varying
rates or different residential customer charges for single-
family and multifamily) can accomplish the same objective

as the creation of additional customer classes, often with
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additional efficiency benefits from
improved pricing.

Proper data must be available to
all parties so they can scrutinize the
distinctions made between customer
classes and whether these are truly based
on cost and not improper motives like
price discrimination. Some analysts feel
that a smaller number of rate classes will be fairer on balance,
and many equity issues within a customer class can be dealt
with through rate design.

Other common non-cost considerations come into play
in designing rates for low- and limited-income consumers.
In an engineering sense, these customers may differ very little
from other residential consumers in the metrics typically
used in a cost of service study. But regulators, on their
own initiative or under direction from their legislatures,

may adopt non-cost-based discounts for these customers.
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Proper data must be available so all
parties can scrutinize whether distinctions
made between customer classes are
based on cost and not improper motives
like price discrimination.

The same non-utility cost principles often apply to special
rates for new industrial customers to encourage economic
development within a service territory.

Lastly, in some states, legislatures have dictated some
elements of rate design, constraining the discretion of
the commission. In Connecticut and California, statutory
limitations on residential customer charges dictate,
respectively, the basic customer method4° and a cap

of $10 a month adjusted for inflation.47

246 See Connecticut General Statutes, Title 16, § 16-243bb, limiting the
residential fixed charge to “only the fixed costs and operation and
maintenance expenses directly related to metering, billing, service
connections and the provision of customer service.”

247 California Public Utilities Code § 739.9(f).
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Conclusion

ost allocation is a complex exercise dependent on
sound judgment. No less an authority than the U.S.

Supreme Court has made this point:

A separation of properties is merely a step in the
determination of costs properly allocable to the various
classes of services rendered by a utility. But where, as
here, several classes of services have a common use of
the same property, difficulties of separation are obvious.
Allocation of costs is not a matter for the slide-rule.

It involves judgment on a myriad of facts. 1t has no

claim to an exact science.248

These words from Justice William Douglas are just as
applicable today as they were when written in 1945. What has
changed since 1945 are the facts, which in turn require new
judgments. In particular, advancements in technology have
had a great impact and reverberating effects on our power
system. Multiple aspects of our power system are continuing
to evolve, and cost allocation methods must change to reflect
what we are experiencing. Over the past few decades, key
changes in the power system that have consequences on how
we allocate costs include:

«  Renewable resources are replacing fossil-fueled
generation, substituting invested capital in place of
variable fuel costs.

«  Peaking resources are increasingly located near load
centers, eliminating the need for transmission line
investment to meet peak demand served by peaking
units. Long transmission lines are often needed to bring
not only baseload coal and nuclear resources but also
wind and other renewable resources, even if they may
have limited peaking value relative to their total value to
the power system.

o Advanced battery storage is a new form of peaking
resource — one that can be located almost anywhere on
the grid and has essentially no variable costs. The total

costs of storage still need to be assigned to the time
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period when the resource is needed, to ensure equitable

treatment of customer classes.

«  Consumer-sited resources, including solar and storage,
are becoming essential components of the modern
grid. The distribution system may also begin to serve
as a gathering system for power flowing from locations
of local generation to other parts of the utility service
territory, the opposite of historical top-down electric
distribution.

o Short-run variable costs are generally diminishing as
capital and data management tools are substituted for
fuel and labor.

Simply stated, this means that many of the cost allocation
methods used in the previous century are not appropriate
to the electric utilities of tomorrow. As we've discussed in
this manual, new methods, new metrics and new customer
class definitions will be needed. The role of the cost analyst
remains unchanged: We are assigned the task of determining
an equitable allocation of costs among customer classes.

The methods analysts used in the past must give way to new

methods more applicable to today’s grid, today’s technologies

and today’s customer needs.

This manual has identified current best practices in cost
allocation methodology. These will also need to evolve to
keep up with the technological changes our electric system
is experiencing. Perhaps the most important evolution in
methodology recognizes that utility grids are built for the
general purpose of providing electricity service. The largest
single cost of building the grid is to ensure that it provides
kWhs to customers during all hours of the day and night.
Thus, similar to the way we price gasoline, groceries and
clothing, most costs of the grid should be assigned on a usage
basis, recovered in the sale of each kWh. In this same context,
the cost of connecting to the grid may be a customer-specific

cost. For items such as groceries and clothing, customers bear

248 Colorado Interstate Gas Co. v. Federal Power Commission, 324 U.S. 581,
589 (1945).



the cost of “connecting to the grid,” by traveling to a retailer.

The balance of the “grid” cost can and should be recovered in

the price of each unit.

As we have noted in this manual, a variety of cost alloca-
tion methods are currently in use across the country. There
are certain changes in cost allocation methodology that will
be specific to the approach appropriate for different regions.
However, this manual identifies certain changes in method-
ology that will be of general application across the continent,
including:

»  Assigning costs to time periods of usage (such as critical
peak, on-peak, midpeak, off-peak and super-off-peak),
rather than the much coarser metrics of “demand” and
“energy” used in the past.

- Differentiating among types of generation, recognizing
that some are relied on during peak periods, while others
are relied on during all hours or some other subset of
hours during the year.

«  Considering that the utilization of some utility assets
may have changed. Plants that were built as baseload
units may now be operated only intermittently, as newer
resources with different cost characteristics become more
valuable to the grid.

»  Realizing that most utility assets serve shared customer
loads, with different customers using these at different
times. The application of time-differentiated cost analysis
to apportioning the costs of a shared system becomes
critical.

«  Recognizing that smart grid systems make it possible to
provide better service at lower cost by including targeted
energy efficiency and demand response measures to
meet loads at targeted times and places, and thus that
those costs must, to some extent, follow the savings they
enable.

Embedded cost of service modeling practices must
also be modified to account for new changes in the electric

system. Key in this is the need to consider each asset and
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resource for the purposes for which it was constructed and
the functions it provides today. In general, assets that serve in
all hours should have their costs assigned to all hours; those
that serve only in limited periods, or are upsized at additional
cost for certain periods, should have costs assigned to the
relevant periods. The traditional methods of defining costs

as customer-related, demand-related and energy-related
must give way to time-varying purposes, so costs can be fairly
assigned among time periods in the new era.

Not surprisingly, marginal cost methods also must
change. Although these are used in fewer states than
embedded cost methods, they also need significant changes
to be relevant in the modern electric industry environment.
Methods must be updated to recognize both (1) the
substitution of capital costs for short-run variable operating
costs and (2) DER solutions for generation, transmission and
distribution.

Whether the cost allocation method has changed or not,
it is always important to present cost allocation data clearly,
so that regulators can do their job. Most regulators expect
quality technical analysis of costs but apply judgment in
the application of those results. They may want to consider
the results of multiple studies using different methods.
Gradualism in the implementation of change has important
value to avoid sudden impacts that may devastate residential,
commercial or industrial customers. Data and analytical
results should be presented in a way that informs regulators.
We must still recognize, however, that “allocation of costs
is not a matter for the slide-rule,” as Justice Douglas wrote
nearly a century ago.

This manual attempts to define methods that are relevant
today and will be applicable into the future as the industry
continues to evolve and as technology continues to drive
changes in costs, investment and expenses. The reasoned
analyst will always need to apply creativity and skill to the

task of allocating costs.
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Appendix A: FERC Uniform System

of Accounts

ince about 1960, the Federal Energy Regulatory
Commission has required electric utilities to follow its
Uniform System of Accounts. The system has accounts
for both a utility’s balance sheet and its income statement.?49
The balance sheet accounts include 100 to 299, with
300 to 399 providing more detail on utility plant and accounts
430 to 439 providing more detail on retained earnings.
Income statement accounts are 400 to 499, excepting 430 to
439. Many of the accounts relevant to utility rate case filings

and cost of service studies are identified below.

100 to 199: Assets and Other Debits
The asset accounts include plant in service (Account 101)
and depreciation reserve (Account 108) — which constitute
plant in rate base — and construction work in progress
(Account 107), along with a number of smaller accounts.
In most states, not all of these accounts are in rate
base,?° but the ones that typically are include:
o Accounts receivable other than from customers
(Account 143).
o Fuel inventories (accounts 120 — nuclear, 151 and 152).
+  Emissions allowances inventories (Account 158).
»  Materials and supplies inventories (Account 154).
«  Prepayments (Account 165, for items such as postage and
insurance and in some cases pensions).
o Certain deferred debits (Account 182, especially
regulatory assets for which the utility has invested money

but not recovered it).

»  Deferred tax assets (Account 190, usually netted with

accounts 282 and 283).

200 to 299: Liabilities and Other Credits

The liability accounts (200 series) have some accounts
traditionally in rate base and some not.

The largest elements included as offsets that reduce
rate base are accumulated deferred income tax liabilities
(accounts 282 and 283). In addition, rate base reductions
come from:

»  Customer deposits (Account 235, in most but not all
states).

o Customer advances for construction (Account 252).25"

»  Deferred credits (regulatory liabilities, in Account 254).

»  Unfunded pension liabilities (no specific account).

Elements of the amount of debt and equity, including
discounts on issuance and amounts arising from refinancing
past debt, are included in the capital structure, while most
accounts payable are subsumed in the cash working capital

computation.

300 to 399: Plant Accounts

The accounts in the 300 series are plant-in-service
accounts (providing more detail into utility plant included in
Account 101, by type). The accounts are subdivided for electric
service®? into:

Accounts 301 to 303: intangible plant. Today, the costs

cover mostly computer software, although there are some

249 The information here comes from Title 18, Part 101 of the Code of Federal
Regulations. Retrieved from https://www.ecfr.gov/cgi-bin/text-idx?c
=ecfr&SID=054f2bfd518f9926aac4b73489f11c67&rgn=divb&view=t
ext&node=18:1.0.1.3.34&idno=18. For a useful summary, see Phan, D.
(2015, August). Uniform System of Accounts [Presentation for NARUC].
Retrieved from https://pubs.naruc.org/pub.cfm?id=53720E26-2354-
D714-5100-3EBD0O2A2034E

250 Most states use a cash working capital calculation that encompasses the
utility’s accounts receivable and accounts payable for utility service (not
always uniformly) so that these items are not in rate base directly but are
included in the cash working capital calculation. Arkansas is an exception,

so this general discussion does not apply. Arkansas' modified balance
sheet approach puts most of the asset items in rate base and most of
the liabilities (200-series accounts) in the capital structure as zero-cost
capital.

251 Unlike customer advances for construction, contributions in aid of
construction do not have a specific place in the Uniform System of
Accounts but are simply subtracted from the amount of plant included in
summary Account 109 and the detailed accounts 364 to 370.

252 The 300-series accounts used for gas, water and so on are different from
the electric accounts.


https://www.ecfr.gov/cgi-bin/text-idx?c=ecfr&SID=054f2bfd518f9926aac4b73489f11c67&rgn=div5&view=text&node=18:1.0.1.3.34&idno=18
https://www.ecfr.gov/cgi-bin/text-idx?c=ecfr&SID=054f2bfd518f9926aac4b73489f11c67&rgn=div5&view=text&node=18:1.0.1.3.34&idno=18
https://www.ecfr.gov/cgi-bin/text-idx?c=ecfr&SID=054f2bfd518f9926aac4b73489f11c67&rgn=div5&view=text&node=18:1.0.1.3.34&idno=18
https://www.ecfr.gov/cgi-bin/text-idx?c=ecfr&SID=054f2bfd518f9926aac4b73489f11c67&rgn=div5&view=text&node=18:1.0.1.3.34&idno=18
https://www.ecfr.gov/cgi-bin/text-idx?c=ecfr&SID=054f2bfd518f9926aac4b73489f11c67&rgn=div5&view=text&node=18:1.0.1.3.34&idno=18
https://www.ecfr.gov/cgi-bin/text-idx?c=ecfr&SID=054f2bfd518f9926aac4b73489f11c67&rgn=div5&view=text&node=18:1.0.1.3.34&idno=18
https://pubs.naruc.org/pub.cfm?id=53720E26-2354-D714-5100-3EBD02A2034E
https://pubs.naruc.org/pub.cfm?id=53720E26-2354-D714-5100-3EBD02A2034E
https://pubs.naruc.org/pub.cfm?id=53720E26-2354-D714-5100-3EBD02A2034E
https://pubs.naruc.org/pub.cfm?id=53720E26-2354-D714-5100-3EBD02A2034E

legacy items for paying for franchises. These costs are usually
included with general and common plant as an overhead in
cost allocation.

Accounts 310 to 317: steam production plant. These costs
include costs of coal, oil and gas steam plants; some utilities
include combined cycle steam turbines here. Biomass and
geothermal plants owned by utilities would also appear here.
Most utilities maintain records of these accounts to the level
of the power plant, if not the individual unit of each plant,
which are reported in each utility’s annual report to FERC
(FERC Form 1), although they may be summarized in cost of
service studies.

Accounts 320 to 326: nuclear plant. Again, utilities
maintain separate records for each nuclear plant or unit,
which are presented in FERC Form 1.

Accounts 330 to 337: hydroelectric plant. Utilities
generally maintain separate records for each hydro plant,
which are also required to be filed as part of FERC Form 1.
Pumped storage is included with other hydroelectric plant.

Accounts 340 to 347: other power generation. These
include a mix of combustion turbines, combined cycles (as
some utilities place entire combined cycles in these accounts),
reciprocating engines, and wind and solar generation owned
by the utility.

Account 348 is for energy storage plant with a generation
function, excluding pumped hydro. This is a new addition
to the Uniform System of Accounts and includes batteries,
flywheels, compressed air and other storage.

Asset retirement obligations are included in each of the
broad categories of production plant (accounts 317, 326 and
347). Asset retirement obligations are not included in rate base
and are not directly found in cost of service studies. Aside from
nuclear power plants (where they are related to the decommis-
sioning fund), these costs only appear indirectly through the
calculation of negative net salvage as part of depreciation.

Accounts 350 to 357: transmission accounts. Costs are
divided by type of plant, not by the function or voltage level
of plant. Account 351 is a recently added account for energy
storage plant used on the transmission system.

Accounts 360 to 374: distribution accounts. Of the

major accounts, 362 is distribution substations, 364 is poles,
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365 overhead wires, 366 underground conduit, 367 under-
ground wires, 368 line transformers (also including capacitors
and voltage regulators), 369 services (sometimes divided

into overhead and underground subaccounts), 370 meters,
371 installations on customer premises (usually lighting
excluding streetlights but may include demand response
equipment) and 373 streetlights. Account 363, used very
infrequently now, is the FERC account where energy storage
plant installed on the distribution system would be included.

Accounts 382, 383 and 389 to 399: general plant or
common plant.

Accounts 382 and 383 are for general plant (largely
computer systems) used in regional market operations,
particularly for utilities that are members of 1SOs.

Accounts 389 to 399 include land, buildings, furniture,
computer hardware, vehicles and other similar items. Items
at specific power plant sites can be allocated with the plant.
Others are part of overhead costs. For an electric and gas
utility, some items in these accounts can be “electric general
plant” (items used at a power plant site, for example), while
others are the portion of “common plant” allocated to the
electric department of an electric and gas utility. General
plant can also be allocated from a holding company serving a

number of utilities.

400 to 499: Income and Revenue Accounts

Account 403 (depreciation) and Account 405 (amortiza-
tion) are subdivided at least by type of plant (different types
of production plant, transmission, distribution and general).
Many utilities subdivide this further by the FERC plant
accounts and by individual power plant or unit.

Account 408 (taxes other than income) is subdivided into
accounts for property taxes, payroll taxes and other taxes
(usually a small amount).

Current and deferred income taxes are found in accounts
409 and 410 and are usually calculated with significant detail
in revenue requirement studies.

The remainder of these accounts do not appear directly
in rate cases. Account 4206 is noteworthy because it includes
nonoperating expenses such as fines and penalties, lobbying,

donations and so on. Revenue requirement analysts often try



to assess whether costs booked to operating accounts instead
belong in this account.

Accounts 433 and 4306 to 439 are retained earnings
accounts. These accounts, which reflect profits not distributed
to shareholders as dividends, do not appear in rate cases.

Accounts 440 to 449 are revenue accounts, using broad
customer classes developed by FERC (residential, commercial,
industrial, railways, other public authority and sales for
resale). These FERC accounts often do not correspond to
utility rate classes in a cost allocation study.

Accounts 450 to 456 are revenues that do not come from
rates or wholesale transactions. They include late payment
charges (Account 450), tariffed service charges (mostly
in Account 451), rents (Account 453) and other revenues

(Account 450).

500 to 599: Production, Transmission and
Distribution Expenses

Production expenses are divided similarly to plant and
are broken down at the level of individual plants in FERC
Form 1.

Steam production operating expenses are in accounts 500
to 509, and maintenance expenses are in accounts 510 to 514.

Nuclear production operating expenses are accounts
517 to 527, and nuclear maintenance expenses are in accounts
528 to 532.

Hydroelectric production expenses are in accounts
535 to 540, and hydro maintenance expenses are in accounts
541 £0 545.

Other production plant expenses are in accounts 546 to
550, and other maintenance expenses are in accounts 551 to
554. Again, the definition includes combustion turbines, wind
and solar, as above.

Purchased power is in Account 555; production load
dispatching is in Account 556; and miscellaneous production
expenses (e.g., power procurement administration, renewable
energy credits) are in Account 557.

Transmission operating expenses are in accounts 560 to
567; maintenance expenses are in 568 to 573. Of note, wheel-
ing expenses (transmission by others) are in Account 565, and
certain expenses paid to 1SOs under FERC tariffs are included

as subaccounts of Account 5061.
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Regional market expenses are in accounts 575 (operating)
and 576 (maintenance). The bulk of these costs are expenses
paid to ISOs under FERC tariff and some internal market
monitoring and similar costs.

Distribution operating expenses follow plant and are in
accounts 580 to 590. Corresponding maintenance expenses

are in accounts 591 to 598.

600 to 899: Accounts Reserved for Gas and
Water Utilities

Not discussed further.

900 to 949: Customer Accounts; Customer
Service and Information, Sales, and General and
Administrative Expenses

Customer accounting expenses are accounts 9o1 to 90s.
Accounts 9ot and 9o5 are generalized expenses, while Account
902 is meter reading. Account 903 is the catchall, including
sending bills, collecting money, credit, call centers and similar
items. Account 9o4 is uncollectible accounts expense.

Customer service and information expenses are accounts
907 to 910. Energy efficiency and demand response costs are
typically found in Account 908, and Account 909 is instruc-
tional advertising.

Sales and marketing expenses are accounts 911 to 910.
They include an advertising component in Account 913.

Administrative and general expenses are accounts 920
to 935. There are elements for administrative salaries (920)
and nonlabor expenses (921) and contracts (923), as well as
insurance (924 and 925), pensions and benefits (9206), regula-
tory commission expenses (928), miscellaneous expenses (930)
and rental of buildings and maintenance of general plant
(931 to 935). They may include costs from holding companies.
Costs in Account 922 are transferred out, either to capital or
to other utility affiliates.

In these areas, the FERC Uniform System of Accounts is
not particularly uniform. For example, the costs for the same
function, such as a key account representative, can appear
in accounts 903, 908, 912 or administrative account 920,
depending on the utility. Generation procurement expenses,
which appear to belong in Account 557, can also end up in the

administrative accounts 920 and 921.
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Appendix B: Combustion Turbine
Costs Using a Real Economic Carrying

Charge Rate”

real economic carrying charge (RECC) rate is

designed to measure the economic return expected

for an asset whose value increases at the rate of
inflation every year. An economic carrying charge also has the
property of measuring the value of deferring the construction
of an asset from one year to the next.

A levelized nominal-dollar stream of numbers is one way
to represent the cost of a power plant. It reflects that if the
utility actually bought a combustion turbine today, its costs
would be locked in for the 30-year life of the plant. However,
using a RECC is more appropriate because it enables the
analyst to develop a cost stream for a period shorter than the
full life of the plant.>>

The first step in calculating the RECC begins with
calculating the year-by-year revenue requirement of a given
asset. One must look at the entire time stream of ownership
of an asset and calculate a present value of revenue require-
ments over the life of the asset using utility accounting.

The discount rate used in such a calculation is typically the
utility rate of return. (However, there are arguments among
analysts as to whether that discount rate is reduced for the
tax deductibility of bond interest.>) The present value of
revenue requirements includes return, depreciation, and
income and property taxes and may include certain other

costs such as property insurance. From this present value of

revenue requirements, one can then calculate the RECC. This
is the number of dollars in the first year that, when increased
at the rate of inflation every year, results in the same present
value at the end of the time period as the present value of
revenue requirements.?°

Figure 47 on the next page is a conceptual example to
show the capital and operations and maintenance (O&M)
costs for a combustion turbine with a 30-year life. The
assumptions used in this example regarding the combustion
turbine’s capital and O&M costs, as well as capital structure,
were developed in a Southwest Public Service Co. case in
Texas.?s” The result is that, for this example, the nominal
dollar revenue requirement (capital plus O&M) in the
first year is $83.54 per kW-year, declining to about $33 per
kW-year at the end of the plant’s 30-year life as the plant is
depreciated. The nominal levelized cost is $63.20. The first-
year cost using the RECC is $53.47.

Costs are somewhat sensitive to financial input assump-
tions. For example, using the capital structure (51% equity and
49% debt) and return on equity (9.3%) offered by the Office
of Public Utility Counsel, the first-year RECC in this case
would be $52.32. Using Southwest Public Service Co.s capital
structure (58% equity and 42% debt) and return on equity
(10.25%), the first-year RECC would be $57.51.

253 This appendix is adapted from Marcus, W. (2018, May). Cross-rebuttal
testimony on behalf of the Office of Public Utility Counsel, Appendix A.
Public Utility Commission of Texas Docket No. 47527.

254 Costs calculated based upon time periods shorter than 25 years are
considered deferred rather than avoided because combustion plant life
cycles are 25 years or greater.

255 Marcus, W. (2013, December). Testimony on behalf of The Utility Reform
Network, pp. 2-5. California Public Utilities Commission Application No.
13-04-012.

256 This method of calculating the RECC was developed by National Economic
Research Associates (now known as NERA Economic Consulting) in the
late 1970s.

257 The case is Public Utility Commission of Texas Docket No. 47527. The
capital and O&M costs ($621 per kW and $7.27 per kW-year, respectively)
and the inflation rate (1.74%) are from testimony of J. Pollock on behalf
of Texas Industrial Energy Consumers (2018, April 25). Property tax
rates (0.67%) are those estimated in testimony of N. Koch on behalf of
Southwest Public Service Co., Attachment NK-RR-5 (2017, August 21).

In addition, the capital structure (48% debt, 52% equity) and return on
equity (9.6%) are from the settlement of Southwest Public Service's
previous case in Docket No. 45524, with the cost of debt adjusted to the
level from Docket No. 47527 (4.38%).
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Figure 47. Comparison of temporal distributions for combustion turbine cost recovery
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Appendix C: Inconsistent Calculation
of Kilowatts in Marginal Cost Studies

wo examples of problematic inconsistencies in mea-
sures of demand are identified here to illustrate the
problem. Although we have chosen these particular
examples, we recognize that additional inconsistencies are
likely to be found when analyzing other cost studies.
Pacific Gas & Electric measures demand (except for
new hookups, which are measured based on demand at the
transformer) using the hottest year in 10 years to develop the
marginal cost per kW of regional distribution demand. 1t thus
develops a lower cost per kW than if it used a normal year.
The company then multiplies this cost by a peak capacity
allocation factor based on a normal year.?s® The peak capacity
allocation factor is lower than even the peak demand of
the normal year. As a result of the inconsistent measures of
demand, its marginal cost revenue requirement of demand
is too low relative to its marginal cost revenue requirement

of customer costs, inflating the role of customer costs in

distribution marginal costs.

Southern California Edison has the same problem, only
worse. lts marginal costs are calculated based on system
capacity, not demand. System capacity is usually much higher
than system demand. As an example, Southern California
Edison’s subtransmission substation capacity is about 37,000
MWs, even though its time-varying system demand is about
16,000 MWs. The result is that the company obtains a low
figure in dollars per kW of capacity (developed using a NERA
Economic Consulting regression based on 37,000 MWs of
capacity). It then multiplies this figure by 16,000 MWs of
time-varying demand. As a result, about 57% of real costs
of Edison subtransmission investments disappear in the
NERA cost allocation methodology. This mismatch benefits
large customers, whose total distribution costs have a larger

fraction of subtransmission costs than smaller customers.?59

258 California Office of Ratepayer Advocates. (2017, February). Testimony,
Chapter 4. California Public Utilities Commission Application No. 16-06-
013.

259 Marcus, W. (2018, March 23). Testimony on behalf of The Utility Reform
Network, pp. 23-28. California Public Utilities Commission Application No.
17-06-030.
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Appendix D: Transmission and
Distribution Replacement Costs

as Marginal Costs™

competitive business could not continue to operate

in the intermediate term if its prices did not recover

its costs of doing business. These include the full
amount of its O&M costs, plus a return on new capital expen-
ditures (including both capital additions and replacements
to the existing system that are necessary to serve the loads of
its existing customer base) and investments required to serve
new loads and customers. This definition would exclude all
sunken capital costs.

To understand this point, an example from another in-
dustry might be helpful. Assume that package delivery growth
has stagnated in a given area, such that only the same number
of packages must be delivered for each of the next 10 years.
Then assume that the delivery company (which serves only
this area) must replace a portion of its fleet of delivery trucks
in order to keep delivering this stable number of packages
at some point during this time frame. The NERA method of
marginal cost analysis would assume that the replacement
trucks are not a marginal cost of serving the demand for
packages in this area. As a result, the NERA method assumes
that it would be economically inefficient for the trucking
company to recover the cost of those replacement trucks
(unless a portion of the costs could be recovered in advance
at a time when the package demand in the area was grow-
ing, prior to the time when truck replacement was actually
required), because it would require charging more than the
marginal cost of operating the existing trucks.

Moreover, assume that the real cost of trucks increased
dramatically in the period between the time the delivery
company purchased its original delivery truck fleet and the
time it ultimately needs to make replacements of the original
fleet (similar to real increases in, for example, the cost of
pole replacement and substation transformers due to higher

materials costs). Assume also that the price the trucking

firm is able to charge its customers has not increased in real
terms and the number of packages that its existing customers
send and have delivered, on average, has not changed. The
question for the delivery company is then: Is the marginal
cost of replacing its trucks at least equal to the marginal
revenue it will retain by continuing its ability to serve its
existing customer base? If not, then the company will not
make the replacements, and it will choose to exit the delivery
business and employ its capital elsewhere. Just because the
decision does not include the possibility of new, additional
customers does not mean the delivery company would not
make its decision to replace its fleet on the basis of marginal
cost and revenue.

The difference between the NERA utility system and
the trucking company is largely of degree, not kind: Utility
replacements are required less frequently than those of the
trucking company and can often be deferred for years; wires
must serve a fixed route, whereas the route of a delivery
truck may change; and the utility is a monopoly, whereas a
trucking company may not be. However, the recovery of the
cost of replacements is still part of the long-run marginal cost
structure of both companies. Neither could stay in business
in a competitive market if each does not recover replacement
costs in some way.

In essence, the NERA method’s view of this issue is based
on the assumption that marginal cost applies only to new
demand and not to the retention of existing demand. But this
view of marginal cost is not economically correct. First, if the
utility does not make required replacements, it will no longer

be able to supply load. If it cannot supply load, the quantity

260 This discussion is adapted from Jones, G., and Marcus, W. (2015, March
13). Testimony on behalf of The Utility Reform Network, pp. 23-26.
California Public Utilities Commission Application No. 14-06-014.
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demanded from the utility will necessarily decline — utility
customers will necessarily have to demand their electrons
from other sources, such as exclusive distributed generation
and storage. Second, marginal cost principles include small
changes in costs for small changes in production (not neces-
sarily increases) as a result of changes in demand. Without
replacement, and therefore continued service, the utility
would not be able to serve the load demanded by existing
customers. Were this to occur, the marginal change would

be a decline in demand, but it would still be a change in
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demand, which is what the marginal principles with which
we are concerned are to measure in the first place. Finally, a
business that cannot continue to serve its existing customers
under its cost structure cannot stay in business without
losing demand from customers that it can no longer serve
economically. Replacement costs (with a few exceptions like
undergrounding for policy and aesthetic reasons) are required
to assure that loads of existing customers do not decline due

to a dilapidated and disintegrating system.
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Appendix E: Undervaluation
of Long-Run Avoided Generation Costs
in the NERA Method

he theoretical framework of the NERA method to

justify the marginal costs based on a combustion

turbine for capacity plus projected short-run
marginal costs (SRMC) for energy is predicated on the
assumption that a utility will add a baseload resource only at
the time it will lower average generation costs. Using this fact
alone, it can be demonstrated mathematically that SRMC,
assuming the existence of the new plant (SRMCr henceforth),
can be below the price that a utility would pay to cost-
effectively build a new plant.

The following discussion focuses on the energy cost
term. For the cost-effectiveness above to hold, the annual
capital cost plus total operating costs of the new plant, less
the annual and fixed operating costs of peaking capacity,
must be less than the energy costs on the new system avoided
by the new plant. Only if these conditions hold would the
new plant reduce energy costs.

In the following mathematical demonstration:

»  SRMC refers solely to energy costs.

»  The cost of a peaker is subtracted from the cost of the
new plant.

»  SRMCl1 is the SRMC with the new plant included.

«  The avoided cost from a new plant (ACNP) is the energy
cost on the existing system avoided by the new plant.

«  SRMC2 is the SRMC without the new plant.

«  The new plant cost (NPC) is the total capital plus
operating cost of the new plant net of peaker capital and
fixed operating costs.

The following inequality must hold:

SRMC1 <= ACNP <= SRMC2

It essentially states that the SRMC curve declines as

resources with low fuel costs are added to a utility system

that is otherwise the same. In nonmathematical terms, the

equation embodies the fact that, for example, the SRMC
calculated for a utility system with too MWs of must-take
wind generation added to the system is below that calculated
in the base case without the wind generation.

For the average cost to decline when a new plant is
added, a second inequality must also hold:

NPC < ACNP

The new plant must be cheaper than the costs avoided on
the existing system by the plant.

Since SRMC1 <= ACNP, a new utility generating station
can be cost-effective if its cost is greater than SRMC1, as the
following inequality shows:

SRMC1 <> NPC <= ACNP

If SRMC1 > NPC, then the resource is an “inframarginal”
resource with costs well below system marginal costs and
would be cost-effective at a time of system need for capacity.
If the only resources that a utility was building were infra-
marginal, then SRMCI1 represents avoided cost because the
utility plant would be cheaper.

If utility plant were infinitely divisible and the utility
system were in equilibrium, the special case of a fourth
equation would be true:

SRMC1 =ACNP =NPC

In other words, short-run and long-run avoided cost
would be equal.

However, if SRMC1 < NPC, then the utility’s short-run
marginal costs under the NERA method are less than long-
run avoided costs. Use of SRMC1 for resource plan evaluation
and rate design thus would skew results away from options
that may be cheaper than the new plant and would result in
allocation and rate design decisions that undervalue energy

relative to other components of marginal cost.



Glossary

Adjustment clause

A rate adjustment mechanism implemented on a recurring
and ongoing basis to recover changes in expenses or capital
expenditures that occur between rate cases. The most
common adjustment clause tracks changes in fuel costs
and costs of purchased power. Some utilities have weather
normalization adjustment clauses that correct for abnormal

weather conditions. See also tracker and rider/tariff rider.

Administrative and general costs Abbreviation: A&G
Capital investments and ongoing expenses that support

all of a utility’s functions. One example of such a capital
investment is an office building that houses employees for the
entire utility. An example of such an ongoing expense is the

salaries of executives who oversee all parts of the utility.

Advanced metering infrastructure Abbreviation: AMI
The combination of smart meters, communication systems,
system control and data acquisition systems, and meter
data management systems that together allow for metering
of customer energy usage with high temporal granularity;
the communication of that information to the utility and,
optionally, to the customer; and the potential for direct
end-use control in response to real-time cost variations and
system reliability conditions. AMI is an integral part of the

smart grid concept.

Allocation/cost allocation
The assignment of utility costs to customers, customer groups

or unbundled services based on cost causation principles.

Allocation factor/allocator

A computed percentage for each customer class of the share
of a particular cost or group of costs each class is assigned in a
cost of service study. Allocation factors are based on data that
may include customer count, energy consumption, peak or

off-peak capacity, revenue and other metrics.
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Alternating current Abbreviation: AC
Current that reverses its flow periodically. Electric utilities
generate and distribute AC electricity to residential and

business consumers.

Ampere

The standard unit of electrical current, formally defined as a
quantity of electricity per second. This unit is often used to
describe the size of the service connection and service panel

for an electricity customer.

Ancillary service

One of a set of services offered and demanded by system
operators, utilities and, in some cases, customers, generally
addressing system reliability and operational requirements.
Ancillary services include such items as voltage control and
support, reactive power, harmonic control, frequency control,
spinning reserves and standby power. The Federal Energy
Regulatory Commission defines ancillary services as those
services “necessary to support the transmission of electric
power from seller to purchaser given the obligations of
control areas and transmitting utilities within those control
areas to maintain reliable operations of the interconnected

transmission system.”

Automated meter reading Abbreviation: AMR
Automated meter reading systems use radio or other means
to download data from meters periodically without a need
for a meter reader to visit each location. They typically do
not include interval data of sufficient precision to support
advanced services such as critical peak pricing. More
sophisticated systems are usually called advanced metering

infrastructure.



Average-and-peak method

A method of apportioning demand-related generation,
transmission or distribution costs that assigns a portion of
costs equal to the system load factor to all classes based on
the kWh usage (average demand) of the class and the balance
of costs to each class based on peak demand of each class. The
metric for peak demand can be any of those described under

peak responsibility method.

Avoided cost

The cost not incurred by not providing an incremental

unit of service. Short-run avoided cost is the incremental
variable cost to produce another unit from existing facilities.
Long-run avoided cost includes the cost of the next power
plant a utility would have to build to meet growing demand,
plus the costs of augmenting reliability reserves, additional
transmission and distribution facilities, environmental costs

and line losses associated with delivering that power.

Base-intermediate-peak method Abbreviation: BIP
The base-intermediate-peak cost allocation method assigns
each component of generation and often transmission and
distribution plant to a category of whether it is fully required
in all hours (base) or required only in intermediate or peak
hours. It then allocates those costs based on the usage of

customer classes in each time period.

Baseload generation/baseload units/baseload
capacity/baseload resources

Electricity generating units that are most economically run
for extended hours. Typical baseload units include coal-fired

and nuclear-fueled steam generators.

Basic customer method

A distribution cost allocation approach that classifies

only customer-specific costs — such as meters, billing

and collection — as customer-related costs, with all other
distribution and operating costs assigned based on demand or

energy measures of usage.
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Behind the meter

Installations of electrical equipment at customer premises,
connected to the building or facility wiring at a point

where any impacts are measured by the flow through the
customer meter. This may include solar photovoltaic or
other generating resources, batteries or other storage, or
load control equipment. Behind-the-meter installations are
usually owned by the retail customer but may be called upon

to provide grid services.

British thermal unit Abbreviation: Btu

A unit of heat, defined as the amount necessary to raise the
temperature of 1 pound of water by 1 degree Fahrenheit.
Multiples of this unit are frequently used to describe the

energy content of fuels.

Capacity

The ability to generate, transport, process or utilize power.
Capacity is measured in watts, usually expressed as kilowatts
(1,000 watts), megawatts (1,000 kilowatts) or gigawatts (1,000
megawatts). Generators have rated capacities that describe
the output of the generator when operated at its maximum

output at a standard ambient air temperature and altitude.

Capacity factor

The ratio of total energy produced by a generator for a
specified period to the maximum it could have produced if it
had run at full capacity through the entire period, expressed
as a percentage. Fossil-fueled generating units with high
capacity factors are generally considered baseload power
plants, and those with low capacity factors are generally
considered peaking units. These labels do not apply to

wind or solar units because the capacity factors for these
technologies are driven by weather conditions and not

decisions around optimal dispatch.

Capacity-related costs

See demand-related costs.



Circuit

This generally refers to a wire that conducts electricity from
one point to another. At the distribution level, multiple
customers may be served by a single circuit that runs from

a local substation or transformer to those customers. At the
transmission level, the term “circuit” may also describe a
pathway along which energy is transported or the number of

wires strung along that pathway. See also conductor.

Classification
A step in some cost allocation methods in which costs are
defined into categories such as energy-related, demand-

related and customer-related.

Coincident peak Abbreviation: CP

The combined demand of a single customer or multiple
customers at a specific point in time or circumstance, relative
to the peak demand of the system, in which “system” can refer
to the aggregate load of a single utility or of multiple utilities

in a geographic zone or interconnection or some part thereof.

Combined cycle unit

A type of generation facility based on combustion that
combines a combustion turbine with equipment to capture
waste heat to generate additional electricity. This results in

more efficient operation (higher output per unit of fuel input).

Combustion turbine

A power plant that generates electricity by burning oil or
natural gas in a jet engine, which spins a shaft to power

a generator. Combustion turbines are typically relatively
low efficiency, have lower capital costs than other forms of

generation and are used primarily as peaking power plants.

Community choice aggregation

Community choice aggregation involves a municipality

or other local entity serving as the electricity purchasing
central agent for all customers within a geographic area. The
distribution system is still operated by a regulated utility. In
some cases, customers can opt out and use another method

to obtain electricity supply.
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Competitive proxy method

The usage of information on energy and capacity revenue in
competitive wholesale markets in order to classify generation
assets for vertically integrated utilities between energy-

related and demand-related.

Conductor
The individual wire or line that carries electricity from one

point to another.

Connection charge
An amount to be paid by a customer to the utility, in a lump
sum or installments, for connecting the customer’s facilities

to the supplier’s facilities.

Contribution in aid of construction

Utilities sometimes require customers to pay a portion of the
cost of extending distribution service into sparsely populated
areas. These contributions are recorded as a contribution

in aid of construction or sometimes as a customer advance
that is refundable if additional customers in that area opt for

electricity service.

Cooperative Abbreviation: co-op
A not-for-profit utility owned by the customer-members.
A co-op is controlled by a member-elected board that

includes representatives from business customers.

Cost allocation
Division of a utility’s revenue requirement among its
customer classes. Cost allocation is an integral part of a

utility’s cost of service study.

Cost of service

Regulators use a cost of service approach to determine a fair
price for electric service, by which the aggregate costs for
providing each class of service (residential, commercial and
industrial) are determined. Prices are set to recover those
costs, plus a reasonable return on the invested capital portion

of those costs.



Cost of service study

An analysis performed in the context of a rate case that
allocates a utility’s allowed costs to provide service among its
various customer classes. The total cost allocated to a given
class represents the costs that class would pay to produce an

equal rate of return to other classes. Regulators frequently

exercise judgment to adopt rates that vary from study results.

Critical peak

A limited number of hours every year when the electric
system, or a portion of it, is under a significant amount of
stress that could cause reliability problems or the need for

nontrivial capital investments.

Critical peak pricing
A form of dynamic retail rate design where a utility applies a
substantially higher rate, with advance notice to customers,

for a limited number of hours every year when the electric

system is projected to be under a significant amount of stress.

Curtailment

This can refer to different sets of practices for either load

or variable renewable generation. With respect to load,
curtailment represents a reduction in usage in response

to prices and programs or when system reliability is
threatened. Price-responsive load curtailment is also known
as demand response. Utilities and independent system
operators typically have curtailment plans that can be used
if system reliability is threatened. Curtailment of variable
renewable generation can take place if there is an economic
or system reliability reason why the electric system cannot
take incremental energy from these units. This could occur
when there is more energy available than can be transmitted
given delivery constraints, or if the operating constraints of
other generators are such that it is more efficient to curtail

renewable generation rather than ramp down other units.
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Customer charge

A fixed charge to consumers each billing period, typically to
cover metering, meter reading and billing costs that do not
vary with size or usage. Also known as a basic service charge

or standing charge.

Customer class

A collection of customers sharing common usage or
interconnection characteristics. Customer classes may
include residential (sometimes called household), small
commercial, large commercial, small industrial, large
industrial, agriculture (primarily irrigation pumping), mining
and municipal lighting (streetlights and traffic signals). All
customers within a class are typically charged the same rates,
although some classes may be broken down into subclasses
based on the nature of their loads, the capacity of their
interconnection (e.g., the size of commercial or residential

service panel) or the voltage at which they receive service.

Customer noncoincident peak demand (or load)
The highest rate of usage in a measurement period of an
individual customer — typically in a one-hour, 30-minute
or 15-minute interval — unaffected by the usage of other
customers sharing the same section of a distribution grid.
Also known as maximum customer demand. See also

noncoincident peak.

Customer-related costs
Costs that vary directly with the number of customers served

by the utility, such as metering and billing expenses.

Decomposition method

A legacy method that jointly classifies and allocates
generation assets. This method assumes that customer classes
with high load factors are served by high-capacity-factor
baseload resources. In many cases, such a method would
advantage the large industrial customer class, although

that does depend on the cost of the baseload resources in
question. Among other issues, this method ignores reserve
requirements or other backup supply needs and any need to

equitably share the costs of excess capacity.



Decoupling

Decoupling fixes the amount of revenue to be collected

and allows the price charged to float up or down between
rate cases to compensate for variations in sales volume in
order to maintain the set revenue level. The target revenue

is sometimes allowed to increase between rate cases on the
basis of an annual review of costs or a fixed inflator, or on the
basis of the number of customers served. The latter approach
is sometimes known as revenue-per-customer decoupling.
The purpose is to allow utilities to recover allowed

costs, independent of sales volumes, without under- or

overcollection over time. Also known as revenue regulation.

Default service/default supply

In a restructured electric utility, the power supply price a
customer will pay if a different supplier than the distribution
utility is not affirmatively chosen. Most residential and small-
business consumers are served by the default supply option
in areas where it is available. Also known as standard service

offer or basic service.

Demand

In theory, an instantaneous measurement of the rate at
which electricity is being consumed by a single customer

or customer class or the entirety of an electric system,
expressed in kilowatts or megawatts. Demand is the load-
side counterpart to an electric system’s capacity. In practical
terms, electricity demand is actually measured as the average
rate of energy consumption over a short period, usually 15
minutes or an hour. For example, a 1,000-watt hair dryer run
for the entirety of a 15-minute demand interval would cause a
demand meter using a 15-minute demand interval to record 1
kilowatt of demand. If that same hair dryer were run for only
7.5 minutes, however, the metered demand would be only 0.5

kilowatt. Not all electric meters measure demand.

Demand charge

A charge paid on the basis of metered demand typically

for the highest hour or 15-minute interval during a billing
period. Demand charges are usually expressed in dollars per

watt units, such as kilowatts. Demand charges are common
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for large (and sometimes small) commercial and industrial
customers but have not typically been used for residential
customers because of the very high diversity among
individual customers’ usage and the higher cost of demand
meters or interval meters. The widespread deployment of
smart meters would enable the use of demand charges or

time-of-use rates for any customer served by those meters.

Demand meter
A meter capable of measuring and recording a customer’s
demand. Demand meters include interval meters and smart

meters.

Demand-related costs/capacity-related costs
Costs that vary directly with the system capacity to meet peak
demands. This can be measured separately for the generation,

transmission and distribution segments of the utility system.

Demand response

Reduction in energy use in response to either system
reliability concerns or increased prices (where wholesale
markets are involved) or generation costs (in the case of
vertically integrated utilities). Demand response generally
must be measurable and controllable to participate in

wholesale markets or be relied upon by system operators.

Depreciation
The loss of value of assets, such as buildings and transmission

lines, owing to age and wear.

Direct current Abbreviation: DC
An electric current that flows in one direction, with a

magnitude that does not vary or that varies only slightly.

Distributed energy resource Abbreviation: DER

Any resource or activity at or near customer loads that
generates energy, reduces consumption or otherwise
manages energy on-site. Distributed energy resources
include customer-site generation, such as solar photovoltaic
systems and emergency backup generators, as well as energy

efficiency, controllable loads and energy storage.



Distributed generation

Any electricity generator located at or near customer loads.
Distributed generation usually refers to customer-sited
generation, such as solar photovoltaic systems, but may
include utility-owned generation or independent power

producers interconnected to the distribution system.

Distribution
The delivery of electricity to end users via low-voltage electric

power lines (usually 34 kV and lower).

Distribution utility

A utility that owns and operates only the distribution system.
It may provide bundled service to customers by purchasing
all needed energy from one or more other suppliers or may
require that customers make separate arrangements for

energy supply. See also vertically integrated utility.

Distribution system

That portion of the electric system used to distribute energy
to customers. The distribution system is usually distinguished
from the transmission system on the basis of voltage and
function. Components operating above 100 kV are

considered transmission. Components operating below

50 kV are considered distribution. Facilities between 50 kV and
100 kV are often termed subtransmission but are normally
included in the distribution service FERC accounts. After
energy is received from a large generating facility, its voltage

is stepped up to very high levels where it is transported by

the transmission system. Power from distributed generating
facilities such as small photovoltaic systems is normally
delivered into the distribution system and transported to
nearby customers at the distribution system level without ever

entering the transmission system.

Distribution system operator

The entity that operates the distribution portion of an electric
system. In the case of a vertically integrated utility, this entity
would also provide generation and transmission services. In
many restructured markets, the distribution system operator
provides only delivery services and may provide only limited

energy services as a provider of last resort.

Exh. ZML-6
UE-260005-06, UE-260113
Page 263 of 276

Diversity/customer diversity/load diversity

The measurement of how different customers use power at
different times of the day or year, and the extent to which
those differences can enable sharing of system generation,
transmission or distribution capacity. For example, schools
use power primarily during the day, and street lighting
uses power exclusively during hours of darkness; they are
able to share system capacity. By contrast, continuous-use
customers, such as data centers and all-night mini-marts,
preempt the use of capacity. Irrigators use power in
summer, and space heat uses power in winter, also allowing
the seasonal sharing of generation but sometimes not of

distribution capacity.

Dynamic pricing

Rates that may be adjusted frequently, such as hourly or every
15 minutes, based on wholesale electricity costs or actual
generation costs. Also known as real-time pricing. See also

critical peak pricing.

Embedded cost of service study

A cost allocation study that apportions the actual historic
test year or projected future rate year system costs among
customer classes, typically using customer usage patterns in

a single yearlong period to divide up the costs. Sometimes
called a fully allocated cost of service study. See also marginal
cost of service study and total service long-run incremental

cost.

Embedded costs

The actual current costs, including a return on existing plant,
used to provide service. These are reflected in the FERC
system of accounts reported in each utility’s FERC Form 1

filing. See also marginal costs.

Energy

A unit of power consumed over a period of time. Energy is
expressed in watt-time units, in which the time units are
usually one hour, such as a kilowatt-hour, megawatt-hour
and so on. An appliance placing 1 kilowatt of demand on the
system for an hour will consume 1 kilowatt-hour of energy.

See also watt and watt-hour.



Energy charge
A price component based on energy consumed. Energy
charges are typically expressed in cents per kilowatt-hour and

may vary based on the time of consumption.

Energy efficiency

The deployment of end-use appliances that achieve the same
or greater end-use value while reducing the energy required
to achieve that result. Higher-efficiency boilers and air
conditioners, increased building insulation, more efficient
lighting and higher energy-rated windows are all examples of
energy efficiency. Energy efficiency implies a semipermanent,
longer-term reduction in the use of energy by the customer,
contrasted with behavioral programs that may influence
short-term usage habits. Because energy efficiency reduces
the need for generation, transmission and distribution, these
costs are properly allocated using the methods applied to all

three functions.

Energy-related costs
Costs that vary directly with the number of kilowatt-hours

the utility provides over a period of time.

Equal percentage of marginal cost Abbreviation: EPMC
A method of adjusting the results of a marginal cost of service
study to the system revenue requirement by adjusting the
cost responsibility of each class by a uniform percentage.
Often applied within the functional categories of generation,

transmission and distribution.

Equivalent forced outage rate
The percentage of the hypothetical maximum output of
a generating unit during a year that is unavailable due to

unplanned outages, either full or partial, of the unit.

Equivalent peaker method

A method of classifying production and transmission costs
that assigns a portion of investment and maintenance costs
as demand-related — based on the cost of a peaking resource
such as demand response or a peaking power unit that can

be deployed within the service territory — and the balance of
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costs as energy-related. Commonly used for nuclear, coal and
hydroelectric resources and associated transmission.

Also known as the peak credit method.

Externalities

Costs or benefits that are side effects of economic activities
and are not reflected in the booked costs of the utility.
Environmental impacts are the principal externalities caused
by utilities (e.g., climate impacts or health care costs from air

pollution).

Extra-high voltage Abbreviation: EHV
Transmission lines operating at 765 kV (alternating current)

or roughly 400 kV (direct current) or above.

Federal Energy Regulatory Commission
Acronym: FERC
The U.S. agency that has jurisdiction over interstate

transmission systems and wholesale sales of electricity.

Fixed charge

Any fee or charge that does not vary with consumption.
Customer charges are a typical form of fixed charge. In
some jurisdictions, customers are charged a connected load
charge that is based on the size of their service panel or total
expected maximum load. Minimum bills and straight fixed/

variable rates are additional forms of fixed charges.

Fixed cost

This accounting term is meant to denote costs that do not
vary within a certain period of time, usually one year, primarily
interest expense and depreciation expense. This term is

often misapplied to denote costs associated with plant and
equipment (which are themselves denoted as fixed assets

in accounting terms) or other utility costs that cannot be
changed in the short term. From a regulatory and economics
perspective, the concept of fixed costs is irrelevant. For
purposes of regulation, all utility costs are variable in the long
run. Even the costs associated with seemingly fixed assets, such
as the distribution system, are not fixed, even in the short run.

Utilities are constantly upgrading and replacing distribution



facilities throughout their systems as more customers are
served and customer usage increases, and efforts to reduce

demand can have immediate impacts on those costs.

Flat volumetric rate
A rate design with a uniform price per kilowatt-hour for all

levels of consumption.

Fuel adjustment clause

An adjustment mechanism that allows utilities to recover

all or part of the variation in the cost of fuel or purchased
power from the levels assumed in a general rate case. See also

adjustment clause.

Fuel cost

The cost of fuel, typically burned, used to create electricity.
Types include nuclear, coal, natural gas, diesel, biomass,
bagasse, wood and fuel oil. Some generators, such as wind
turbines and solar photovoltaic and solar thermal generators,
use no fuel or, in the case of hydroelectric generation,

virtually cost-free fuel.

Functionalization

A step in most cost allocation methods in which costs are
defined into functional categories, such as generation-related,
transmission-related, distribution-related, or administrative

and general costs.

General service

A term broadly applied to nonresidential customers. It
sometimes includes industrial customers and sometimes is
distinct from an industrial class. It is often divided into small,
medium and large by maximum demand or into secondary

and primary by voltage.

Generation

Any equipment or device that supplies energy to the
electric system. Generation is often classified by fuel source
(i.e., nuclear, coal, gas, solar and so on) or by operational

or economic characteristics (e.g., “must-run,” baseload,

intermediate, peaking, intermittent, load following).
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Grid
The electric system as a whole or the nongeneration portion

of the electric system.

Heat rate
The number of British thermal units that a thermal power

plant requires in fuel to produce 1 kilowatt-hour.

Highest 100 (or 200) hours method
A method for allocating demand-related or capacity-related
costs that considers class demand over the highest 100

(or 200) hours of usage during the year.

High-voltage direct current Abbreviation: HVDC

An HVDC electric power transmission system uses direct
current for the bulk transmission of electrical power, in
contrast to the more common alternating current systems.
For long-distance transmission, HVDC systems may be less

expensive and suffer lower electrical losses.

Hourly allocation
An allocation approach in which costs or groups of costs are
assigned to hourly time periods rather than classified between

demand- and energy-related costs.

Incremental cost

The short-run cost of augmenting an existing system.

An incremental cost study rests on the theory that prices
should reflect the cost of producing the next unit of energy
or deployment of the next unit of capacity in the form of
generation, transmission or distribution. See also long-run
marginal costs, short-run marginal costs and total system

long-run incremental cost.

Independent power producer
A power plant that is owned by an entity other than an
electric utility. May also be referred to as a non-utility

generator.



Independent system operator Abbreviation: 1ISO

A non-utility entity that has multi-utility or regional respon-
sibility for ensuring an orderly wholesale power market, the
management of transmission lines and the dispatch of power
resources to meet utility and non-utility needs. All existing
ISOs also act as regional transmission organizations, which
control and operate the transmission system independently
of the local utilities that serve customers. This usually
includes control of the dispatch of generating units and

calls on demand response resources over the course of a day
or year. In regions without an 1SO, less formal entities and
markets exist for wholesale trading and regional transmission

planning. See also regional transmission organization.

Intermediate unit

A generic term for units that operate a substantial portion of
the year but not at all times or just hours near peaks or with
reliability issues. As a result, these units can be described as
neither baseload nor peaking. Over the past two decades, this
role has been filled by natural gas combined cycle units in
many places. Intermediate units are also known as midmerit

or cycling units.

Intermittent resources

See variable resources.

Interruptible rate/interruptible customer

An interruptible rate is a retail service tariff in which, in
exchange for a fee or a discounted retail rate, the customer
agrees to curtail service when called upon to do so by the
entity offering the tariff, which may be the local utility or a
third-party curtailment service provider. A customer’s service
may be interrupted for economic or reliability purposes,
depending on the terms of the tariff. Customers on these
rates are sometimes described as interruptible customers, and

it is said that they receive interruptible service.

Interval meter

A meter capable of measuring and recording a customer’s
detailed consumption data. An interval meter measures
demand by recording the energy used over a specified interval

of time, usually 15 minutes or an hour.
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Inverse elasticity rule

A method of reconciling the marginal cost revenue
requirement with the embedded cost revenue requirement.
In principle, the adjustment of the least-elastic element of
costs (and thus the underlying rates) produces a less distortive
and more optimal outcome for customer behavior. The
inverse elasticity rule follows this principle by adjusting

the least-elastic element upward if there is a shortfall

or downward if there is a surplus. There are numerous
theoretical and practical difficulties in determining which

element of costs or rates is least elastic.

Investor-owned utility Abbreviation: IOU
A utility owned by shareholders or other for-profit owners.

A majority of U.S. electricity consumers are served by IOUs.

Kilovolt Abbreviation: kV
A kilovolt is equal to 1,000 volts. This unit is the typical
measure of electric potential used to label transmission and

primary distribution lines.

Kilovolt-ampere Abbreviation: kVA
A kilovolt-ampere is equal to 1,000 volt-amperes. This unit is

the typical measure for the capacity of line transformers.

Kilowatt Abbreviation: kW

A kilowatt is equal to 1,000 watts.

Kilowatt-hour Abbreviation: kWh

A kilowatt-hour is equal to 1,000 watt-hours.

Line transformer

A transformer directly providing service to a customer, either
on a dedicated basis or among a small number of customers.
A line transformer typically is stepping down power on a
distribution line from primary voltage to secondary voltage

that consumers can use directly.

Load
The combined demand for electricity placed on the system.
The term is sometimes used in a generalized sense to simply

denote the aggregate of customer energy usage on the system,



or in a more specific sense to denote the customer demand at

a specific point in time.

Load factor
The ratio of average load of a customer, customer class
or system to peak load during a specific period of time,

expressed as a percentage.

Load following

The process of matching variations in load over time by
increasing or decreasing generation supply or, conversely,
decreasing or increasing loads. One or more generating
units or demand response resources will be designated as
the load following resources at any given time. Baseload
and intermediate generation is generally excluded from this

category except in extraordinary circumstances.

Load shape
The distribution of usage across the day and year, reflecting
the amount of power used in low-cost periods versus high-

cost periods.

Long-run marginal costs/long-run incremental costs
The costs of expanding or maintaining the level of utility
service, including the cost of a new or replacement power
plants, transmission and distribution, reserves, marginal
losses, and administrative and environmental costs, measured
over a period of years in which new investment is expected to
be needed.

Losses/energy losses/line losses

The energy (kilowatt-hours) and power (kilowatts) lost or
unaccounted for in the operation of an electric system. Losses
are usually in the form of energy lost to heat, sometimes
referred to as technical losses; energy theft from illegal
connections or tampered meters is sometimes referred to as

nontechnical losses.
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Loss-of-energy expectation

A mathematical study of a utility system, applying expected
availability of multiple generating resources, that estimates
the expected energy loss at each hour of the year when
power supply and demand response resources are insufficient
to meet customer demand. Related terms: loss-of-load
probability, loss-of-load hours, loss-of-load expectation,

probability of peak and expected unserved energy.

Loss-of-energy expectation method
A method for allocating demand-related costs in a manner

that is weighted over all of the hours with reliability risks.

Marginal cost of service study

A cost allocation study that apportions costs among customer
classes using estimates of how costs change over time in
response to changes in customer usage. See also embedded
cost of service study and total service long-run incremental

cost.

Marginal costs

The cost of augmenting output. Short-run marginal costs
are the incremental expenses associated with increasing
output with existing facilities. Long-run marginal costs are
the incremental capital and operating expenses associated
with increasing output over time with an optimal mix of
assets. Total system long-run incremental costs are the costs
of building a new system in its entirety, a measure used to

determine if an existing utility system is economical.

Marginal cost revenue requirement Abbreviation:
MCRR

An output in a marginal cost of service study, where the
marginal unit costs for each element of the electric system
are multiplied by the billing determinants for each class

to produce a class marginal cost revenue requirement for
each element. These can be aggregated to produce a system
MCRR. It is only happenstance if the system MCRR equals
the embedded cost revenue requirement, so the elements of
the MCRR can be used in different ways to allocate embedded

costs among the customer classes. See also reconciliation.



Megawatt Abbreviation: MW

A megawatt is equal to 1 million watts or 1,000 kilowatts.

Megawatt-hour Abbreviation: MWh
A megawatt-hour is equal to 1 million watt-hours or 1,000

kilowatt-hours.

Megawatt-year
A megawatt-year is the amount of energy that would equal
I megawatt continuously for one year, or 8.76 million

kilowatt-hours. Also known as an average megawatt.

Meter data management system

A computer and control system that gathers metering
information from smart meters and makes it available to

the utility and, optionally, to the customer. A meter data
management system is part of the suite of smart technologies

and is integral to the smart grid concept.

Midpeak

Hours that are between on-peak hours and off-peak hours.
These are typically the hours when intermediate power plants
are operating but peaking units are not. Used primarily in

the base-intermediate-peak cost allocation method and in

time-of-use rate design.

Minimum system method

A method for classifying distribution system costs between
customer-related and demand- or energy-related. It estimates
the cost of building a hypothetical system using the minimum
size components available as the customer-related costs and

the balance of costs as demand-related or energy-related.

Municipal utility Abbreviation: muni
A utility owned by a unit of government and operated under

the control of a publicly elected body.

National Association of Regulatory Utility Commis-
sioners Acronym: NARUC
The association of state and federal regulatory agencies that

determine electric utility tariffs and service standards. It
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includes the state, territorial and federal commissions that

regulate utilities and some transportation services.

NERA method

An approach to measuring marginal costs for electric utilities
that considers a mix of time frames. It looks at customer-
related costs such as metering on a full replacement or new
install basis and at transmission or distribution capacity costs
over a time frame of 10 years or more to include at least some
capacity upgrades. Generation costs consider the new install
costs for peaking capacity and a dispatch model approach

to variable energy costs. The NERA method has formed the
foundation for the methods used in several states today,

but each state has modified the approach. This approach is
named after the firm that developed it in the 1970s, National
Economic Research Associates (now NERA Economic

Consulting).

New-customer-only method Abbreviation: NCO

A short-run method for estimation of marginal customer
connection costs based on the cost of hookups for new
customers. This method may or may not include the
percentage of existing hookups that are replaced every year.

See also rental method.

Noncoincident peak Abbreviation: NCP

The maximum demand of a customer, group of customers,
customer class, distribution circuit or other portion of a
utility system, independent of when the maximum demand

for the entire system occurs.

Off-peak

The period of time that is not on-peak. During off-peak
periods, system costs are generally lower and system
reliability is not an issue, and only generating units with
lower short-run variable costs are operating. This may include
high-load hours if nondispatchable generation, such as solar
photovoltaic energy, is significant within the service area.
Time-of-use rates typically have off-peak prices that are lower

than on-peak prices.



On-peak

The period of time when storage units and generating

units with higher short-run variable costs are operating to
supply energy or when transmission or distribution system
congestion is present. During on-peak periods, system costs
are higher than average and reliability issues may be present.
Many rate designs and utility programs are oriented to
reducing on-peak usage. Planning and investment decisions
are often driven by expectations about the timing and
magnitude of peak demand during the on-peak period.
Time-of-use rates typically have on-peak prices that are

higher than off-peak prices.

Operational characteristics method

The traditional version of this method uses the capacity
factor of a resource to determine the energy-related
percentage of the costs of a generation asset and designates
the remainder as demand-related. Although this provides

a reasonable result in some circumstances, it inaccurately
increases the demand-related percentage for less-reliable
resources. A variation on this approach is to use the operating
factor — the ratio of output to the equivalent availability of

the unit — as the energy-related percentage.

Operations and maintenance costs Abbreviation: O&M
All costs associated with operating, maintaining and
supporting the utility plant, including labor, outside services,
administrative costs and supplies. For generation facilities,
this includes O&M expenses that vary directly with the
output of the facility (dispatch O&M), such as fuel and water
treatment, and expenses that do not vary with output but are

incurred yearly or monthly (nondispatch O&M).

Peak capacity allocation factor Acronym: PCAF

An allocation factor where a weighted portion of demand-
related costs is assigned to every hour in excess of 80% of
peak demand. This method, used in California, is weighted
such that the peak hour has an allocation that is 20 times the
allocation for the hours at 81% of peak demand and twice the

allocation of an hour at 90% of peak demand.
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Peak demand

The maximum demand by a single customer, a group of
customers located on a particular portion of the electric
system, all of the customers in a class or all of a utility’s
customers during a specific period of time — hour, day,

month, season or year.

Peaking resources/peaking generation/peakers
Generation that is used to serve load during periods of high
demand. Peaking generation typically has high fuel costs or
limited availability (e.g., storage of hydrogeneration) and often
has low capital costs. Peaking generation is used for a limited
number of hours, especially as compared with baseload
generation. Peaking resources often include nongeneration

resources, such as storage or demand response.

Peak load
The maximum total demand on a utility system during a

period of time.

Peak responsibility method

A method of apportioning demand-related generation or
transmission costs based on the customer class share of
maximum demand on the system. The metric can be a single
hour (1 CP), the highest hour in several months (such as 4 CP),
the highest hour in every month (12 CP) or the entire group of

highest peak hours (such as 200 CP). See also coincident peak.

Performance-based regulation Abbreviation: PBR
An approach to determining the utility revenue requirement
that departs from the classical formula of rate base, rate
of return, and operation and maintenance expense. It is
designed to encourage improved performance by utilities on

cost control or other regulatory goals.

Postage stamp pricing

The practice of having separate sets of prices for a relatively
small and easily identifiable number of customer classes. Every
customer in a given customer class generally pays the same
prices regardless of location in a utility’s service territory,

although separate prices may exist for subclasses in some cases.



Power factor

The fraction of power actually used by a customer’s electrical
equipment compared with the total apparent power supplied,
usually expressed as a percentage. A power factor indicates
the extent to which a customer’s electrical equipment causes
the electric current delivered at the customer’s site to be out

of phase with system voltage.

Power quality

The power industry has established nominal target operating
criteria for a variety of properties associated with the power
flowing over the electric grid. These include frequency,
voltage, power factor and harmonics. Power quality describes
the degree to which the system, at any given point, is able to

exhibit the target operating criteria.

Primary voltage/primary service
Primary voltage normally includes voltages between 2 kV and
34 kV. Primary voltage facilities generally are considered part

of the distribution system.

Probability-of-dispatch method Abbreviation: POD

A cost allocation methodology that considers the likelihood
that specific generating units and transmission lines will be
needed to provide service at specific periods during the year

and assigns costs to each period based on those probabilities.

Public utilities commission/public service
commission

The state regulatory body that determines rates for regulated
utilities. Although they go by various titles, these two are the

most common.

Public Utilities Regulatory Policy Act

Acronym: PURPA

This federal law, enacted in 1978 and amended several times,
contains two essential elements. The first requires state
regulators to consider and determine whether specific
rate-making policies should be adopted, including whether
rates should be based on the cost of service. The second
requires utilities to purchase power at avoided-cost prices

from independent power producers.
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Rate base

The net investment of a utility in property that is used

to serve the public. This includes the original cost net of
depreciation, adjusted by working capital, deferred taxes
and various regulatory assets. The term is often misused to

describe the utility revenue requirement.

Rate case
A proceeding, usually before a regulatory commission,

involving the rates, revenues and policies of a public utility.

Rate design

Specification of prices for each component of a rate schedule
for each class of customers, which are calculated to produce
the revenue requirement allocated to the class. In simple
terms, prices are equal to revenues divided by billing units,
based on historical or assumed usage levels. Total costs are
allocated across the different price components such as
customer charges, energy charges and demand charges, and
each price component is then set at the level required to

generate sufficient revenues to cover those costs.

Rate of return

The weighted average cost of utility capital, including the cost
of debt and equity, used as one of the three core elements

of determining the utility revenue requirement and cost of

service, along with rate base and operating expense.

Rate year

The period for which rates are calculated in a utility rate
case, usually the 12-month period immediately following
the expected effective date of new rates at the end of the

proceeding.

Real economic carrying charge Acronym: RECC

An annualized cost expressed in percentage terms that
reflects the annual “mortgage” payment that would be
required to pay off a capital investment at the utility’s real
(net of inflation) cost of capital over its expected lifetime. It
is used in long-run marginal cost and total system long-run

incremental cost studies.



Reconciliation/revenue reconciliation/

cost reconciliation

In a marginal cost of service study, it is only happenstance

if the system marginal cost revenue requirement is equal

to the embedded cost revenue requirement that needs to

be recovered by the utility to earn a fair return. As a result,
the marginal cost revenue requirement must be reconciled

to the embedded cost revenue requirement. There are two
primary methods for this: equal percentage of marginal cost
and the inverse elasticity rule. See also marginal cost revenue

requirement.

Regional Greenhouse Gas Initiative

An agreement among Northeast and mid-Atlantic states to
limit the amount of greenhouse gases emitted in the electric
power sector and to price emissions by auctioning emissions

allowances.

Regional transmission organization Abbreviation: RTO
An independent regional transmission operator and service
provider established by FERC or that meets FERC’s RTO
criteria, including those related to independence and market
size. RTOs control and manage the high-voltage flow of
electricity over an area generally larger than the typical power
company’s service territory. Most also serve as independent
system operators, operating day-ahead, real-time, ancillary
services and capacity markets, and conduct system planning.

See also independent system operator.

Renewable portfolio standard Abbreviation: RPS

A requirement established by a state legislature or regulator
that each electric utility subject to its jurisdiction obtain

a specified portion of its electricity from a specified set of
resources, usually renewable energy resources but sometimes
including energy efficiency, nuclear energy or other

categories.

Rental method
A method of estimating marginal customer connection costs
where the cost of new customer connection equipment is

multiplied by the real economic carrying charge to obtain
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an estimate of a rental price. This is a long-run method for
customer connection costs that has been a part of the NERA
method for marginal costs. See also new-customer-only

method.

Reserves/reserve capacity/reserve margin

The amount of capacity that a system must be able to supply,
beyond what is required to meet demand, to assure reliability
when one or more generating units or transmission lines are
out of service. Traditionally a 15% to 20% reserve capacity
was thought to be needed for good reliability. In recent years,
due to improved system controls and data acquisition, the

accepted value in some areas has declined to 10% or lower.

Restructured state/restructured utility/
restructured market

Replacement of the traditional vertically integrated utility
with some form of competitive market. In some cases, the
generation and transmission components of service are
purchased by the customer-serving distribution utility

in a wholesale competitive market. In other cases, retail
customers are allowed to choose their generation suppliers

directly in a competitive market.

Retail competition/retail choice

A restructured market in which customers are allowed to or
must choose their own competitive supplier of generation
and transmission services. In most states with retail choice,
the incumbent utility or some other identified entity is
designated as a default service provider for customers who
do not choose another supplier. In Texas, there is no default
service provider and all customers must choose a retail

supplier.

Revenue requirement

The annual revenues that the utility is entitled to collect (as
modified by adjustment clauses). It is the sum of operations
and maintenance expenses, depreciation, taxes and a return
on rate base. In most contexts, “revenue requirement” and

“cost of service” are synonymous.



Rider/tariff rider
A special tariff provision that collects a specified cost or
refunds a specific consumer credit, usually over a limited

period. See also adjustment clause and tracker.

Secondary voltage/secondary service
Secondary voltage normally includes only voltages under
600 volts. Secondary voltage facilities generally are

considered part of the distribution system.

Service line/service drop

The conductor directly connecting an electricity customer to

the grid, typically between the meter and the line transformer.

The term “service drop” derives from the fact that in many
cases this line literally drops down from shared transformers

attached to overhead lines, but today many are underground.

Short-run marginal costs/short-run

incremental costs

The costs incurred immediately to expand production

and delivery of utility service, not including any capital
investments. They are usually much lower than the average
of costs but may be higher than average costs during periods

of system stress or deficiency of capacity.

Site infrastructure

The utility investment that is located at the customer
premises and serves no other customers than those located
at a single point of delivery from the distribution system.
Site infrastructure costs are either paid by the customer at
the time of service connection or else classified as customer-

related costs in cost of service studies.

Smart grid

An integrated network of sophisticated meters, computer
controls, information exchange, automation, information
processing, data management and pricing options that can
create opportunities for improved reliability, increased
consumer control over energy costs and more efficient

utilization of utility generation and transmission resources.
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Smart meter

An electric meter with electronics that enable recording
of customer usage in short time intervals and two-way
communication of data between the utility, the meter and

optionally the customer.

Spinning reserve

Any energy resource or decremental load that can be called
upon within a designated period of time and that system
operators may use to balance loads and resources. Spinning
reserves may be in the form of generators, energy storage or
demand response. Spinning reserves may be designated by
how quickly they can be made available, from instantaneously
up to some short period of time. In the past, this meant actual
rotating (spinning) power plant shafts, but today “spinning”
reserves can be provided by battery storage, flywheels or

customer load curtailment.

Straight fixed/variable

A rate design method that designate much or all of the
distribution system as a fixed cost and places all of those
costs on customers through customer charges. There are
related cost allocation approaches, which designate the
entire distribution system as a customer-related cost and
transmission and generation capacity as entirely demand-
related. See also minimum system method and basic

customer method.

Stranded costs

Utility costs for plant that is no longer used or no longer
economic. This may include fossil-fueled power plants made
uneconomic by new generating technologies; assets that fail
to perform before they are fully depreciated; or distribution
facilities built to serve customers who are no longer taking
utility service, such as failed industrial sites and customers
choosing self-generation as a replacement for utility service.
Some regulators allow recovery of stranded costs from
continuing customers and the inclusion of these costs in the

cost of service methodology.



Substation

A facility with a transformer that steps voltage down from
transmission or subtransmission voltage to distribution
voltage, to which one or more circuits or customers may be

connected.

System load factor
The ratio of the average load of the system to peak load

during a specific period of time, expressed as a percentage.

System peak demand

The maximum demand placed on the electric system at a
single point in time. System peak demand may be a measure
for an entire interconnection, for subregions within an

interconnection or for individual utilities or service areas.

Tariff
A listing of the rates, charges and other terms of service for a

utility customer class, as approved by the regulator.

Test year

A specific period chosen to demonstrate a utility’s need for

a rate increase or decrease. It may include adjustments to
reflect known and measurable changes in operating revenues,
expenses and rate base. A test year can be either historical or

projected (often called “future” or “forecast” test year).

Time-of-use rates/time-varying rates Abbreviation:
TOU

Rates that vary by time of day and day of the week. TOU
rates are intended to reflect differences in underlying costs
incurred to provide service at different times of the day

or week. They may include all costs or reflect only time
differentiation in a component of costs such as energy

charges or demand charges.

Total service long-run incremental cost
Abbreviation: TSLRIC

The cost of replicating the current utility system with new
power supply, transmission and distribution resources,

using current technology, and optimizing the system for
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current service needs. Used as a metric for the cost that a new
competitive entrant would incur to provide utility services,
as an indicator of the equitability of current class cost

allocations and rate designs.

Tracker

A rate schedule provision giving the utility company the
ability to change its rates at different points in time to
recognize changes in specific costs of service items without
the usual suspension period of a rate filing. Costs included in
a tracker are sometimes excluded from cost of service studies.

See also adjustment clause and rider/tariff rider.

Transformer

A device that raises (steps up) or lowers (steps down) the
voltage in an electric system. Electricity coming out of a
generator is often stepped up to very high voltages (230 kW or
higher) for injection into the transmission system and then
repeatedly stepped down to lower voltages as the distribution
system fans out to connect to end-use customers. Some
energy loss occurs with every voltage change. Generally,
higher voltages can transport energy for longer distances with

lower energy losses.

Transmission/transmission system

That portion of the electric system designed to carry energy
in bulk, typically at voltages above 100 kV. The transmission
system is operated at the highest voltage of any portion of
the system. It is usually designed to either connect remote
generation to local distribution facilities or to interconnect
two or more utility systems to facilitate exchanges of energy

between systems.

Transmission and distribution Abbreviation: T&D
The combination of transmission service and equipment and

distribution service and equipment.

Used and useful
A determination on whether investment in utility
infrastructure may be recovered in rate base, such that new

rates will enable the utility to recover those costs in the future



when that plant will be providing service (i.e., when it will be
used and useful). In general, “used” means that the facility is
actually providing service, and “useful” means that, without
the facility, either costs would be higher or the quality of

service would be lower.

Variable resources/variable renewable resources/
intermittent resources
Technologies that generate electricity under the right

conditions, such as when the sun is shining for solar.

Vertically integrated utility
A utility that owns its own generating plants (or procures
power to serve all customers), transmission system and

distribution lines, providing all aspects of electric service.

Volt Abbreviation: V

The standard unit of potential difference and electromotive
force, formally defined to be the difference of electric
potential between two points of a conductor carrying a
constant current of 1 ampere, when the power dissipated
between these points is equal to 1 watt. A kilovolt is equal
to 1,000 volts. In abbreviations, the V is capitalized in

recognition of electrical pioneer Alessandro Volta.

Volt-ampere

A unit used for apparent power in an alternating current
electrical circuit, which includes both real power and reactive
power. This unit is equivalent to a watt but is particularly
relevant in circumstances where voltage and current are out
of phase, meaning there is a non-zero amount of reactive
power. This unit and its derivatives (e.g., kilovolt-ampere) are

typically used for line transformers.
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Volt-ampere reactive Acronym: VAR

A unit by which reactive power is expressed in an alternating
current electric power system. Reactive power exists in an
alternating current circuit when the current and voltage are

not in phase.

Volumetric energy charges/volumetric rate
A rate or charge for a commodity or service calculated on the

basis of the amount or volume the purchaser receives.

Watt
The electric unit used to measure power, capacity or demand.
A kilowatt equals 1,000 watts; a megawatt equals 1 million

watts or 1,000 kilowatts.

Watt-hour

The amount of energy generated or consumed with 1 watt

of power over the course of an hour. One kilowatt-hour
equals 1,000 watts consumed or delivered for one hour. One
megawatt-hour equals 1,000 kilowatt-hours. One terawatt-
hour equals 1,000 megawatt-hours. In abbreviations, the W is

capitalized in recognition of electrical pioneer James Watt.

Zero-intercept approach/zero-intercept method

A method for classifying distribution system costs between
customer-related and demand- or energy-related that uses

a cost regression calculation to compare components of
different size actually used in a system to estimate the costs of

a hypothetical zero-capacity distribution system.
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