BEFORE THE
WASHINGTON UTILITIES AND TRANSPORTATION COMMISSION

In the Matter of the Application of Docket No.
PACIFICORP for an Order Approving the

Sale of its Interest in the Skookumchuck APPLICATION
Hydroelectric Plant and for EWG

Determinations

February 2004



Application



BEFORE THE WASHINGTON UTILITIES AND TRANSPORTATION COMMISSION

In the Matter of the Application of Docket No.
PACIFICORP for an Order Approving the

Sale of its Interest in the Skookumchuck APPLICATION
Hydroelectric Plant and for EWG

Determinations

PacifiCorp (“PacifiCorp” or “Company”) files this Application for (a) an order
approving the proposed sale and transfer of PacifiCorp’s interest in the Skookumchuck dam,
hydroelectric facility and related assets (the “Skookumchuck Project” or “Project”) to 2677588
Washington LLC (“Washington LLC”), a limited liability company formed by TransAlta USA
Inc.(“TransAlta”), and (b) certain public interest findings required in order for Washington
LLC to qualify as an exempt wholesale generator (“EWG”) under section 32 of the Public
Utility Holding Company Act of 1935 (“PUHCA”). The provisions of RCW 80.12.020 and
WAC 480-143-120 and -140 require the approval of the Washington Utilities and
Transportation Commission (“WUTC” or “Commission”) for any transaction to sell or
otherwise dispose of public service company property necessary or useful in the performance
of the public service company’s duties to the public.

I. INTRODUCTION
A. The Parties

1. The Applicant: PacifiCorp

PacifiCorp is a public service company within the meaning of RCW 80.12.020 and
serves approximately 1.5 million retail customers in six western states. In Washington, the
Company provides electric service to approximately 120,000 customers in Columbia, Garfield,
Kittitas, Walla Walla and Yakima counties. The full and correct name and business address

for PacifiCorp are as follows:
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PacifiCorp

825 NE Multnomah Boulevard

Portland, OR 97232

PacifiCorp requests that all notices, correspondence and pleadings with respect to this

Application be sent to:

For PacifiCorp: With a copy to:

Christy Omohundro James F. Fell

Managing Director of Regulatory Policy James C. Paine

PacifiCorp Stoel Rives LLP

825 NE Multnomah Blvd., Suite 800 900 SW Fifth Avenue, Suite 2600
Portland, OR 97232 Portland, OR 97204

Telephone: (503) 813-6092 Telephone: (503) 294-9343
Facsimile: (503) 813-6060 Facsimile: (503) 220-2480
christy.omohundro@pacificorp.com jffell@stoel.com / jcpaine@stoel.com

Please also send electronic copies of data requests to datarequest@pacificorp.com.

2. The Owners

The current owners of the Project are: PacifiCorp; Public Utility District No. 1 of
Snohomish County, Washington; Puget Sound Energy, Inc.; City of Tacoma, Washington;
Avista Corporation; City of Seattle, Washington; and Public Utility District No. 1 of Grays
Harbor County, Washington (collectively, the “Owners™).

3. The Purchaser

Washington LLC is a Washington limited liability company and a direct wholly-owned
subsidiary of TransAlta. TransAlta is the indirect owner of the Centralia Power Plant and the
Centralia Coal Mine. In 2000, the Owners sold the Centralia Power Plant to a direct wholly-
owned subsidiary of TransAlta, TECWA Power Inc., and PacifiCorp sold the Centralia Coal
Mine to another direct wholly-owned subsidiary of TransAlta, TECWA Fuel Inc. TECWA
Power Inc. owns and operates the Centralia Power Plant as an EWG.
B. The Project

The Skookumchuck Project is an earth-fill dam and hydroelectric generating plant

located in the vicinity of Centralia, Washington on property adjacent to the Centralia Power
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Plant. The Skookumchuck dam was constructed in 1973 as a water storage facility for the
Centralia Power Plant. In 1991, a generating plant with a capacity of approximately one
megawatt was constructed at the dam. The Project includes real property and associated
easements and water rights, as well as various equipment. The Project was granted an
exemption from licensing as a hydropower facility by the Federal Energy Regulatory
Commission (“FERC”) pursuant to 16 U.S.C. §2705(d), which allows exemptions for facilities
less than 5 MW. The Project is, however, subject to dam safety regulation by the FERC.

A more specific description of the facilities, real estate, water rights and other property
to be transferred is contained in Schedules 2.1(a) through 2.1(e) of the Sale Agreement
(hereinafter defined).

Application Exhibit No. 1 sets forth PacifiCorp’s Original Cost, Accumulated

Depreciation and Net Book Value of the Assets to be Transferred of the Skookumchuck Project

‘as well as Proposed Entries to Record the Sale.

II. PROPOSED TRANSACTION

PacifiCorp proposes to sell and transfer to Washington LLC the dam, powerhouse,
water rights, land, easements and other assets of the Project, including certain fixtures,
contracts and other rights. The sale and transfer of the Project is governed by the
Skookumchuck Facilities Purchase and Sale Agreement between the Owners and Washington
LLC, dated November 25, 2003 (the “Sale Agreement”), which is attached as Exhibit
(RAL-2) to the testimony of Randy A. Landolt.

The aggregate sale price of the transaction is approximately $7.57 million, adjusted for
changes in PacifiCorp’s Net Book Value of the Facilities from September 30, 2003 to the
Closing Date. See Section 2.3(a) of the Sale Agreement. PacifiCorp’s share of this amount is
47.5 percent. The sale price is determined in such a manner that PacifiCorp will receive its
net book value of the assets being transferred, with no appreciable gain or loss. Payment will

be made by wire transfer at closing. The actual gain will not be definitively known until the
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closing of the transaction. Should an appreciable gain or loss occur, PacifiCorp proposes that
the net gain be added to (or the net loss be subtracted from) the Company’s Centralia Steam
Plant and Mine sale credit, reflected in PacifiCorp’s tariff Schedule 97. See, Section 4,
Appendix B, Comprehensive Settlement, Third Supplemental Order Approving and Adopting
Settlement Agreement: Rejecting Tariff Sheets; Authorizing and Requiring Compliance Filing
in Docket No. UE-991832.

The proposed transaction will be carried out in the following manner. At the Closing,
the Owners will transfer the Project assets into a Washington limited liability company
(“LLC”) that the Owners will form specifically for the special purpose of completing this
transaction. The Owners will simultaneously transfer their member interests in the LLC to
Washington LLC. As a result, all of the Project assets will be owned by an indirect wholly
owned subsidiary of TransAlta, and TransAlta will have complete control of the Project assets.

PacifiCorp is informed that Washington LLC will continue operation of the Project to
provide cooling water supply to the Centralia Power Plant, and that it will produce power from
the Project either as an EWG or as a qualifying facility under the Public Utility Regulatory
Policies Act of 1978. None of the electrical output of the Project will be used to serve
PacifiCorp’s retail customers, except perhaps indirectly, through the wholesale power markets.

III. JURISDICTION AND AUTHORITY
A. Transfer of Utility Property

A public service company must receive Commission approval for any transaction to sell
property that is necessary or useful in the company’s performance of its duties to the public.
Specifically, RCW 80.12.020 provides:

No public service company shall sell, lease assign or otherwise
dispose of the whole or any part of its franchises, properties or
facilities whatsoever, which are necessary or useful in the
performance of its duties to the public, and no public service

company shall, by any means whatsoever, directly or indirectly,
merge or consolidate any of its franchises, properties or facilities
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with any other public service company, without having secured

from the commission an order authorizing it sotodo . . . .
The standard for approval of a sale is whether the proposed transaction is consistent with the
public interest:

WAC 480-143-170 Application in the public interest.

If, upon the examination of any application and accompanying

exhibits, or upon a hearing concerning the same, the commission

finds the proposed transaction is not consistent with the public

interest, it shall deny the application.
The Commission has further articulated this as a “no harm” standard.

The standard in our rule does not require the Applicants to

show that customers, or the public generally, will be made better

off if the transaction is approved and goes forward. In our view,

Applicants’ initial burden is satisfied if they at least demonstrate

no harm to the public interest.
PacifiCorp/ScottishPower Merger Proceeding, Docket No. UE-981627, Third Supplemental
Order (April 2, 1999), p. 2; see also, GTE/Bell Atlantic Merger Proceeding, Docket No. UT-
981367, Second Supplemental Order (1999), p. 25.
B. Required EWG Determinations

To qualify as an EWG, Washington LLC must be engaged exclusively in the business

of owning or operating an “eligible facility” and selling electric energy at wholesale. If the
costs of a generation facility were included in the rates of a regulated utility on October 24,
1992 (the date of enactment of section 32 of PUHCA), then in order for the facility to be
considered an “eligible facility,” every state commission having jurisdiction over such rates
must specifically determine that allowing the facility to become an eligible facility (1) will
benefit consumers, (2) is in the public interest, and (3) does not violate State law. 15 U.S.C.
§ 79z-5a(c). Thus, the Commission and each of PacifiCorp’s other state regulatory

commissions must make these determinations regarding PacifiCorp’s transfer of the

Skookumchuck Project.
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IV. BENEFITS OF TRANSACTION
A. Compliance with State Law

The requirements of Washington law regarding the transfer of the Skookumchuck
Project to Washington LLC are set forth in Section III. A of this Application, above. If the
Commission approves this Application, the transfer to Washington LLC and allowing the
Project to become an eligible facility will not violate Washington State law.

B. Benefits to Consumers

PacifiCorp proposes to transfer the Project to Washington LLC because a sale is a
lower cost option than continuing to invest in and operate and maintain the Project.

The Skookumchuck Project has an electrical capacity of 1 MW, but because the Project
is operated for purposes of supplying cooling water to the Centralia Power Plant, it has
relatively low energy output. Over the last eight years, the average annual production has been
3,000 megawatt-hours. The Project’s bus bar cost in fiscal year 2003 (twelve months ending
March 31, 2003) was approximately $250 per MWh. The Project is interconnected with the
distribution system of Puget Sound Energy, Inc. (“PSE”) and historically all of the power from
the Project has been sold to PSE.

As one of the Owners of the Project, PacifiCorp must pay its proportionate share of the
costs of the Project. The Company’s analysis demonstrates that its customers will not be
harmed by the proposed transaction and will in fact benefit from it. To measure the impact on
power costs, the Company compared the forecast of future power costs to the cost of power
generated by the Project. While forecasts of the market price for power cannot predict the
future with certainty, the forecasts provide a reasonable framework to measure potential
outcomes. Here, the forecasts predict that ratepayers will see lower costs if the Project is sold
because the projected cost of power from the Project substantially exceeds the projected cost of
market power. Moreover, the expected impact of the sale is to lower the Company’s future

revenue requirement by removing the Project from the Company’s rate base and revenue
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requirement. The expected present value of the future reduction in Washington revenue
requirement is approximately $1 million.

The proposed transaction eliminates the risk that PacifiCorp will be required to fund its
share of expenditures for ensuring the structural integrity of the Skookumchuck dam.
PacifiCorp’s share of this investment is estimated to be $4 million. The benefits from the
proposed sale outweigh the risks of rising costs of continuing to own and operate the Project.

As shown by the Company’s analysis, continued operation of the Project as a
hydroelectric project would be uneconomic, and such operation would not be in the public
interest. An alternative to the proposed sale would be discontinuing operation of the Project
and draining the reservoir created by the Skookumchuck dam, which would subject the
Centralia Power Plant to run-of-the-river operations. This alternative is likewise not in the
public interest, as it would adversely impact the ability of the Centralia Power Plant, with over
1,200 MW of generation capacity, to produce power.

Moreover, the sale will not harm the public interest because competitive markets will
be unaffected by the sale. It cannot reasonably be suggested that a 1 MW plant, with only
3,000 MWhs of annual production, could have a measurable impact on western electricity
supply or any impact on wholesale electricity prices.

The financial analysis and impact on customers of the sale are discussed in greater
detail in the prefiled testimony of Mr. Landolt and Mr. Johnson.

C. Public Interest Standard

The transfer of the Skookumchuck Project to Washington LLC is in the public interest
because it will benefit PacifiCorp’s customers by lowering the Company’s costs of providing
electrical service, for the reasons stated in Section IV.B of this Application, above. In
addition, the transfer will give TransAlta greater control of the water flows in the
Skookumchuck River for providing cooling water to the Centralia Power Plant, thus increasing

the electrical output of the Centralia Power Plant for the benefit of all electricity consumers.
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V. OTHER MATTERS

A. Proposed Ratemaking Treatment

Due to the manner in which the sale price is determined, the share of the sale price
which PacifiCorp will receive will be essentially equal to PacifiCorp’s net book value of the
assets of the Skookumchuck Project being transferred under the proposed transaction. Actual
figures will not be known until the transaction closes. In the event there is any gain realized
on the sale, PacifiCorp proposes to credit its Washington customers with 100 percent of
Washington’s allocated share of the actual net gain. Should an appreciable loss be realized,
PacifiCorp proposes to reduce the Centralia Steam Plant and Mine credit, reflected in the
Company’s Schedule 97, by an amount reflecting the realized loss. See, Section 4,
Appendix B, Comprehensive Settlement, Third Supplemental Order Approving and Adopting
Settlement Agreement: Rejecting Tariff Sheets; Authorizing and Requiring Compliance Filing
in Docket No. UE-991832 requiring establishment of the sale credits.
B. Timing of Approval

PacifiCorp and the other Owners propose to transfer operation of the Skookumchuck
Project to Washington LLC by March 31, 2004. Washington LLC cannot process its EWG
application with the FERC until all of the Company’s regulatory commissions have made the
three determinations required by section 32 of PUHCA. Accordingly, PacifiCorp respectfully
requests that the Commission conduct its proceedings and issue its Order by March 15, 2004.
C. Exhibits to Application

The exhibits that accompany this Application are:

1. Application Exhibit No. 1: Original Cost, Accumulated Depreciation and Net
Book Value of Assets to be Transferred as well as Proposed Entries to Record the Sale.

2. Application Exhibit No. 2: PacifiCorp’s most recent Forms 10-K and 10-Q as

filed with the Securities and Exchange Commission.
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In addition, the Sale Agreement, which is the instrument governing the transfer that is
the subject of this Application, is included as an exhibit to the testimony of Randy A. Landolt
at Exhibit _ (RAL-2).

D. Prefiled Testimony Accompanying Application

The witnesses sponsoring prefiled testimony in support of this Application are:

1. Randy A. Landolt, PacifiCorp’s Managing Director of Hydro Resources.

Mr. Landolt describes the Company’s analysis of the future economic viability of the Project,
explains the possibility that the FERC will require capital investments in the Project to ensure
the safety and structural integrity of the dam, and summarizes the key terms of the Sale
Agreement.

2. Craig Johnson, PacifiCorp’s Regulatory Consultant. Mr. Johnson describes the
nature and timing of regulatory approvals that are required and the ratemaking impacts of the
proposed sale.

VI. REQUEST

PacifiCorp requests a Commission order:

(@ Approving the proposed sale of the Company’s interests in the Skookumchuck
Project substantially in accordance with the Sale Agreement;

(b)  Determining that the proposed transfer of the Skookumchuck Project to
Washington LLC and allowing the Project to become an “eligible facility”
within the meaning of section 32 of PUHCA (1) will benefit consumers, (2) is in
the public interest, and (3) does not violate Washington State law; and

© Granting such other relief as the Commission deems necessary and proper.
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DATED: February [{ , 2004.
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Jameg B/ Fell

James C. Paine

Stoel Rives LLP
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Portland, OR 97204-1268

Telephone: (503) 294-9306 or 294-9246
Facsimile: (503) 220-2480

Of Attorneys for PacifiCorp



VERIFICATION
The undersigned hereby certifies that the information set forth in the foregoing
Application is true and correct to the best of the signer’s information and belief under penalty of
perjury as set forth in RCW 9A.72.085.
Dated: February © , 2004
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In the Matter of the Application of Docket No.
PACIFICORP for an Order Approving the
Sale of its Interest in the Skookumchuck
Hydroelectric Plant and for EWG
Determinations

PACIFICORP
APPLICATION EXHIBIT

Proposed Entries to Record the Sale of Skookumchuck

February 2004



Application Exhibit No. 1

Page 1 of 1
Proposed Entries to Record the Sale of Skookumchuck
Estimated Values as of December 5, 2003
Record receipt of proceeds from the sale of facilities to TransAlta
| Account | Description [ Debit [ Credit |
131 Cash $ 3,557,661
108  Accumulated Provision for Depreciation of Utility Plant $ 3,557,661
Record sales expense
| Account | Description | Debit | Credit |
185  Temporary facilities $ 110,000
131 Cash $ 110,000
Retire facilities from Electric Plant in Service
| Account | Description [ Debit | Credit |
108  Accumulated Provision for Depreciation of Utility Plant $ 8,668,529
101 Electric Plant in Service $ 8,668,529
Record the loss on sale and reflect the related tax expense
| Account | Description [ Debit | Credit |
108  Accumulated Provision for Depreciation of Utility Plant $ - $ -
282  Accumulated Deferred Taxes 537,387
409-411 Income Tax Expense 0 0
421.2  Loss on disposition of property $ 68,613
185  Temporary facilities 110,000

236 Taxes Accrued 537,387
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Determinations
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SECURITIES AND EXCHANGE COMMISSION

Washington, D.C. 20549

FORM 10-K

(Mark One)
X1 ANNUAL REPORT PURSUANT TO SECTION 13 OR 15(d) OF THE SECURITIES EXCHANGE ACT OF

1934

For the fiscal year ended March 31, 2003
OR

[1 TRANSITION REPORT PURSUANT TO SECTION 13 OR 15(d) OF THE SECURITIES EXCHANGE ACT

OF 1934

For the transition period from to
Commission File Number 1-5152
(Exact name of registrant as specified in its charter)
State of Oregon 93-0246090
(State or other jurisdiction (LR.S. Employer Identification No.)
of incorporation or organization)
825 N.E. Muitnomah Street, Portland, Oregon 97232
(Address of principal executive offices) (Zip Code)
Registrant’s telephone number, including area code: (503) 813-5000
Securities registered pursuant to Section 12(b) of the Act:
Name of each exchange
Title of each class on which registered
8 1/4% Cumulative Quarterly Income New York Stock Exchange
Preferred Securities, Series A,
of PacifiCorp Capital I
7.70% Trust Preferred Securities, New York Stock Exchange

Series B, of PacifiCorp Capital 11
Securities registered pursuant to Section 12(g) of the Act:

Title of each class
5% Preferred Stock (Cumulative; $100 Stated Value)
Serial Preferred Stock (Cumulative; $100 Stated Value)
No Par Serial Preferred Stock (Cumulative; $100 Stated Value)

Indicate by check mark whether the Registrant (1) has filed all reports required to be filed by Section 13 or 15(d) of the Securities
Exchange Act of 1934 during the preceding 12 months (or for such shorter period that the Registrant was required to file such
reports), and (2) has been subject to such filing requirements for the past 90 days.

YES [X]NOJ[ ]

Indicate by check mark if disclosure of delinquent filers pursuant to Item 405 of Regulation S-K is not contained herein, and will
not be contained, to the best of Registrant’s knowledge, in definitive proxy or information statements incorporated by reference
in Part I1I of this Form 10-K or any amendment to this Form 10-K. [X]

Indicate by check mark whether the Registrant is an accelerated filer (as defined in Rule 12b-2 of the Act).

YES [ INO [X]

On September 30, 2002, the aggregate market value of the shares of voting and nonvoting common equity of the Registrant held
by nonaffiliates was $0.

As of May 23, 2003, there were 312,176,089 shares of common stock outstanding. All shares of outstanding common stock are
indirectly owned by Scottish Power plc, 1 Atlantic Quay, Glasgow, G2 8SP, Scotland.

DOCUMENTS INCORPORATED BY REFERENCE
None.
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DEFINITIONS

When the following terms are used in the text, they will have the meanings indicated:

Term Meaning

Centralia.........ccccecevuenne Centralia, Washington power plant (47.5% owned) and coal mine (100.0% owned),
operated by the Company until its sale on May 4, 2000

Company........cccerenenes PacifiCorp and its subsidiaries

CPUC.....cocovevvninnenne California Public Utilities Commission

EPA....ooiiiiirenetennes United States Environmental Protection Agency

FERC ....cccevivirvninnnnns Federal Energy Regulatory Commission

FPA ... Federal Power Act

Hazelwood................... Hazelwood Power Partnership, an Australian partnership and a 19.9% indirectly
owned investment of PGHC until its sale in November 2000

TIPUC....coicvieceeiricnne Idaho Public Utilities Commission

KWh .o Kilowatt-hour(s)

MW . Megawatt

MWh.....cconieriiiinenn Megawatt-hour(s)

NAGP ...ccccvvrvririnnnne NA General Partnership, a Nevada general partnership, the direct parent of PHI and an
indirect subsidiary of ScottishPower

OPUC......covviriieerennnns Oregon Public Utility Commission

PacifiCorp......cccceuevenene PacifiCorp, an Oregon corporation and wholly owned subsidiary of PHI

Pacific Power............... Pacific Power & Light Company, the assumed business name of PacifiCorp under
which it conducts a portion of its retail electric operations

PFS...eeeeeeicnienenns PacifiCorp Financial Services, Inc., an Oregon corporation and wholly owned direct
subsidiary of PGHC, and its subsidiaries

3 €] 5 (O PacifiCorp Group Holdings Company, a Delaware corporation and wholly owned
subsidiary of PHI

PHI....oooviereeeeeerrneennes PacifiCorp Holdings, Inc., a Delaware corporation and nonoperating U.S. holding
company

PKE.....ooorerereeeeneeneenns Pacific Klamath Energy, Inc., an Oregon corporation and wholly owned subsidiary of
PHI

PPM....cooriirinerenne PPM Energy Inc., formerly PacifiCorp Power Marketing, Inc., an Oregon corporation
and wholly owned subsidiary of PHI

POWEICOr......coeuvneeennnn Powercor Australia Ltd., a Victoria, Australia limited liability corporation and indirect,
wholly owned subsidiary of PGHC, until its sale in September 2000

ScottishPower .............. Scottish Power plc, the indirect parent company of PacifiCorp

SEC...oiiirerereeeneseenens Securities and Exchange Commission

SFAS ... eeeeeccrennecenes Statement of Financial Accounting Standards

UPSC ..t Utah Public Service Commission

Utah Power......c.ccceue. Utah Power & Light Company, the assumed business name of PacifiCorp under which
it conducts a portion of its retail electric operations

WPSC ...veieeeceeereenne Wyoming Public Service Commission

WUTC ...ooveeevcrinnnnns Washington Utilities and Transportation Commission

ii
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PART1I

ITEM1. BUSINESS
OVERVIEW

PacifiCorp is a regulated electricity company operating in portions of the states of Utah, Oregon, Wyoming,
Washington, Idaho and California. PacifiCorp conducts its retail electric utility business as Pacific Power and Utah
Power, and engages in electricity production and sales on a wholesale basis under the name PacifiCorp. The
subsidiaries of PacifiCorp support its electric utility operations by providing coal mining facilities and services,
environmental remediation and financing. The Company’s goals are to provide safe, reliable, low-cost electricity to
its customers, with fair and increasing earnings to shareholders. Costs incurred by the Company to provide service to
its customers are expected to be included as allowable costs for ratemaking purposes. However, there can be no
assurance that these costs will be fully recovered through the regulatory process.

Western United States (“U.S.”) wholesale energy market prices were relatively stable during the year ended

March 31, 2003 as compared to each of the years ended March 31, 2002 and 2001. The Company took several
actions to maintain a balanced net energy position through the summer peak period and the remainder of the fiscal
year through a combination of existing physical resources, electricity purchases, weather-related hedges and peaking
generation facilities. The Company added a 120-megawatt (“MW”) gas-fired peaking plant in Utah, which came on
line in August 2002, and also entered into an operating lease arrangement for a 200-MW peaking plant in Utah with
West Valley Leasing Company, LLC, a subsidiary of PPM Energy, Inc. (“PPM”), formerly known as PacifiCorp
Power Marketing, Inc., a subsidiary of PacifiCorp Holdings, Inc. (“PHI”). These actions, as well as the utilization of
other flexible physical and financial hedging instruments, assisted the Company in maintaining a balanced energy
position during the year ended March 31, 2003. The Company believes that its energy position is balanced for
summer 2003.

For the year ended March 31, 2003, overall retail megawatt-hour (“MWh”) sales decreased approximately

1.2%. While the impact of weather was not significant for the year ended March 31, 2003, sales for the year ended
March 31, 2002 were approximately 564,000 MWh, or 1.2%, higher than sales for the year ended March 31, 2003,
due to the effects of weather. Excluding this weather impact, the loads for both years were relatively consistent,
although load growth varied within individual states and customer classes. While residential and commercial loads
reflected an increase of 1.2% and 3.6%, respectively, as a result of additional customers in the eastern portion of the
Company’s service territory, the industrial class showed a 3.2% decrease as a result of the effects of the economic
downturn and a decrease in industrial customers.

The Company’s hydroelectric resources are in watersheds with precipitation that averaged 85.0% of normal for the
year ended March 31, 2003 and had ending snowpack at around 74.0% of normal. These drier than normal
conditions reduced generation from Company-owned projects by 65,000 MWh as compared to the hydroelectric
generation for the year ended March 31, 2002. Despite increased precipitation in April 2003, the reduced snowpack
will continue to affect generation from the Company’s resources for the remainder of the normal runoff period
through the end of September 2003. Beginning with the next hydrologic cycle in October 2003, the Company
anticipates a return to normal water conditions. In the event of below-normal hydroelectric generation, the Company
will either increase output from its thermal generation resources or purchase energy in the wholesale market, which
would result in increased power costs to the extent existing hedges do not offset the impact of reduced hydroelectric
generation.

Concluded regulatory actions in the year ended March 31, 2003 included approval in Oregon of a $15.4 million
overall rate increase effective June 1, 2002. On March 6, 2003, a general rate increase of $8.7 million, or 2.8%, was
granted in Wyoming. Rate actions submitted for regulatory approval include a general rate case filed on March 18,
2003 in Oregon, requesting an increase of $57.9 million, or 7.4%, in base rates to take effect in January 2004; a
general rate case filed on May 15,2003 in Utah establishing a maximum increase of $125.0 million, or 12.5%, in
base rates to take effect in April 2004; and a general rate case filed on May 27, 2003 in Wyoming, requesting an
increase of $41.8 million, or 13.1%, in base rates to take effect in March 2004.

The Company also made progress toward recovering the deferred net power costs incurred during the period of
extreme volatility and unprecedented high price levels beginning in summer 2000 and extending through summer



2001. These costs have been authorized for recovery as follows: (i) $147.0 million in Utah; (ii) $131.0 million, plus
carrying charges, in Oregon; and (iii) $25.0 million in Idaho. The Oregon rate order is the subject of a court appeal
by intervening parties, which, if successful, would require refunds of amounts collected after January 22, 2003. In
Wyoming, the Company’s request for recovery of deferred net power costs was denied, and, as a result, the
Company wrote off the remaining net regulatory asset of $48.3 million during the year ended March 31, 2003. The
Company filed a petition for rehearing on the Wyoming decision on April 4, 2003. The WPSC denied the petition on
May 30, 2003. In Washington, the Company had requested recovery of approximately $17.5 million of excess
power costs, which have not been deferred, or, alternatively, that the Company be allowed to file a general rate case,
which is currently restricted through December 2005. This request was subsequently reduced to approximately
$15.9 million based on revised estimates. A final decision in Washington is expected by June 2003. At March 31,
2003, the Company had $137.8 million of deferred power costs, net of amortization, remaining to be collected over
two to three years.

The Company is subject to comprehensive regulation by the Federal Energy Regulatory Commission (the “FERC”)
and state and local regulatory agencies. The Company is required to comply with various permits, approvals and
licenses from the governmental agencies that regulate many aspects of the Company’s business, including customer
rates, service territories, sales of securities, asset acquisitions and sales, accounting policies and practices, and the
operation of its coal, steam and hydroelectric facilities. The Company believes that it has the necessary permits,
approvals and licenses to operate its plants in material compliance with applicable requirements. The Company is
also subject to regulation by the Securities and Exchange Commission (the “SEC”) under the Public Utility Holding
Company Act of 1935 (the “PUHCA”™), which includes restrictions on securities issuances, payment of dividends and
transactions with affiliates. The Company is unable to predict the impact on its operating results of future regulatory
activities of these agencies.

As a result of the western energy crisis from May 2000 through June 2001, the bankruptcy filing by Enron Corp.
(“Enron”) and investigations by governmental authorities into electricity and natural gas trading activities,
companies in the regulated and nonregulated utility business have been under an increased amount of public and
regulatory scrutiny. This increased scrutiny could lead to significant changes in laws and regulations affecting the
Company, including new accounting standards that could change the way the Company is required to record
revenues, expenses, assets and liabilities. These types of changes in the industry and any resulting regulations may
have a significant impact on the Company’s results and access to capital markets.

The Company’s operations are exposed to risks, including legislative and governmental regulations; volatility in the
price and supply of purchased electricity, fuel and natural gas; uncertain recovery of purchased electricity and
natural gas costs; weather conditions; economic conditions; availability of generation facilities; competition;
technology; and availability of funding. In addition, the energy business exposes the Company to the financial,
liquidity, credit, volumetric and commodity price risks associated with wholesale sales and purchases. See ITEM 7.
MANAGEMENT?’S DISCUSSION AND ANALYSIS OF FINANCIAL CONDITION AND RESULTS OF
OPERATIONS - BUSINESS RISK for further discussion.

The Company had 6,140 employees on March 31, 2003. Approximately 58.6% of the employees of the Company
are covered by union contracts, principally with the International Brotherhood of Electrical Workers, the Utility
Workers Union of America, International Brotherhood of Boilermakers and the United Mine Workers of America.
In the Company’s judgment, employee relations are satisfactory.

The 8 1/4% Cumulative Quarterly Income Preferred Securities (Series A Preferred Securities) of PacifiCorp

Capital I, and the 7.70% Trust Preferred Securities (Series B Preferred Securities) of PacifiCorp Capital II, each a
wholly owned subsidiary trust of the Company, are traded on the New York Stock Exchange. All outstanding shares
of the common stock of PacifiCorp are indirectly owned by Scottish Power plc (“ScottishPower”), whose American
Depository Shares (“ADS”) are traded on the New York Stock Exchange.

From time to time, the Company may make or issue forward-looking statements that involve a number of risks and
uncertainties under the safe-harbor provisions of the Private Securities Litigation Reform Act of 1995, as described
in Forward-Looking Statements under ITEM 7. MANAGEMENT’S DISCUSSION AND ANALYSIS OF
FINANCIAL CONDITION AND RESULTS OF OPERATIONS. Any forward-looking statements made or
issued by the Company, including statements in this report, should be considered in light of these factors.

The website address of the Company is www.pacificorp.com. The Company makes available free of charge, on or
through its website, its annual, quarterly and current reports, and any amendments to those reports, as soon as



reasonably practicable after electronically filing such reports with the SEC. Information contained on the
Company’s website is not part of this report.

SERVICE TERRITORIES

The Company serves approximately 1.5 million retail customers in service territories aggregating about 136,000
square miles in portions of six western states: Utah, Oregon, Wyoming, Washington, Idaho and California. The
combined service territory’s diverse regional economy ranges from rural, agricultural and mining areas to urbanized
manufacturing and government service centers. No one segment of the economy dominates the service territory,
which helps mitigate the Company’s exposure to economic changes. In the eastern portion of the service territory,
mainly consisting of Wyoming and Utah, the principal industries are mining and extracting coal, oil, natural gas,
uranium and oil shale. In the western portion of the service territory, mainly consisting of Oregon and southeastern
Washington, the principal industries are agriculture and manufacturing, with pulp and paper, lumber and wood
products, food processing, high technology and primary metals being the largest industrial sectors. The Company
delivers electricity through approximately 57,000 miles of distribution lines and 15,000 miles of transmission lines.

The following map highlights the Company’s retail service territory.

The geographic distribution of the Company’s retail electric operating revenues for the year ended March 31, 2003
was as follows: Utah, 38.8%; Oregon, 31.9%; Wyoming, 12.7%; Washington, 8.2%; Idaho, 5.9%; and California,
2.5%.

In July 1998, the Company announced its intention to sell its California service territory, including its electric
distribution assets. The Company and Nor-Cal Electric Authority (“Nor-Cal”) have engaged in detailed negotiations
with a view toward executing a definitive sale agreement. Various factors have impeded consummation of the sale
transaction. In June 2002, the California county of Siskiyou filed a validation action in California Superior Court,
challenging the authority of Nor-Cal to enter into such a transaction as proposed and alleging certain conflicts of
interest among Nor-Cal and its advisors. The validation action is ongoing, but based on the foregoing factors,
consummation of the sale is uncertain.

In February 2003, the Oregon Public Power Coalition submitted a petition to Multnomah County, Oregon, calling
for an election to form a government-owned and operated electric utility in the county. The county is conducting
hearings, and a public vote could occur in November 2003. If approved by the voters, the measure would result in
the formation of a public utility district and could result in condemnation of the Company’s property in Multnomah
County, Oregon, making that property part of a government-owned and operated utility. The Company serves
68,000 homes and businesses in the county, which represents approximately 1.9 million MWh, or $108.1 million in
annual revenues. The Company is vigorously opposing this action.



CUSTOMERS

Electricity sales and retail customers, by class of customer, for the years ended March 31, 2003, 2002 and 2001,
were as follows:

Years Ended March 31,
Electric Operations 2003 2002 2001
(Thousands of MWh)

MWh sold

Commercial.................. 14,006 18.1 13,810 19.2 13,634 18.0

631 0.8 711 1.0 705 0.9

...... . 33.8

Number of Retail Customers (Thousands)
RESIAENtIal ......oouveeeeierereeneereceeeeeereeeeeeecneiseseeesseee e enaees 1,317 85.4%

1,296 854% 1,278 85.4%

INAUSEIIAL. ...t 34 2.2 35 23 35 23

1,517 100.0% 1,496 100.0%

Total......... I 1,542 100.0%

Average annual revenue Per CUSLOMET .......evevvreersnsmeeeseacuncs $ 701 $ 701 $ 672

As a result of the geographically diverse area of operations, the Company’s service territory has historically
experienced complementary seasonal load patterns. In the western portion, customer demand peaks in the winter
months due to heating requirements. In the eastern portion, customer demand peaks in the summer when irrigation
and air-conditioning systems are heavily used. Many factors affect per-customer consumption of electricity. For
residential customers, within a given year, weather conditions are the dominant cause of usage variations from
normal seasonal patterns. The majority of the growth in residential customers has been generated from the eastern
portion of the Company’s service territories, whereas the western portion has remained relatively flat in terms of its
growth. Average annual usage for the year ended March 31, 2003 decreased generally due to the impact of the
downturn in the economy on the Company’s commercial and industrial customers. Price is a significant factor in
usage by all customers. In response to prior region wide electricity supply shortages, the Company is actively
promoting electricity conservation programs that lower customer usage.

During the year ended March 31, 2003, no single retail customer accounted for more than 1.2% of the Company’s
retail electric revenues and the 20 largest retail customers accounted for 13.0% of the Company’s total retail electric
revenues.

POWER AND FUEL SUPPLY

The Company owns, or has interests in, 17 thermal generating plants with an aggregate nameplate rating of
7,309.8 MW and plant net capability of 6,776.9 MW, 53 hydroelectric generating plants with an aggregate
nameplate rating of 1,067.3 MW and plant net capability of 1,115.8 MW, and one wind generating plant with an
aggregate nameplate rating and plant net capability of 32.6 MW. During the year ended March 31, 2003, the
Company’s thermal, hydroelectric and wind generation plants supplied 57.5%, 4.5% and 0.1%, respectively, of its
energy requirements. Of the remainder, 26.0% was supplied by purchased electricity under existing short-term
purchase contracts and 11.9% by long-term purchase arrangements. With its present generating facilities, under
average water conditions, the Company expects that approximately 59.5% and 5.3% of its energy requirements for
the year ending March 31, 2004 would be supplied by its thermal and hydroelectric plants, respectively; 21.9%



would be obtained under short-term or spot-market purchase contracts; and the remaining 13.3% through existing
long-term purchase arrangements.

During the year ended March 31, 2002, the Company leased gas turbine peaking generators with 114.0 MW
capacity to provide electric generation to meet system load requirements and provide voltage support in the Salt
Lake Valley. The Company replaced these leased gas turbine peaking generators with a Company-owned gas-fired
peaking plant in Salt Lake City, Utah, which became operational in August 2002 and consists of three generation
units, each rated at 40.0 MW.

In May 2002, the Company entered into a 15-year operating lease for an electric generation facility with West
Valley Leasing Company LLC, a subsidiary of PPM. The Company, at its sole option, may terminate the lease, or
purchase the facility, after three years or after six years. The facility consists of five generation units, each rated at
40 MW, and is located in Utah.

To improve customer service and reliability, the Company is continuing its infrastructure improvement projects in
targeted areas, particularly along Utah’s Wasatch Front, where there is rapidly growing demand for electricity. The
scope of this $200.0 million investment through 2005 includes transmission line upgrades, new distribution
substations, upgrades to existing distribution substations and other system enhancements. These projects are
intended to provide additional capacity to meet future load demands throughout the Company’s system.

As of March 31, 2003, the Company had approximately 196 million tons of recoverable coal reserves in mines
owned by the Company. The coal from these reserves and from long-term contracts will be used to support the
Company’s fuel strategy at its generation plants that are near the mines. During the year ended March 31, 2003,
these mines supplied approximately 32.7% of the Company’s total coal requirements, compared to approximately
32.5% during the year ended March 31, 2002. Coal is also acquired through other long-term and short-term
contracts. The Company supplies its gas-fired generation plants with natural gas through long-term and short-term
contracts.

WHOLESALE SALES AND PURCHASED ELECTRICITY

In addition to its base of thermal and hydroelectric generation assets, the Company utilizes a mix of long-term,
short-term and spot-market purchases to meet its load obligations, wholesale obligations and balancing
requirements. Many of the Company’s purchased electricity contracts have fixed price components, which provide
some protection against price volatility. The Company enters into such wholesale purchase and sale transactions to
provide hedges against periods of variable generation or variable retail load. Generation varies with the levels of
outages or transmission constraints, and retail load varies with the weather, distribution system outages and the level
of economic activity. During the year ended March 31, 2003, retail loads were lower than in the previous year due to
milder weather and a generally weak western U.S. economy. The Company’s wholesale transactions are integral to
its retail business, providing for a balanced and economically hedged position and enhancing the efficient use of its
generating capacity over the long term.

Historically, the Company has been able to purchase electricity from utilities in the southwestern U.S. and the
Pacific Northwest for its own requirements. The Company’s transmission system connects with market hubs in the
Pacific Northwest to provide access to what is normally low-cost hydroelectric generation and connects with the
southwestern U.S., which provides access to normally higher-cost fossil-fuel generation. The transmission system is
available for common use consistent with open-access regulatory requirements. If the Company is in a surplus
electricity position, the Company is usually able to sell excess electricity into the wholesale market, subject to
pricing and transmission constraints.

Under the requirements of the Public Utility Regulatory Policies Act of 1978, the Company purchases the output of
qualifying facilities constructed and operated by entities that are not public utilities. During the year ended

March 31, 2003, the Company purchased an average of 95 MW from qualifying facilities, compared to an average
of 104 MW during the year ended March 31, 2002.

PROJECTED DEMAND

Future increases in demand are dependent upon several factors, including the impact of price movements, weather,
economic conditions, Demand Side Management (“DSM”) programs and changes in technology. Resource
availability, price volatility and load volatility may materially impact power costs to the Company.



For the years through March 31, 2008, the Company is estimating average annual growth in retail MWh sales in the
Company’s franchise service territories to be in the range of 1.8% to 3.6%, dependent upon factors such as
economic recovery and growth, customer numbers, weather, conservation efforts and changes in prices. If price
increases occur in the region, the Company believes that demand growth may slow. The Company’s financial results
will be impacted by a variety of factors, including economic and demographic growth, competition and the extent of
deregulation in the electric industry.

Integrated Resource Plan

The Company’s Integrated Resource Plan (“IRP”) provides a framework and plan for the prudent future actions
required to ensure that the Company continues to provide reliable and cost-effective electric service to its customers.
Projected growth rates and retirement of existing resources indicate a need of about 4,000 additional MW of
capacity between 2004 and 2014. These estimates are subject to ongoing review and could be revised. The IRP and
the resulting Request for Proposals (“RFP”) process have been created to identify the Company’s future resource
mix in a coordinated process with the stakeholders in each of the six states where the Company operates. As part of
the IRP process, the Company is expecting to add capacity through a combination of the following sources: base-
load resources or purchases (approximately 2,100 MW), peaking resources (approximately 1,200 MW) and shaped
purchased electricity resources (approximately 700 MW). The Company also plans to implement DSM programs
(450 average MW) and acquire renewable energy (approximately 1,400 MW). Shaped products and electricity
purchase agreements are used in an effort to optimize physical assets and reduce cost. Before the Company commits
to build assets, electricity purchase agreements and shaped products are reviewed and compared for economic
benefit, risk reduction and long-term optionality.

The IRP was filed with the relevant state commissions on January 24, 2003. The Company has segregated the IRP
supply-side action items into a series of four separate RFPs. Each RFP focuses on a specific category of supply-side
resources and provides for the staged procurement of resources in future years in order to achieve load/resource
balance. The first of these four RFPs was presented for consideration to the Oregon Public Utility Commission (the
“OPUC”) on May 7, 2003. The expected cycle time for each RFP process is approximately six months. Approval for
resources procured via the first RFP effort is expected toward the end of calendar year 2003. The subsequent three
RFPs are anticipated to be released 30 to 90 days following the first RFP.

In addition to the four supply-side RFPs, the Company is preparing a separate RFP for the demand-side resources
called for in the IRP. As part of the RFP process, the Company will develop and evaluate its own-build options
consistent with the analyses in the IRP, such as new base-load or peaking generation facilities. The Company is also
considering an additional generating unit at its Hunter station in Utah and has begun an air-quality permitting
process for potential development of this unit. The RFP process includes an analysis of the customer benefits and the
cost/risk balance of the available alternatives.

On March 6, 2003, the Utah Public Service Commission (the “UPSC”) opened a docket to consider adopting
competitive bidding rules governing the acquisition of generating resources. An industrial-customer lobbying group
and other interested parties approached the UPSC after legislation to impose new rules on generation procurement
and affiliate transactions failed to garner support in the Utah legislature. Four conferences to consider current
regulations and investigate proposals were held during April 2003. An update conference was held with the UPSC
on May 8, 2003. At this meeting, all parties confirmed their intention to hold further technical conferences. These
conferences will focus on two issues: the need for short-term interim rules on resource acquisition and the
requirement to develop longer-term, more fully developed rules for affiliate transactions and resource acquisition.



CAPITAL EXPENDITURE PROGRAM

The following table shows actual capital expenditures for the year ended March 31, 2003 and the Company’s
estimated capital expenditures for the years ending March 31, 2004 through 2006.

Actual Estimated
Years Ending March 31,

Millions of dollars 2003 2004 2005 2006

Generation and Mining 1827 2394 2787  273.6

et 26
FEE5EEY ~i8

$550.0 $669.3 $679.7 $678.6

Actual and estimated future capital expenditures include upgrades to distribution and transmission lines and existing
generation plants, connections for new customers, accommodating load growth, coal mine investments, air-quality
and environmental expenditures, hydroelectric relicensing costs and information technology systems. All of these
expenditures are subject to continuing review and revision by the Company, and actual costs could vary from
estimates due to various factors, such as changes in business conditions, revised load-growth estimates, and
increasing costs in labor, equipment and materials. The estimates of capital expenditures for the years ending March
31, 2004 through 2006 generally exclude the potential impact of future decisions regarding expansion of physical
generation and transmission capacity arising from the RFP process. These additional expenditures may be
significant but are spread over a number of years and are subject to future legislative and regulatory developments.
They cannot be accurately estimated at this time.

COMPETITION

During the year ended March 31, 2003, the Company continued to operate its retail business under state regulation.
Certain of the Company’s industrial customers in Oregon have the right to choose alternative electricity suppliers
and others in the Company’s service territories are seeking choice of suppliers, options to build their own generation
or co-generation plants, or the use of alternative energy sources such as natural gas. If these other customers gain the
right to receive electricity from alternative suppliers, they will make their energy purchasing decision based upon
many factors, including price, service and system reliability. Availability and price of alternative energy sources and
the general demand for electricity also influence competition.

Any adoption of retail competition in the territories served by the Company and the unbundling of regulated energy
service could have a significant adverse financial impact on the Company due to an impairment of assets, a loss of
retail customers, lower profit margins or increased costs of capital and could result in increased pressure to lower the
price of electricity. The Company cannot predict if or when it will be subject to changes in legislation or regulation,
nor can the Company predict the impact of these changes.

The regional electricity market in which the Company competes has changing transmission regulatory structures,
which could affect the ownership of transmission assets and related revenues and expenses. The Company currently
owns and operates transmission facilities as part of its vertically integrated utility operations. Transmission costs are
not separated from, but rather are “bundled” with, generation and distribution costs in approved retail rates. In 1996,
the FERC issued new rules on transmission service to facilitate competition in the wholesale market on a nationwide
basis. The rules give greater flexibility and more choices to wholesale electricity customers.

On July 31, 2002, the FERC issued a Notice of Proposed Rulemaking, proposing a new Standard Market Design
(“SMD”) for wholesale electricity markets, relating to open-access transmission service and standard electricity
market design. The SMD proposed a number of remedies aimed at removing barriers to efficient competitive
wholesale markets perceived by the FERC in the wake of the FERC’s Orders 888 and 2000. In an April 28, 2003
SMD White Paper, the FERC signaled a greater willingness to defer to regional solutions and not adopt overly
prescriptive rules. It appears that the FERC will refocus its upcoming final rule around the formation of Regional
Transmission Organizations (“RTOs”) to ensure that these entities have sound wholesale market rules. Renamed the
“Wholesale Power Market Platform,” the FERC’s new proposal retains the initial SMD requirement that
jurisdictional utilities transfer control of their transmission facilities to an RTO. At the same time, the FERC



affirmed that it would permit phased-in implementation and sequencing tailored to each region, and allow
modifications that would benefit customers within each region. The FERC has now instituted an open-ended public
comment period, specifically inviting reaction to certain aspects of the paper. It is expected that a final rule will not
be issued until the U.S. Congress has completed action on pending energy legislation.

The Company, in conjunction with nine other utilities, is seeking to form an RTO (“RTO West”), in response to the
FERC’s Order 2000. The 10 members of RTO West would be Avista Corporation, British Columbia Hydro Power
Authority, BPA, Idaho Power Company, Northwestern Energy L.L.C. (formerly Montana Power Company), Nevada
Power Company, PacifiCorp, Portland General Electric Company, Puget Sound Energy, Inc. and Sierra Pacific
Power Company. Creation of RTO West is subject to regulatory approvals from the FERC. On September 18, 2002,
the FERC voted that, with some modification and further development of certain details, the RTO West proposal
satisfies the 12 characteristics and functions of the FERC’s Order 2000. The states served by these utilities will
likely participate in regional state committees that will be established to address significant market design features
for their respective regions, such as allocation of firm transmission rights to existing capacity and cost recovery for
new transmission expansion. Some of these states may also assert jurisdiction over certain matters relating to the
formation of RTO West. RTO West, if and when fully implemented, would serve as an independent transmission
provider for the RTO West region and have operational authority needed for bulk electricity transfers over a
majority of the 60,000 miles of transmission lines owned by its members.

As a result of this changing regulatory environment, which includes open-access transmission service, the Company
may be subject to a competitive market that is substantially different than the current market structure. This change
in competitive market structure could affect the Company’s load forecasts, plans for electricity supply and wholesale
electricity sales and related revenues. The effect on the Company’s net income and financial condition could vary
depending on the extent to which (i) additional generation is built to compete in the wholesale market, (ii) new ways
for the Company to use the wholesale market to balance its retail position are developed, or (iii) current wholesale
customers elect to purchase from other suppliers after existing contracts expire.

ENVIRONMENTAL MATTERS

The Company’s activities are subject to a broad array of federal, state and local laws and regulations designed to
protect, restore and enhance the quality of the environment. The Company’s costs of complying with complex
environmental laws and regulations, as well as internal voluntary programs and goals, are significant and will
continue to be so for the foreseeable future.

In the year ended March 31, 2003, the Company spent approximately $12.5 million on environmental capital
projects either required by law or necessary to meet the Company’s internal environmental goals. The Company
currently estimates expenditures for environmental-related capital projects will total approximately $35.8 million,
$86.4 million and $106.8 million in the years ending March 31, 2004, 2005 and 2006, respectively. The Company
monitors these requirements and annually revises its cost estimates to meet existing legal and regulatory
requirements of the various jurisdictions in which it operates.

Air Quality

The Company’s fossil-fuel-fired electricity generation plants, as well as other facilities with significant air
emissions, are subject to air quality regulation under federal, state and local laws and regulations. The Company
believes it has all required permits and other approvals to operate its plants and that the plants are in material
compliance with applicable requirements. The Company uses emission controls, low-sulfur coal, environmentally
conscious plant operating practices and continuous emissions monitoring to enable its plants to comply with
emissions limits, opacity limits, visibility and other air-quality requirements.

The U.S. Environmental Protection Agency (the “EPA”) has initiated a regional haze program intended to improve
visibility at specific federally protected areas, some of which are located near Company plants. The Company is
working with the Western Regional Air Partnership to help develop the technical and policy tools needed to comply
with those regulations. Carbon dioxide emissions are the subject of growing discussion and action in the context of
global climate change, but such emissions are not currently subject to regulation. The Company is anticipating
mitigating climate-change challenges with additions of renewable generation, conservation and thermal resources as
outlined in the IRP. Likewise, carbon dioxide emissions risk has been anticipated in the Company’s IRP through the
use of a “carbon adder.” The Company also supports development of trading and other market mechanisms, as well
as offset strategies, where feasible, to reduce future compliance costs to customers. The U.S. Congress is currently



considering several proposed bills that would create enforceable limits on electricity plant emissions of sulfur
dioxide, carbon dioxide, oxides of nitrogen and mercury. While the Company is unable at this time to predict with
certainty the level of capital expenditures relating to air quality and carbon dioxide emissions, it believes these
amounts could be significant but will be spread over a number of years. The Company also believes that the impact
will be mitigated by recovery through the regulatory ratemaking process.

In 1999, the EPA commenced enforcement actions alleging violations of New Source Review requirements by the
owners of certain coal-fired generating plants in the eastern and midwestern U.S. The Company is not part of those
actions. However, in December 2000, the EPA notified the Company that it is investigating the Company’s Carbon,
Dave Johnston, Huntington and Naughton coal-fired plants, and required the Company to provide information about
the operation, maintenance, emissions, utilization and other aspects of these plants. In May 2003, the EPA notified
the Company that it is investigating similar issues at the Bridger, Hunter and Wyodak plants. The Company is
cooperating with these investigations by providing requested information to the EPA. No legal proceeding has been
commenced.

Endangered Species

The federal Endangered Species Act of 1973 and similar state statutes protect species threatened with possible
extinction. Protection of the habitat of endangered and threatened species makes it difficult and more costly to
perform some of the Company’s core activities, including the siting, construction and operation of new and existing
transmission and distribution facilities, as well as hydroelectric, thermal and wind generation plants. In addition,
endangered species issues impact the relicensing of existing hydroelectric generating projects, generally raising the
price the Company must pay to purchase wholesale electricity from hydroelectric facilities owned by others,
reducing output and increasing the costs of operating the Company’s own hydroelectric resources.

Environmental Cleanups

Under the Comprehensive Environmental Response, Compensation and Liability Act; the Resource Conservation
and Recovery Act; and similar state statutes, entities that disposed of, or arranged for the disposal of, hazardous
materials may be liable for cleanup of the contaminated property. In addition, the current or former owners or
operators of affected sites may be liable. The Company has been identified as a potentially responsible party in
connection with a number of cleanup sites because of its current or past ownership or operation of the property or
because the Company sent hazardous materials to the property in the past. The Company has completed several
cleanup actions and is actively participating in investigations and remedial actions at other sites. The costs
associated with those actions are not expected to be material to the Company’s consolidated financial position,
results of operations, cash flows, liquidity or capital expenditures.

Mine Reclamation

The federal Surface Mining and Reclamation Act of 1977 and similar state statutes establish operational,
reclamation and closure standards that must be met during and upon completion of mining activities. These
obligations mandate that mine property be restored consistent with specific standards and the approved reclamation
plan. The Company’s mining operations are subject to these reclamation and closure requirements. Significant
expenditures are expected to be required when individual Company mining operations are closed and reclamation
occurs. The costs associated with reclamation are subject to the regulatory process, and the Company expects to be
allowed to recover these costs.

Water Quality

The federal Clean Water Act and individual state clean-water regulations require a permit for the discharge of
wastewater, including storm-water runoff from electricity plants and coal storage areas, into surface water and
ground water. The Company believes that it has management systems in place to monitor performance, identify
problems and take action to ensure compliance with permit requirements. Additionally, the Company believes that it
currently has, or has initiated the process to receive, all required permits.

Other Environmental Laws

The Company is required to comply with numerous other federal, state and local environmental laws in addition to
those previously discussed. The Company believes that it is in material compliance with all applicable
environmental laws.



REGULATION

The Company is subject to the jurisdiction of public utility regulatory authorities in each of the states in which it
conducts retail electric operations. These authorities regulate various matters, including prices, services, accounting,
issuances of securities and other matters. Commissioners are appointed by the respective states’ governors for
varying terms. The Company is a “licensee” and a “public utility” as those terms are used in the Federal Power Act
(“FPA”) and is therefore subject to regulation by the FERC as to accounting policies and practices, certain prices
and other matters, including the terms and conditions of transmission service. Most of the Company’s hydroelectric
plants are licensed by the FERC as major projects under the FPA, and certain of these projects are licensed under the
Oregon Hydroelectric Act. The Company is also subject to the requirements and restrictions of the PUHCA.

Federal Energy Regulatory Commission Issues

On April 26, 2001, the FERC imposed a price mitigation plan limiting prices on spot-market sales in California 24
hours a day, seven days a week. On June 19, 2001, the FERC issued an order that extended the California price
limits to all wholesale spot-market sales in the entire 11-state western region. On July 17, 2002, the FERC issued an
order that became effective November 1, 2002, increasing the price cap to $250.00 per MWh from the previous
$91.87 per MWh. However, the order also created an automatic mitigation procedure designed to limit the ability of
generators to cause prices to rise above $91.87 per MWh.

The FERC’s June 19, 2001 order also required that all public utility sellers and buyers (the “Party” or “Parties”) in
the California Independent System Operators’ (the “Cal ISO”) markets participate in settlement discussions to
complete the task of settling past accounts and structuring the new arrangements for California’s energy future. The
FERC appointed an Administrative Law Judge (“ALJ”) to serve as a settlement judge. On July 12, 2001, an ALJ
issued a recommendation to the FERC based upon the settlement conference, proposing a methodology to calculate
refunds for spot sales made to the Cal ISO and the California Power Exchange (the “CPX”) between October 2,
2000 and June 20, 2001. The FERC agreed with the ALJ-proposed methodology. A proceeding before a second ALJ
was held beginning August 19, 2002 to determine each Party’s refund liability. On November 20, 2002, the FERC
allowed all Parties to engage in 100 days of additional discovery into market manipulation. On December 12, 2002,
an ALYJ issued a Certification of Proposed Findings on California Refund Liability in which the ALJ preliminarily
determined that $1.2 billion was still owed to suppliers by the Cal ISO and the CPX, which amount was calculated
by offsetting a $1.8 billion refund against the $3.0 billion owed to suppliers. On March 3, 2003, the Parties filed
supplemental evidence of market manipulation and proposed new findings of fact. On March 20, 2003, the Parties
responded to the March 3, 2003 filings. On March 26, 2003, the FERC staff issued a final report on price
manipulation in western markets (the “Staff’s Final Report”). Following issuance of the Staff’s Final Report, the
FERC issued an Order on Proposed Findings on Refund Liability adopting many of the ALJ’s December 12, 2002
Proposed Findings and clarifying the method for calculating refunds for purchases made in the Cal ISO and CPX
spot markets. In its order, the FERC adopted recommendations from the Staff’s Final Report, including a new proxy
for gas prices, which could increase the amount of refunds, if any, owed by all Parties. The FERC expects that
refunds will be distributed by the end of summer 2003. The Company’s level of exposure to refunds is dependent
upon any final order issued by the FERC in response to the outcome of these proceedings. The Company has
established a reserve of approximately $17.7 million for any refunds owed as a result of this FERC proceeding.

The FERC has also established a second proceeding to consider the possibility of requiring refunds for wholesale
spot market bilateral sales in the Pacific Northwest between December 25, 2000 and June 20, 2001. In a decision
issued on September 24, 2001, an ALJ recommended that the FERC should not require refunds for these sales. On
December 19, 2002, the evidentiary record was reopened in this case for the purpose of allowing parties to submit
additional evidence concerning potential refunds for wholesale spot market bilateral sales transactions in the Pacific
Northwest for the period January 1, 2000 through June 21, 2001 and to submit proposed new and/or modified
findings of fact. On March 3, 2003, parties filed supplemental evidence of market manipulation and proposed new
findings of fact. On March 20, 2003, parties responded to the March 3, 2003 filings. In its March 26, 2003 report on
price manipulation in western markets, the FERC staff recommended that the FERC remand back to an ALJ for
consideration of the additional evidence received after the decision in September 2001. The Company’s obligation
to make refunds, if any, will be dependent upon any final order issued by the FERC in response to the outcome of
these proceedings and cannot be determined at this time.

On May 2, 2002, the Company filed a series of complaints with the FERC against five wholesale power suppliers
(the “Respondents”) for charging excessive prices for wholesale electricity purchases scheduled for delivery during
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summer 2002. The contracts covered in the complaint were signed during a period of extreme wholesale market
volatility and before the FERC imposed its Westwide spot-market price mitigation (price caps). The Company is
seeking reformation of the contract prices to levels that constitute just and reasonable rates. Hearings on this
proceeding were completed on January 3, 2003. On February 26, 2003, an ALJ issued an Initial Decision
recommending dismissal of the Company’s complaints. The Company has moved to reopen the evidentiary record
in light of additional evidence. In addition, on March 28, 2003, the Company filed its Brief on Exceptions
identifying the legal errors contained in the Initial Decision. The FERC staff and the Respondents filed their
opposing exceptions on April 17, 2003. Oral arguments were held at the FERC on May 15, 2003, and a final order is
expected by December 2003.

In May 2002, the Company responded to data requests from the FERC regarding trading practices connected with
the power crisis during 2000 and 2001. The Company confirmed that it did not engage in any trading practices
intended to manipulate the market as described in the FERC’s data requests issued in May 2002. The Staff’s Final
Report recommends that the FERC issue show-cause orders to numerous market participants, including the
Company, requiring them to demonstrate why their behaviors did not violate the Cal ISO and CPX tariffs as part of
the ongoing FERC trading practices investigation. It is unknown at this time whether the FERC will act on the
staff’s recommendations.

Hydroelectric Relicensing

The Company’s hydroelectric portfolio consists of 53 plants with a plant net capability of 1,115.8 MW. These plants
account for about 14.1% of the Company’s total generating capacity and provide operational benefits such as
peaking capacity, generation, spinning reserves and voltage control.

The Company operates the majority of its hydroelectric generating portfolio under long-term licenses from the
FERC. These licenses are granted by the FERC for periods of 30 to 50 years. There is a complex regulatory process
that the Company must comply with to apply for new licenses that begins five and one-half years before the
expiration of an existing license and involves a number of federal and state agencies, as well as other stakeholders.
Some state and federal agencies and, in some cases, Native American Tribal Councils have authority to require
certain terms and conditions to be included in the FERC license. Often, existing licenses expire prior to the FERC’s
issuing a new license. In these cases, the FERC has historically issued annual operating licenses so that the project
can continue to operate while alternatives are evaluated. The Company expects that the FERC will continue this
practice. Many of the Company’s long-term operating licenses have expired or are expiring in the next few years
and will continue to operate under annual licenses granted by the FERC. The FERC will require the Company to
implement certain protection, mitigation and enhancement measures, primarily to address environmental concerns
relating to fisheries, water quality, wildlife, recreation, land use, cultural resources and erosion, as conditions to the
new licenses. Through this process, the Company’s operations must also comply with current environmental polices
such as the Clean Water Act and the Endangered Species Act of 1973.

It is difficult to determine the economic impact of any new measures, but capital expenditures and operating costs
are expected to increase over the next license periods of 30 to 50 years. In addition, in-stream flow requirements and
other constraints on operations may result in lower generating output and reductions in the Company’s operational
flexibility and ability to “shape” production into the highest-value load periods.

The Company has entered into settlement agreements with stakeholders in the licensing processes regarding
measures to be included in the new licenses for the North Umpqua, Bear River and Big Fork hydroelectric projects.
The Company believes that negotiating settlement agreements results in more cost-effective measures that provide a
more timely response to environmental needs. The terms of these settlement agreements are incorporated into the
Company’s license applications with the FERC and the tribal, federal and state agencies’ terms, conditions and
recommendations to the FERC. As part of these settlement agreements, the Company has agreed to implement
certain measures prior to and during the next license period. Most of these commitments are contingent on the
Company ultimately receiving an acceptable license from the FERC. Assuming the Company is granted a new
license on these projects for 30 to 35 years, these measures will cost approximately $184.5 million over the license
terms.

As of March 31, 2003, the Company had incurred approximately $95.4 million in costs for ongoing hydroelectric
relicensing, which are included in assets on the Company’s Consolidated Balance Sheet. The Company expects that
these and future costs will be found to be prudent and recoverable in rates and, as such, will not have a material
adverse impact on the Company’s consolidated results of operations.
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The Company analyzed the costs and benefits of relicensing the Condit and American Fork hydroelectric projects
and, as a result, entered into settlement agreements to remove or decommission these projects rather than to pursue
new licenses. The removal of the Condit dam is projected to cost the Company approximately $19.4 million.
Decommissioning of the American Fork project is expected to cost $1.0 million. These settlement agreements are
contingent on acceptable orders being issued by the FERC and on obtaining all necessary permits.

Depreciation Rate Changes

On October 1, 2002, the Company filed applications with the respective regulatory commissions in Utah, Oregon,
Wyoming, Washington and Idaho to change the rates of depreciation, based on a new depreciation study. The new
study reflects depreciable plant balances at March 31, 2002. In Utah, settlement discussions have resulted in a
stipulation with intervenors. On April 17, 2003, the UPSC approved the stipulation. The rates approved in the
stipulation will reduce annual Utah allocated depreciation expense by $6.0 million. The Company and the Idaho
Public Utilities Commission (the “IPUC”) staff have agreed on a similar stipulation that will reduce Idaho’s annual
allocated depreciation expense by $0.9 million. This stipulation was filed with the IPUC on April 30, 2003. If
adopted by all states, these depreciation rate changes would reduce total Company depreciation expense by $20.3
million annually, which could ultimately result in lower revenues or offset anticipated price increases. Future
decisions by the commissions in Oregon, Washington and California may impact this annual expense reduction.

Trail Mountain Coal Mine Closure Costs

On February 7, 2001, the Company filed applications with the UPSC, the OPUC, the Wyoming Public Service
Commission (the “WPSC”) and the IPUC requesting accounting orders to defer $27.1 million in unrecovered costs
associated with its Trail Mountain coal mine. The Company ceased operations at the mine on March 7, 2001. The
mine is located in central Utah and supplied fuel to the Company’s Hunter generating plant. In April 2001, the
WPSC and the IPUC approved deferred accounting treatment of their states’ share of the $27.1 million of
nonrecovered Trail Mountain coal mine investment costs. Additional closure-related costs in the amount of

$18.7 million were subsequently identified, and the total amount subject to possible deferral increased to
approximately $45.8 million. The Company filed in Utah and Oregon to include the additional costs in its deferral
application and received approval to defer the full $45.8 million for accounting purposes. In addition, the parties in
Oregon signed a stipulation calling for a $1.1 million annual reduction in Oregon base rates due to the removal of
the Trail Mountain coal mine assets from the rate base. The stipulation also provides for a $2.6 million annual
surcharge for five years to recover Oregon’s share of mine closure costs. This stipulation was approved by the
OPUC on May 20, 2002. On April 4, 2002, the UPSC approved deferral of Utah’s share of the $45.8 million, with a
five-year amortization beginning April 1, 2001. On May 7, 2002, the Company filed a general rate case in Wyoming
that sought to recover Wyoming’s share of the $45.8 million, to be recovered based on a five-year amortization
period beginning April 1, 2001. On March 6, 2003, the WPSC approved a stipulation that includes one-fifth of
Wyoming’s allocated share of Trail Mountain coal mine closure costs in annual base rates.

In April 2002, the Company established a regulatory asset for the full closure costs of the Trail Mountain coal mine,
with a five-year amortization period beginning April 2001. The resulting regulatory asset at March 31, 2003 was
$27.9 million, net of amortization. The reestablishment of the regulatory asset increased accumulated depreciation to
reverse the effects of the retirement of the mine and decreased coal inventory costs for the closure-related costs.

Merger Credits

In connection with the merger between the Company and ScottishPower (the “Merger”), the Company was required
to provide benefits to ratepayers through fixed reductions in rates, or “Merger Credits.” The Company’s total
obligation for Merger Credits was $133.4 million through the period ending December 31, 2004. In May 2002, the
UPSC allowed the Company to offset all future Merger Credits, which amounted to $20.6 million, against deferred
net power costs. On June 7, 2002, the IPUC approved a stipulation agreement that allowed the Company to offset
future Merger Credits against deferred net power costs in the amount of $2.3 million. These actions in Utah and
Idaho eliminated the Merger Credit revenue reductions of approximately $1.1 million per month, which were set to
expire December 31, 2003. In February 2003, the Company recorded $6.0 million in liabilities and current expenses
for Merger Credits that will be refunded to Oregon customers during the calendar year ending December 31, 2003.
Through March 31, 2003, the Company had provided an aggregate of $64.2 million in Merger Credits and interest to
its customers through reduced rates. As of March 31, 2003, the Company was still obligated to provide $27.2
million of Merger Credits to customers in Oregon and Washington, through either bill credits or lower base rates.
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Regulatory Established Returns

The regulatory commissions in the various states where the Company conducts its business approve an appropriate
level of cost recovery for debt, preferred equity and common equity, which results in an allowed return on rate base
(“ROR”) for the Company’s regulated utility business, including an allowed return on equity (“ROE”) representing
a return on shareholder investment. The Utah, Oregon and Wyoming commissions have approved RORs in recent
general rate cases of 8.9%, 8.6% and 8.4%, respectively, and ROEs of 11.0%, 10.8% and 10.8%, respectively. Rate
cases are underway in Utah, Oregon, Wyoming and California, in which the Company has requested an ROE of
11.5% in each of these states. Commissions in Washington and Idaho have not had recent hearings in which there
was a specific finding of fact on allowed ROR or ROE. However, these commissions monitor the Company’s
achieved ROR and ROE for appropriateness under current market conditions.

Legislative Actions

The U.S. Senate has begun consideration of a comprehensive energy bill. The provisions of this proposed bill
include repealing the PUHCA; prohibiting the FERC from making final its SMD rulemaking prior to July 1, 2005;
extending the renewable-energy production tax credit for three years; authorizing federal utilities to participate in
RTOs; establishing a process for developing mandatory reliability standards; reforming certain elements of the
hydroelectric licensing process; enabling companies to use biodiesel to meet their alternative-fuel fleet requirements;
and allowing Native American Tribes to enter into arrangements for energy facilities on tribal land. On April 11,
2003, the U.S. House of Representatives passed its version of comprehensive energy legislation. The bill contains
many of the same proposals included in the U.S. Senate bill. The Company is unable to predict the prospects for
enactment of a comprehensive energy bill, the specific content of final legislation or what material impact, if any,
the outcome of this legislation may have on the Company’s consolidated financial position, results of operations,
cash flows, liquidity or capital expenditures.

Among the legislative measures approved in the Company’s service territory, Senate Bill 61 in Utah has an impact
on regulation and will go into effect in early summer 2003. This legislation provides an option for the UPSC to use a
future test-year period in utility rate cases that more appropriately reflects the cost of providing service, and to
reduce the period between capital investment or cost incurrence and recovery in rates.

Under the terms of legislation recently approved in Wyoming, the Consumer Advocate Staff (the “CAS”) will no
longer report to the WPSC. Under the new statute, the CAS will be headed by a director who is appointed by, and
reports directly to, the Governor. The CAS will continue to intervene in utility rate cases to represent the interests of
all customers.

Concluded Regulatory Actions

Oregon - On May 20, 2002, the OPUC approved a one-year $15.4 million overall rate increase effective June 1,
2002 for the Company’s Oregon customers, to cover increases in power costs. This increase included an

$18.7 million one-year surcharge relating to higher market costs for summer purchases and resolved a number of
other outstanding issues. The Industrial Customers of Northwest Utilities (the “ICNU”) requested limited
reconsideration of the portion of this order relating to the lease of the West Valley, Utah generating units, involving
$1.2 million of revenues annually. On August 8, 2002, the OPUC ordered this reconsideration. The ICNU, the
Company and the OPUC staff have filed testimony. Opening briefs were filed April 11, 2003; reply briefs were filed
on April 18,2003; and an order from an ALJ is expected in summer 2003.

On May 13, 2003, the OPUC approved the Company’s request to begin amortizing its year-ended March 31, 2002
costs under Oregon Senate Bill 1149 (“SB 1149”) effective May 21, 2003. See Deregulation - Oregon below. The
total costs of $5.2 million will be amortized on a straight-line basis over a five-year period, resulting in an annual
rate increase of $1.1 million, or 0.1%. The amortization is subject to refund pending completion of an OPUC staff
audit, which is scheduled to occur sometime in summer 2003.

Wyoming - On May 7, 2002, the Company filed a general rate case seeking a permanent $30.7 million, or 9.8%,
increase in electricity rates for its Wyoming customers. On December 18, 2002, the Company revised the requested
increase to $21.4 million. On January 17, 2003, the Company and the WPSC staff reached agreement on certain
issues, which resulted in the Company revising its requested increase to $20.0 million, or 6.4%. The Company’s
filing also included a request to recover the replacement power costs resulting from the outage of the Company’s
Hunter No. 1 generating plant and a proposal for recovering deferred net power costs as discussed under Deferred
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Net Power Costs - Wyoming. Hearings in this case were held during January 2003. On March 6, 2003, the WPSC
granted the Company a general rate increase of approximately $8.7 million, or 2.8%, and reduced the Company’s
ROE from 11.0% to 10.8%. On April 4, 2003, the Company filed a request for rehearing to reconsider the
Company’s request for recovery of power costs and the order’s adoption of the reduced ROE. The WPSC heard oral
arguments on May 8, 2003 and denied the petition on May 30, 2003. See Deferred Net Power Costs - Wyoming
below.

Idaho - On January 7, 2002, the Company filed a request with the IPUC to recover $38.0 million of deferred net
power costs through a temporary 24-month surcharge on customer bills and to implement a new credit to pass
through Residential Exchange Program benefits from two Bonneville Power Administrative (“BPA”) settlement
agreements. Pass-throughs of BPA credits do not affect Company earnings. In addition, the Company requested an
adjustment of individual rate classes to more closely reflect the actual cost of service and proposed a rate mitigation
policy to ensure that no customer class would receive a rate increase during the period in which the proposed
surcharge is in effect. Parties to the proceeding agreed to a stipulation that would allow recovery of $25.0 million of
the deferred net power costs. This recovery would be achieved through a $22.7 million power cost surcharge over
two years, plus termination of future Merger Credits in the amount of $2.3 million. The IPUC approved the
stipulation on June 7, 2002. On June 28, 2002, the Company filed a petition asking the IPUC to reconsider the
portion of its June 7, 2002 order requiring that the Company implement a one-time refund of $1.1 million relating to
procedural issues in the form of a $20.00 per customer credit. Two individuals also filed petitions for
reconsideration of several aspects of the IPUC’s order approving the stipulation. On July 24, 2002, the IPUC granted
the Company’s petition for reconsideration and denied the petitions from the two other parties. Hearings on the
reconsideration were held on September 10, 2002. On October 25, 2002, the IPUC ordered the one-time refund of
$1.1 million to be reduced to $10,000.

Rate Actions Submitted for Regulatory Approval

Utah - The Company commenced a general rate case on May 15, 2003 based on the year ended March 31, 2003 and
including known and measurable changes that will occur by January 1, 2004. The initial filing included a projected
revenue requirement increase of $125.0 million that serves as a cap on the amount the Company can receive in the
case. A subsequent detailed filing will be made in July 2003 identifying the final requested amount under this cap. If
approved, the effective date of the increase would be January 1, 2004, although the Company would not collect any
increase until April 1, 2004.

Oregon - On March 18, 2003, the Company filed a general rate case with the OPUC to recover rising costs,
including insurance premiums, pension funding and health care. Similar cost trends are being experienced by many
businesses across the country, including others in the utility sector. In addition, the filing requested an ROE of
11.5% to compensate the Company for general risks relating to the western U.S. utility environment, as well as
some additional risks relating to utility industry restructuring in Oregon and multijurisdictional operations. The
Company has requested an annual increase of $57.9 million, or 7.4%, in base rates to take effect in January 2004.

Wyoming - On May 27, 2003, the Company filed a general rate case with the WPSC to recover rising costs
(including insurance premiums, pension funding and health care costs) and requested an increase in the ROE to
11.5% to compensate the Company for general risks relating to the western U.S. utility environment, as well as
some additional risks relating to multijurisdictional operations. The Company has requested an annual increase of
$41.8 million, or 13.1%, in base rates to take effect in March 2004.

California - On March 16, 2001, the Company filed an interim rate relief request with the California Public Utilities
Commission (the “CPUC”) as Phase I in an effort to seek an increase in electricity rates for its customers in
California. Subsequently, on December 20, 2001, the Company filed a general rate case to increase rates to
compensatory levels. If approved by the CPUC, customer rates would increase 29.4% overall, or $16.0 million
annually, with an authorized ROE of 11.5%. The annual amount requested incorporated the Phase I interim amount.
On June 27, 2002, the CPUC approved an interim increase of $0.01 per kilowatt-hour (“kWh”) for certain
customers, or approximately $4.7 million annually, or 8.8%, overall. This rate increase is subject to refund pending
the outcome of the general rate case. On December 26, 2001, the California Office of Ratepayer Advocates
(“ORA”) filed a motion to dismiss or defer the Company’s general rate case request. The Company responded to
ORA'’s motion on January 10, 2002. Following the expiration of the protest period, on February 25, 2002, the
Company filed a motion for a prehearing conference to identify parties of record, establish a procedural schedule
and address other issues. A discovery process began in mid-October 2002 and is ongoing. A prehearing conference
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was held on February 25, 2003. The CPUC and intervenor filed their testimony on May 23, 2003 for results of
operations and are scheduled to file testimony on June 4, 2003 for cost allocation and rate design issues. Evidentiary
hearings are scheduled for the week beginning June 23, 2003.

Deferred Net Power Costs

The Company filed applications in Utah, Oregon, Wyoming, Washington and Idaho seeking deferred accounting
treatment for net power costs materially in excess of the power costs assumed in setting existing retail rates. The
applications sought to defer these power cost variances beginning November 1,2000. As discussed below, the
Company received authorization to defer some power costs in excess of those included in retail rates in all the states
where requests to do so were made. At March 31, 2003, the Company had remaining deferred power costs, net of
amortization, of $137.8 million, including carrying costs.

Utah - In Utah, pursuant to the UPSC’s approval of deferred accounting treatment for replacement power costs
resulting from the Hunter No. 1 outage, the Company filed on August 23,2001 seeking permission to recover
$103.5 million in replacement power costs over a 12-month period. On November 2, 2001, the UPSC allowed the
Company to apply overcollections under an interim relief order from an earlier general rate case toward Hunter
No. 1 replacement power costs on an interim basis, subject to refund. The amount of the interim relief was
approximately $29.5 million annually.

Also in Utah, on September 21, 2001, the Company filed for permission to defer $109.0 million of net power costs
above the level adopted in the UPSC’s rate order of September 10, 2001. These costs were incurred during the
period May 9, 2001 through September 30, 2001. A hearing relating to the deferral was held on December 7, 2001.

On May 1, 2002, the UPSC issued an order approving a stipulation agreement regarding recovery of deferred and
nondeferred net power costs referred to above. The order allowed the Company to continue collecting a

$29.5 million annual surcharge until March 31, 2004 and to apply $34.7 million of revenue already collected
(subject to refund) against deferred net power costs. The order also allowed the Company to offset deferred net
power costs against a regulatory liability of $27.0 million relating to the gain from the May 2000 sale of the
Centralia, Washington electricity plant and coal mine (“Centralia”). These offsets reduced the regulatory asset for
deferred net power costs. In addition, the UPSC allowed the elimination of $20.6 million for the final two years of
Merger Credits associated with the Merger. This action eliminated the Merger Credit revenue reduction of
approximately $1.0 million per month that was set to expire December 31, 2003. The Company recorded additional
deferred net power costs of $37.9 million and committed not to file a general rate case with a rate effective date
prior to January 1, 2004, with certain exceptions. This order should allow the Company to recover a total of

$147.0 million of deferred net power costs in Utah by March 31, 2004. One party opposed the rate spread provisions
of the stipulation and filed a petition with the Utah Supreme Court for review of the order. The case has been
assigned to the Utah Court of Appeals.

Oregon - The November 2000 Oregon deferred-accounting filing encompassed all power costs that vary from the
level in Oregon rates during the period from November 1, 2000 through September 9, 2001, including costs to
replace lost generation resulting from the Hunter No. 1 outage. On January 18, 2001, the Company requested a
3.0%, or $22.8 million, annual rate increase effective February 1, 2001, to provide partial recovery of post-
October 31, 2000 power cost variances attributable to Oregon, over an amortization period. This 3.0% rate increase
was the maximum allowed on an annual basis for the recovery of deferred costs under the Oregon statutes then in
force. On February 13, 2001, the OPUC authorized deferred accounting for power costs of $22.8 million. On
February 21, 2001, the OPUC authorized the 3.0% rate increase effective February 21, 2001, subject to refund,
pending the outcome of a separate phase of the proceeding to examine the prudence of these expenditures.

The Company filed with the OPUC on September 20, 2001 to increase the level of recovery of deferred net power
costs incurred to serve Oregon customers from the then current 3.0% amortization level, or $22.8 million awarded in
February 2001, to 6.0%, the maximum allowed on an annual basis for recovery of deferred costs under a change in
Oregon law. On October 22, 2001, the OPUC suspended the Company’s request pending the outcome of the
prudence phase of the proceeding.

In December 2001, the Company and the OPUC staff reached a stipulation in the prudence phase of the Company’s
deferred net power cost proceeding. The stipulation provided that the Company would be permitted to recover
85.0% of the deferred net power costs in Oregon, or about $131.0 million, plus carrying charges. The stipulation
allowed the Company to seek increased recovery in the event the Company’s appeal of the Commission’s order
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limiting deferrals is successful. On July 18, 2002, the OPUC issued an order approving the stipulation and ending
the prudence phase of the proceeding. On September 16, 2002, the Citizens’ Utility Board (the “CUB”) and the
ICNU appealed this decision to the Marion County, Oregon Circuit Court. On October 11, 2002, the Company
moved to intervene in this action. On March 26, 2003, the court issued a letter affirming the OPUC’s July 18, 2002
order. The ICNU and the CUB are likely to appeal to the Oregon Court of Appeals.

On August 6, 2002, the OPUC allowed the Company to increase the amortization level from 3.0% to 6.0%. The new
rates were effective August 8, 2002. As of March 31, 2003, the Company had received $7.3 million in revenues as a
result of this OPUC action. On August 19, 2002, the CUB and the ICNU filed a complaint with the OPUC,
requesting that the OPUC require the Company to discontinue amortization of the additional 3.0%, challenging the
approval itself based on procedural technicalities during the approval proceeding. On October 10, 2002, the
Company filed a stipulation and tariff to allow the OPUC to reopen consideration of the increase in amortization of
the deferred power costs from 3.0% to 6.0%. Subject to regulatory approval, the Company and the CUB have
reached a stipulation agreement that the amortization level will remain at 6.0% and that the amounts amortized after
the OPUC implements the tariff will be subject to refund. The refund will occur if an order or ruling is issued
declaring all or a portion of these deferred costs imprudent or otherwise disallowing recovery. On October 14, 2002,
the ICNU filed a response to the Company’s motion to implement the stipulation and proposed tariff. The ICNU’s
response asked that the motion be denied as being procedurally improper. On December 10, 2002, the OPUC
approved the voluntary stipulation and ordered the Company to file a tariff to implement the change. The tariff was
approved by the OPUC, with an effective date of January 22, 2003. Amounts subject to refund would include only
those collections occurring after January 22, 2003. On February 7, 2003, the ICNU filed a motion requesting the
OPUC to reconsider parts of its December 10, 2002 order relating to conclusions regarding the August 6, 2002
decision to increase the amortization level. The OPUC denied this motion on March 27, 2003.

In addition, the ICNU and the CUB have filed a complaint against the Company regarding the implementation of the
August 2002 rate change. The ICNU and the CUB filed opening briefs on March 27, 2003. The Company and the
OPULC filed their respective briefs on April 23, 2003. The CUB and the ICNU filed their joint reply brief on May 7,
2003.

While the 6.0% increase established the maximum annual rate to be recovered, the Company continued to pursue the
total amount to be recovered through its October 2, 2001 appeals to the Marion County, Oregon Circuit Court,
mentioned above, of two OPUC orders. These orders established the mechanism to determine the amount of power
costs to defer. On June 6, 2002, the Marion County, Oregon Circuit Court upheld the OPUC decision. On October 9,
2002, the Company appealed this decision to the Oregon Court of Appeals. On November 27, 2002, the Company
filed its opening brief. The ICNU filed a response brief on January 14, 2003. The OPUC filed its brief on

February 12, 2003, and the Company submitted its reply on March 5, 2003. Oral arguments have been set for July
17, 2003.

On September 7, 2001, the OPUC endorsed an agreement on deferral of net power costs after September 2001. From
September 10, 2001 until May 31, 2002, the Company deferred the difference between 83.0% of actual net power
costs and the new Oregon baseline power cost in tariffs. This mechanism was terminated on May 31, 2002,
concurrent with the effective date of the settlement approved on May 20, 2002.

Wyoming - In Wyoming, on November 1, 2000, the Company filed for deferred accounting treatment of net power
costs that vary from costs included in determining retail rates. On April 3, 2001, the Company filed an application to
recover the excess power costs accrued during the period November 30, 2000 through January 31, 2001. On
November 20, 2001, following an order by the WPSC dismissing the majority of the Company’s case based on a
procedural issue, the Company requested authority to withdraw its deferred net power cost recovery filing without
prejudice. On November 26, 2001, the WPSC granted this request. On May 7, 2002, the Company filed a request to
recover replacement power costs of $30.7 million, resulting from the outage of the Company’s Hunter No. 1
generating plant and a proposal for recovering deferred net power costs authorized by the WPSC in December 2000,
for $60.3 million. On March 6, 2003, the WPSC denied recovery of the Hunter No. 1 replacement power costs and
the deferred net power costs. As a result, the Company wrote-off the remaining net asset of $48.3 million during the
year ended March 31, 2003. The Company filed a petition for rehearing on the decision on April 4, 2003. The
WPSC denied the petition on May 30, 2003.

Washington - On April 5, 2002, the Company filed a petition with the Washington Utilities and Transportation
Commission (the “WUTC”) seeking authority to begin deferring net power costs in excess of those included in rates
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as of June 1, 2002 for later recovery in rates, either through a power cost adjustment mechanism or a limited rate
adjustment. Under the rate plan approved by the WUTC in August 2000 at the conclusion of the Company’s last
general rate case in Washington, there are limitations on the Company’s ability to request changes to general rates
prior to January 2006. On October 18, 2002, the Company filed testimony and supporting documents, requesting
deferral and recovery of excess power costs estimated at the time to be $17.5 million, including carrying charges, or,
alternatively, to allow the Company to file a general rate case, which is currently restricted through December 2005.
Based on actual data through December 2002, the deferral is expected to total $15.9 million. Hearings were held
March 20-24, 2003, and a decision is expected by June 2003.

Idaho - On March 28, 2003, the Company filed an application with the IPUC to defer certain costs for regulatory
purposes. The costs include approximately $2.5 million in excess costs incurred for forward electricity purchases
made during the western energy crisis for summer 2002, as well as $3.5 million in federal and state tax audit
determination payments made during the year ended March 31, 2003 as a result of Internal Revenue Service (the
“IRS”) income tax audits. Other regulatory action in Idaho regarding deferred net power costs is described under
Concluded Regulatory Actions - Idaho.

Demand-Side Management

The Company continues to offer its energy exchange program in its service territories in Utah, Oregon, Wyoming,
Washington and Idaho. This program consists of optional, supplemental services that give participating customers
an opportunity to reduce their electricity usage in exchange for a payment at times and at prices determined by the
Company. The program is designed to help address periods of high wholesale prices and peaks in demand when they
occur. Customers with usage as low as one MW may participate in the program. As part of the RFP process, the
Company is preparing a separate RFP for the demand-side resources called for in the IRP.

In Utah, the Company is working on several programs. The Company filed an evaporative cooling and central air
conditioning incentive program to reduce summer peak loads by encouraging installation of either evaporative
cooling or high-efficiency central (also known as unitary) air-conditioning equipment. This program was approved
by the UPSC on March 24, 2003. On April 9, 2003, the Company filed an air-conditioning load-control services
program to help the Company manage the growth of weather-driven peak loads. This program was approved by the
UPSC on May 14, 2003. On April 24, 2003, the Company filed a request for an experimental interruptible-service
rider to reduce peak summer loads. The requested effective implementation date of this program is June 1, 2003. On
May 5, 2003, the Company filed a refrigerator recycling program, which is intended to encourage customers to
remove and recycle secondary refrigerators and/or to upgrade primary refrigerators to more energy-efficient models.
The Company has requested that this program be approved by June 16, 2003.

The Company has also filed for a DSM tariff in Utah. This tariff would allow the Company to recover DSM
expenditures through a surcharge to customer bills. Several technical conferences have been held with interested
parties, and hearings have been scheduled for mid-August 2003.

On January 31, 2003, the Company filed an irrigation load-control credit program with the IPUC. This optional
program would offer participants load-control billing credits in exchange for prescheduled load-control events
during three and a half months of the summer irrigation season (June 1 through September 15). On March 17, 2003,
the IPUC approved the program.

Multistate Process (the “MSP”)

The Company continues its active involvement in a collaborative process with the six states it serves, to develop
mutually acceptable solutions to the problems faced by the Company and the states as a result of the Company’s
multistate operations. These problems pertain to the allocation of some of the cost of the Company’s existing
investments and the recovery of the cost of future investments. Between April and December 2002, the Company
and key parties from Utah, Oregon, Wyoming, Washington and Idaho, along with a key monitoring contact from
California, analyzed over 50 options, which were narrowed to two possibilities. Both seek to clarify roles and
responsibilities, including cost allocations for future generation resources, providing states with the ability to
independently implement state energy policy objectives, and to achieve permanent consensus on each state’s
responsibility for the costs and entitlement to the benefits of the Company’s existing assets. A second phase of the
collaborative process is under way, in which the parties will further assess the two proposals, with the goal of
agreeing to a single proposal in July 2003.
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The MSP was initiated in response to the Company’s Structural Realignment Proposal (the “SRP”), which would
change the Company’s legal and regulatory structure and result in the creation of six state electric distribution
companies, a generation company that also holds transmission assets, and a service company, which are all intended
to be subsidiaries of the holding company. Individual state proceedings and schedules for the SRP are on hold so
long as reasonable progress is made through the MSP. Any proposal that results from the MSP must be subsequently
approved by the utility commissions in Utah, Oregon, Wyoming, Washington, Idaho and California. Approval from
the FERC may also be required.

Deregulation

Industry restructuring to open the electric wholesale market to competition was initially promoted by passage of the
Energy Policy Act of 1992 (the “Energy Act”). The Energy Act gave the FERC authority to require electric utilities
to provide infrastructure and transmit electricity to or for wholesale purchasers and sellers. The Energy Act also
created a new class of independent power plant owners that are able to sell generation only in wholesale markets.
Deregulation in the states where the Company operates has varied significantly. No significant actions have
occurred in Utah, Wyoming, Washington or Idaho. Oregon and California developments are discussed below.

Oregon - During 1999, SB 1149 was enacted in Oregon requiring competition for all nonresidential customers of
both the Company and Portland General Electric Company. Under the legislation, the Company is required to
unbundle rates for generation, transmission, distribution and other retail services, and to offer residential customers a
cost of service rate option and a portfolio of rate options that include new renewable-energy resources and market-
based generation. SB 1149 authorizes the OPUC to make decisions on certain matters, in particular the method for
valuation of stranded costs/benefits. The Company continues to participate in the OPUC proceedings to establish the
rules and procedures related to SB 1149. Implementation of SB 1149 began March 1, 2002, when the Company
provided all customers with a cost of service rate option for an indefinite period and allowed industrial and large
commercial customers a choice of energy provider. For the calendar year ending December 31, 2003, 26 customers,
representing less than three average MW of load, elected an alternative plan. To date, adoption of SB 1149 has not
had a significant financial impact on the Company’s results.

California - In 1998, California became one of the first states in the country to implement electric industry
restructuring with the goal of establishing a competitive market for electric generation. The framework for electric
industry restructuring was established in Assembly Bill 1890 (“AB 1890”), passed by the California Legislature and
signed by the Governor in 1996. Under AB 1890, large utilities were encouraged to divest a significant portion of
their owned generation portfolio in order to reduce their market power and encourage development of a competitive
power supply market. Certain plant types, primarily nuclear and hydroelectric plants, and small and multi-
jurisdictional utilities were excluded. Beginning March 31, 1998, Californians were given the choice to purchase
electricity from generation providers other than the traditional utilities (“direct access”). For those customers who
did not choose direct access, investor-owned utilities were to continue to purchase electric power on their behalf.
Investor-owned utilities continued to provide distribution services to substantially all customers within their service
territories, including those customers who chose direct access. However, in response to the western power crisis, the
CPUC suspended the ability of customers to choose suppliers, on a prospective basis, in fall 2001.

As required by AB 1890, electric rates for all customers were frozen at the level in effect on June 10, 1996, and,
beginning January 1, 1998, rates for residential and small commercial customers were reduced by 10.0% from 1996
levels. On June 27, 2002, the CPUC approved an interim increase of $0.01 per kWh for certain customers, or
approximately $4.7 million, or 8.8%, annually, overall.

In July 1998, the Company announced its intention to sell its California service territory, including its electric
distribution assets, to Nor-Cal. Consummation of the sale is uncertain. See SERVICE TERRITORIES.
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ITEM2. PROPERTIES

The Company owns, or has an interest in, 53 hydroelectric generating plants with an aggregate nameplate rating of
1,067.3 MW and plant net capability of 1,115.8 MW. It also owns or has interests in 17 thermal-electric generating
plants with an aggregate nameplate rating of 7,309.8 MW and plant net capability of 6,776.9 MW. The Company
also jointly owns one wind electricity generating plant with an aggregate nameplate rating and plant net capability of
32.6 MW. The following table summarizes the Company’s existing generating facilities:

Unit Plant Net
Installation Nameplate Capability
Location Energy Source Date(s) Rating (MW) (MW)
HYDROELECTRIC PLANTS (a)
SWIft (D) voveeeeereeeeceeneceeereceenecaens Cougar, WA Lewis River 1958 240.0 263.6
MErwin ....c.ocueeverireereenreeeecnennees Ariel, WA Lewis River 1931-1958 135.0 144.0
€ (S Amboy, WA Lewis River 1953 134.0 134.0
Five North Umpqua Plants......... Toketee Falls, OR  N. Umpqua River 1950-1956 133.5 136.5
John C. Boyle......ccouveeerrceeeanne Keno, OR Klamath River 1958 80.0 84.0
Copco Nos. 1 and 2 Plants ......... Hornbrook, CA Klamath River 1918-1925 47.0 54.5
Clearwater Nos. 1 and 2 Plants .. Toketee Falls, OR  Clearwater River 1953 41.0 41.0
GIACE ....oeeeereerererereeeceeneseseons Grace, ID Bear River 1908-1923 33.0 33.0
Prospect No. 2.......ocovverinninuinnnne Prospect, OR Rogue River 1928 32.0 34.0
CUutler......oovveveeeeeceeeeeceeeecneeens Collingston, UT Bear River 1927 30.0 29.1
Oneida........ooeeeeeeeeeeeeeecneeeceennes Preston, ID Bear River 1915-1920 30.0 28.0
Iron Gate ......oooeeeeeeeeeeeeenrreeeeanes Horbrook, CA Klamath River 1962 18.0 19.5
S0da....ciiirerirreeeeeeeee e Soda Springs, ID  Bear River 1924 14.0 14.0
Fish CreeK .....cocovveuvmeereeceeeeeneannne Toketee Falls, OR  Fish Creek 1952 11.0 12.0
33 Minor Hydroelectric Plants
() U OUUPIPRRR Various Various 1896-1990 88.8* 88.6*
Subtotal (53 Hydroelectric
Plants) ......c.ccceveeeeeeeeereceeencnennens 1,067.3 1,115.8
THERMAL ELECTRIC PLANTS
Jim Bridger.......ceeeeveevcrncrnnicnens Rock Springs, WY Coal-Fired 1974-1979 1,541.1* 1,413.4*
Huntington .........cccceceeeceeecencncnne Huntington, UT Coal-Fired 1974-1977 996.0 895.0
Dave Johnston.......ccceeveeeeeveennnnnn Glenrock, WY Coal-Fired 1959-1972 816.8 762.0
Naughton........ccccoeervenviniinnnnnnne Kemmerer, WY Coal-Fired 1963-1971 707.2 700.0
Hunter Nos. 1 and 2 ................... Castle Dale, UT Coal-Fired 1978-1980 727.9* 662.5*
Hunter NO. 3....cuvvieeeeiceereeeneenns Castle Dale, UT Coal-Fired 1983 495.6 460.0
ChollaNo. 4 .....ooovverereeeeecneene Joseph City, AZ Coal-Fired 1981 414.0* 380.0%*
WyodaK .....cccceeeveeneenennirnicnncnnanes Gillette, WY Coal-Fired 1978 289.7* 268.0*
Carbon......cooveeveeiiieeeeeieeeeceeeens Castle Gate, UT Coal-Fired 1954-1957 188.6 175.0
Craig Nos. 1 and 2.........cccoeunueee Craig, CO Coal-Fired 1979-1980 172.1*  165.0*
Colstrip Nos. 3 and 4.................. Colstrip, MT Coal-Fired 1984-1986 155.6* 144.0*
Hayden Nos. 1 and 2................... Hayden, CO Coal-Fired 1965-1976 81.3* 78.0*
Blundell........ccooovveeeereeeereeeneene Milford, UT Geothermal 1984 26.1 23.0
Gadsby ....cevverereeeereeeeeeeeeennes Salt Lake City, UT Gas—Fired 1951-2002 392.6 349.0
Hermiston......oocoveeeveeeeeeevveeenenn. Hermiston, OR Gas-Fired 1996 237.0* 236.0%
Little Mountain .........c.cccecceceeueene Ogden, UT Gas-Fired 1971 16.0 14.0
James River........ccceeeveeveecceeee Camas, WA Black Liquor 1996 52.2 52.0
Subtotal (17 Thermal Electric
Plants) ......ccccoeeeeeereecenseeenenenne 7,309.8 6,776.9
OTHER PLANTS
Foote CreekK.......cecoeeececuccnurcnnnene Arlington, WY Wind Turbines 1998 32.6* 32.6*
Subtotal (1 Other Plant).......... 32.6 32.6
Total Hydro, Thermal and
Other Generating
Facilities (71) ...ccccceeveenen. 8,409.7 7,925.3
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* Jointly owned plants; amount shown represents the Company’s share only.

(a) Hydroelectric project locations are stated by locality and river watershed.

(b) On April 21, 2002, a failure occurred in the Swift power canal on the Lewis River in the state of Washington. The power
canal and associated 70-MW hydroelectric facility (“Swift No. 2”) are owned by Cowlitz County Public Utility District
(“Cowlitz”). It is anticipated that Cowlitz will repair Swift No. 2 in time for a calendar-year 2005 startup. The failure
impacted, but did not damage, the Company-owned and operated 240-MW Swift No. 1 hydroelectric facility (“Swift No.
17), which is upstream of the Swift power canal, by restricting both flow and generation flexibility (“shaping”). Repairs to
the canal were completed and Swift No. 1 was returned to full capacity levels as of mid-July 2002 (though with limited
shaping capabilities). Environmental, operations safety and fish mitigation issues remain to be resolved before full use of
Swift No. 1 can resume. The Company continues to seek ways to mitigate any capacity and shaping limitations and to
recover any business losses. The full impact of the Swift power canal outage and plans for repair of the Swift No. 2
facility are still being determined. The Company is secking reimbursement from Cowlitz of the Company’s expenditures
associated with the Swift No. 2 failure, including canal modifications and energy replacement costs. This event is not
expected to have a significant impact on the Company’s consolidated financial position or results of operations.

(c) The Company is currently negotiating with the FERC and other interested parties to decommission the Condit, Powerdale
and American Fork plants that have a combined net capability of 21.9 MW. In addition, the Company has entered into a
sales agreement for the Naches and Naches Drop hydroelectric plants located near Yakima, Washington, with a combined
net capability of 7.7 MW. The final phase of the sale is scheduled to close in September 2003.

The Company’s generating facilities are interconnected through its own transmission lines or by contract through the
transmission lines of other transmission owners. Substantially all of the Company’s generating facilities and
reservoirs are managed on a coordinated basis to obtain maximum load-carrying capability and efficiency. Portions
of the Company’s transmission and distribution systems are located, by franchise or permit, upon public lands, roads
and streets and, by easement or license, upon the lands of other third parties.

Substantially all of the Company’s electric utility property is subject to the lien of the Company’s Mortgage and
Deed of Trust.

The following table describes the Company’s recoverable coal reserves as of March 31, 2003. All coal reserves are
dedicated to nearby Company-operated generating plants. Recoverability by surface mining methods typically
ranges from 90.0% to 95.0%. Recoverability by underground mining techniques ranges from 50.0% to 70.0%. The
Company believes that the respective coal reserves assigned to the Craig, Huntington, Hunter and Jim Bridger
plants, together with coal available under both long-term and short-term contracts with external suppliers, will be
sufficient to provide these plants with fuel that meets the Clean Air Act standards effective in 1999, for their current
economically useful lives. Blending of Company-owned and contracted coal, together with electricity plant control
technologies for controlling sulfur and other emissions, are utilized to meet the applicable standards. The sulfur
content of the coal reserves ranges from 0.30% to 0.94%, and the British Thermal Units value per pound of the
reserves ranges from 8,600 to 12,400. Coal reserve estimates are subject to adjustment as a result of the development
of additional data, new mining technology and changes in regulation and economic factors affecting the utilization
of such reserves. Recoverable coal reserves at March 31, 2003, based on most recent engineering studies, were as
follows:

Recoverable Tons

Location Plant Served (in Millions)
Craig, CO Craig 49 (@
Emery County, UT Huntington and Hunter 54 (b)
Rock Springs, WY Jim Bridger 93 ©

(a) These coal reserves are leased and mined by Trapper Mining, Inc., a Delaware nonstock corporation operated on a
cooperative basis, in which the Company has an ownership interest of 21.4%.

(b) These coal reserves are mined by subsidiaries of PacifiCorp and are in underground mines.

(c) These coal reserves are leased and mined by Bridger Coal Company, a joint venture between Pacific Minerals, Inc. and a
subsidiary of Idaho Power Company. Pacific Minerals, Inc., a subsidiary of PacifiCorp, has a two-thirds interest in the
joint venture.

Most of the Company’s coal reserves are held pursuant to leases from the federal government through the Bureau of
Land Management and from certain states and private parties. The leases generally have multiyear terms that may be
renewed or extended and require payment of rents and royalties. In addition, federal and state regulations require
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that comprehensive environmental protection and reclamation standards be met during the course of mining
operations and upon completion of mining activities. In the year ended March 31, 2003, the Company expended
$12.5 million in reclamation costs and accrued $18.5 million of estimated final mining reclamation costs for the
Glenrock Mine. The Company and Idaho Power have previously contributed funds to a trust for the reclamation of
the Bridger Mine. Due to recent declines in the equity markets, the funds have experienced declines in fair value,
which may require the Company to resume funding in order to meet the reclamation obligations. At March 31, 2003,
these reclamation funds totaled $68.5 million, of which the Company’s portion is $45.7 million, and the Company
had an accrued reclamation liability for all mine reclamation of $121.6 million.

ITEM3. LEGAL PROCEEDINGS

The Company is a party from time to time in various legal claims, actions and complaints. Although it is impossible
to predict with certainty whether or not the Company will ultimately be successful in its legal proceedings or, if not,
what the impact might be, management believes that disposition of these matters will not have a material adverse
effect on the Company’s consolidated financial results. See ITEM 1. BUSINESS REGULATION for information
concerning pending regulatory proceedings.

ITEM4. SUBMISSION OF MATTERS TO A VOTE OF SECURITY HOLDERS

No information is required to be reported pursuant to this item.
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PART 11

ITEMS5. MARKET FOR REGISTRANT’S COMMON EQUITY AND RELATED STOCKHOLDER
MATTERS

PacifiCorp is an indirect subsidiary of ScottishPower, which owns all 312,176,089 shares of PacifiCorp’s
outstanding common stock. Therefore, there is no public market for PacifiCorp’s common stock. Dividend
information required by this item is included in QUARTERLY FINANCIAL DATA under ITEM 8. FINANCIAL
STATEMENTS AND SUPPLEMENTARY DATA.

The Company is restricted from paying dividends or making other distributions without prior OPUC approval, to the
extent such payment or distribution would reduce the Company’s common stock equity below a specified
percentage of its total capitalization. The percentage of total capitalization increases over time from 35.0% after
December 31, 1999 to 40.0% after December 31, 2004. As of March 31, 2003, the minimum ratio was 38.0%. In
addition, the Company must give the OPUC 30 days’ prior notice of any special cash dividend or any transfer
involving more than five percent of the Company’s retained earnings in a six-month period. The Company is also
subject to maximum debt-to-total capitalization ratios under various debt agreements.

Under the PUHCA, the Company may pay dividends out of capital or unearned surplus only with SEC approval.
Dividends from earned surplus are permitted without approval. The Company has received approval to pay
dividends out of unearned surplus of the lesser of $900.0 million or the proceeds received from sales of nonutility
assets. At March 31, 2003, $300.0 million was available for dividends out of unearned surplus.

On December 19, 2002, the Company issued 14,851,485 shares of its common stock to PHI at a total price of
$150.0 million, or $10.10 per share.
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ITEM 6. SELECTED FINANCIAL DATA
SELECTED FINANCIAL INFORMATION (UNAUDITED)

Years Ended March 31, Three Months
Ended Year Ended
(Millions of dollars, except per March 31, December 31,
share and employee amounts) 2003 2002 2001 2000 1999 1998

Revenues

ustraliOpcratins................. — 3993 617.6 1470 14.5

T e 53,5034 $4.2353 $50557 $3,986.9 $ $ 55804

Income (Loss) from Operations

4ot 16

Australian Operations.......oe................. 4 (133.1)  125.1 ) 114.5

................................. 9 s $ 339.8 § 705.1 227.5 680.8

Earnings Contribution (Loss)
Continuing operations

Electric Operations ............cccceceeeeene. $ 1347 § 2328 §

110.1 § 109 § 754 § 130.5

Or peratlons (a) e eeeeeereeeeeeeeeenne

Discontinu pertions ) ...... . . (146.7)

oo eeseereeeeeeesseeeeeeeeessesmeee e 328 $ 3146 $ (106.1) $ 865 §  (554)
Common dividends paid per share .......... $ — $ 100 $ 112 $§ 085 $ 027 §$ 1.08
March 31, December 31,

2003 2002 2001 2000 1998

$ 72247 $ 7,170.7 $ 8,954.7

Total Employees ' 6,287 6,626 8,832

(a) Other Operations includes the operations of PPM and Pacific Klamath Energy, Inc. (‘PKE”) until their transfer in March
2001 and of PacifiCorp Financial Services, Inc. (“PFS”), as well as the activities of PacifiCorp Group Holdings Company
(“PGHC”), including financing costs and elimination entries, until their transfer in February 2002.

(b) Amounts in 2002 represent the collection of a contingent note receivable relating to the discontinued operations of a
former mining and resource development business, NERCO, Inc. (“NERCO”). The amount in 2000 represents
discontinued operations of TPC Corporation.

(c) Represents the effect of implementation of Statement of Financial Accounting Standards (“SFAS”) No. 133, Accounting
for Derivative Instruments and Hedging Activities (“SFAS No. 133”), in the year ended March 31, 2002 and Revised
Issue C15, Normal Purchase and Normal Sales Exception for Certain Option-Type Contracts and Forward Contracts in
Electricity (“Issue C15”), and Issue C16, Applying the Normal Purchases and Normal Sales Exception to Contracts that
Combine a Forward Contract and a Purchased Option Contract (“Issue C16”), in the year ended March 31, 2003.
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ELECTRIC OPERATIONS (UNAUDITED)

Years Ended March 31, Three Months
Ended Year Ended
March 31, December 31,
(Millions of dollars, except as noted) 2003 2002 2001 2000 1999 1998

Revenues

Commercial.......ccocoeeevevevvreeeeennns

teeYeyk

2,078.1

TOtal...ceeecereee e 3,593.4 4,222.7 4,534.2 3,292.2 807.2 4,845.1

587.8

Interest income ... (5.0)

Merger costs v : . 190.5

Income tax expense . . 125.2

Cumulative effect of accounting
change

Preferred Dividend Requirement (18.9)

(a) Does not reflect elimination of interest on intercompany borrowing arrangements includes income taxes on a separate-
company basis.
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ELECTRIC OPERATIONS STATISTICS (UNAUDITED)

Years Ended March 31, Three Months
Ended Year Ended
March 31, December 31,
2003 2002 2001 2000 1999 1998

Energy Sales (Thousands of MWh)

Commercial.........cooeeevereeeeerrencveernenens 14,006 13,810 13,634

30,485 24,264 27,502 34,327 9,636

57.5% 62.6% 56.0% 58.0% 54.0% 51.0%
0.1 0.2 4.0 3.0 3.0 2.0

100.0%  100.0% 100.0% 100.0% 100.0% 100.0%

Number of Retail Customers
(Thousands)

Residential Customers
Average annual usag

e (k

SEVEERRT I TSN T8 A I A0

Wh)....ccconn.. 10,182 10,614 10,463 10,443

Revenue per KWh.......cccccevceiccnncnnnnnns 6.9¢ 6.7¢ 6.3¢ 6.1¢ 6.2¢
Miles of Line

CrassaT T

Distribution
—overhead.........ccoeeevreeveeieeccereeeenee 43,800

System Peak Demand (MW)
Net system load (a)

Sty

Total firm load (b)

(a) Excludes off-system sales.
(b) Includes firm off-system sales.

25



ITEM7. MANAGEMENT’S DISCUSSION AND ANALYSIS OF FINANCIAL CONDITION AND
RESULTS OF OPERATIONS

OVERVIEW

The Company has separated its nonutility operations from its regulated utility operations through corporate
restructuring, in order to facilitate an increased focus on its regulated energy businesses in the western U.S. On
December 31, 2001, NA General Partnership (“NAGP”) transferred all of the common stock of the Company to
PHI. The Company then transferred all of the capital stock of PGHC to PHI in February 2002. PGHC includes the
wholly owned subsidiary, PFS, a financial services business. As a result of this transfer, the operations of PGHC are
included in the Company’s Statements of Consolidated Income and Statements of Consolidated Cash Flows for the
year ended March 31, 2001 and for the first 10 months of the year ended March 31, 2002, but are not included for
the year ended March 31, 2003.

In March 2001, the Company sold its interest in PPM and PKE, two nonutility energy companies, to PHI. As a
result, the operations of the transferred companies are included in the Company’s Statements of Consolidated
Income and Statements of Consolidated Cash Flows for the year ended March 31, 2001, but are not included for the
years ended March 31, 2003 and 2002.

PGHC, while a subsidiary of the Company, completed the sales of its ownership of Powercor Australia Ltd.
(“Powercor”) on September 6, 2000 and its 19.9% interest in Hazelwood Power Partnership (“Hazelwood”) on
November 17, 2000. Powercor, an indirectly owned subsidiary of the Company, and Hazelwood represented the
entire Australian Operations segment of the Company. Australian Operations’ financial results for the period from
January 1, 2000 to the respective dates of sale are included in the Company’s financial results for the year ended
March 31, 2001.

FORWARD-LOOKING STATEMENTS

The information in the tables and text in this document includes certain forward-looking statements that involve a
number of risks and uncertainties under the safe-harbor provisions of the Private Securities Litigation Reform Act of
1995 that may influence the financial performance and earnings of the Company. When used in this report on Form
10-K, the words “estimates,” “expects,” “anticipates,” “forecasts,” “plans,” “intends” and variations of such words
and similar expressions are intended to identify forward-looking statements that involve risks and uncertainties.
There can be no assurance that the results predicted would be realized. Actual results may vary from those
represented by the forecasts, and those variations may be material. The following are among the factors that could

cause actual results to differ materially from the forward-looking statements:

. changes in prices and availability of wholesale electricity, natural gas, fuel costs and other changes in
operating costs, which could affect the Company’s cost recovery;

. changing conditions in wholesale power markets, such as general credit constraints and thin trading volumes,
that could make it difficult for the Company to enter into purchase and sale agreements;

. the actions of securities rating agencies, including the determination of whether or when to make changes in
the Company’s credit ratings and the impact of current or lowered ratings and other financial market
conditions on the ability of the Company to obtain needed financing on reasonable terms or at all;

. actions by state and federal regulatory bodies setting rates and adopting or modifying cost recovery,
accounting and rate-setting mechanisms, as well as legislative or judicial actions affecting the same matters;

. the effects of increased competition in energy-related businesses, including new market entrants and the
effects of new technologies that may be developed in the future;

. attempts by municipalities within the Company’s service territory to form public power entities and/or acquire
the Company’s facilities;

. hydroelectric conditions and gas and coal production levels, which could have a potentially serious impact on
electric capacity and cost and on the Company’s ability to generate electricity;
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. changes in weather conditions and other natural disasters that could affect customer demand or electricity
supply;

. the impact from the possible formation of an RTO and the impact from the implementation of the FERC’s
proposed SMD;

. the impact of enhanced physical and information security requirements imposed through legislation or
regulation;

. the outcome of pending IRS tax audits and settlements;

. the impact of regional, national and international economic and political conditions, including acts of
terrorism, war or similar events;

. employee work-force factors, including strikes, work stoppages, availability of qualified employees or loss of
key executives;

. the ability to obtain adequate insurance coverage and the cost of such insurance;

° changes in, and compliance with, environmental and endangered species laws, regulations, decisions, and
policies;

. industrial, commercial and residential growth and demographic patterns in the Company’s service territories;

. competition and supply in bulk electricity and natural gas markets;

. unscheduled generation outages and disruption or constraints to transmission or distribution facilities;

o changes in regulatory or other legislation, including industry restructuring and deregulation initiatives;

. the outcome of threatened or pending litigation;

° changes in tax rates and/or policies;

. changes in actuarial assumptions and the return on assets associated with the Company’s pension plan, which
could impact future funding obligations, costs and pension plan liabilities;

. increasing health care costs associated with employee health insurance premiums and the obligation to
provide postretirement health care benefits;

. unanticipated delays or changes in construction costs relating to present or future generating facilities;

. new accounting pronouncements;

. the outcome of rate cases submitted for regulatory approval; and

. the cost, feasibility and eventual outcome of hydroelectric facility relicensing proceedings.

Any forward-looking statements issued by the Company should be considered in light of these factors. The
Company assumes no obligation to update or revise any forward-looking statements to reflect actual results, changes
in assumptions or changes in other factors affecting such forward-looking statements or if the Company later
becomes aware that these assumptions are not likely to be achieved.

CRITICAL ACCOUNTING POLICIES

The preparation of consolidated financial statements in conformity with accounting principles generally accepted in
the United States of America requires management to make estimates and assumptions that affect results of
operations and the reported amounts of assets and liabilities in the consolidated financial statements. The estimates
and assumptions may change as time passes and accounting guidance evolves. Management bases its estimates and
assumptions on historical experience and on other various judgments that it believes are reasonable at the time of
application. Changes in these estimates and assumptions could have a material impact on the consolidated financial
statements. If estimates and assumptions are different than the actual amounts recorded, adjustments are made in
subsequent periods to take into consideration the new information. Critical accounting policies, in addition to certain
less significant accounting policies, are discussed with senior members of management and the Company’s Board of
Directors (the “Board”), as appropriate. Those policies that management considers critical are described below.
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Regulation

The Company prepares its consolidated financial statements in accordance with SFAS No. 71, Accounting for the
Effects of Certain Types of Regulation (“SFAS No. 717). A regulated company must satisfy the following conditions
in order to apply the accounting policies and practices of SFAS No. 71 an independent regulator must set rates to
cover specific costs of delivering service, and the service territory must lack competitive pressures to reduce rates
below the rates set by the regulator. SFAS No. 71 requires the Company to reflect the impact of regulatory decisions
in its consolidated financial statements and requires that certain costs be deferred on the balance sheet until matching
revenues can be recognized. Similarly, certain items may be deferred as regulatory liabilities and amortized to the
income statement as rates to customers are reduced. SFAS No. 71 provides that regulatory assets may be capitalized
if it is probable that future revenue in an amount at least equal to the capitalized costs will result from the inclusion
of those costs in allowable costs for ratemaking purposes. In addition, the rate action should permit recovery of the
specific previously incurred cost rather than provide for expected levels of similar future costs.

‘If the Company should determine in the future that it no longer meets the criteria for continued application of SFAS
No. 71, the Company could be required to write off its regulatory assets and liabilities unless regulators specify
some other means of recovery or refund. The Company intends to seek recovery of costs, including stranded costs,
in the event of deregulation. However, due to the current lack of definitive legislation, the Company cannot predict
whether it will be successful. If the Company stopped applying SFAS No. 71 to its regulated operations, it would
write off the related balances of its regulatory assets as an expense on its income statement. Based on the balances of
the Company’s regulatory assets at March 31, 2003, if the Company had stopped applying SFAS No. 71 to its
remaining regulated operations, it would have recorded an extraordinary loss, after tax, of approximately $918.2
million. While regulatory orders and market conditions may affect the Company’s cash flows, its cash flows would
not be affected if it stopped applying SFAS No. 71, unless a regulatory order limited its ability to recover the cost of
that regulatory asset.

At March 31, 2003, the Company’s SFAS No. 71 regulatory assets and liabilities for all states totaled

$1,682.8 million and $137.0 million, respectively. As a result of potential regulatory and/or legislative actions in
Utah, Oregon, Wyoming, Washington and Idaho, the Company may have regulatory asset write-offs and charges for
impairment of long-lived assets in future periods. Impairment would be measured in accordance with SFAS No.
144, Accounting for the Impairment or Disposal of Long-Lived Assets (“SFAS No. 144”), which requires the
recognition of impairment of long-lived assets when book values exceed expected future cash flows. Integral parts
of future cash-flow estimates include estimated future prices to be received, the expected future cash cost of
operations, sales and load growth forecasts and the nature of any legislative or regulatory cost-recovery mechanisms.

Revenue Recognition

Electricity sales to retail customers are determined based on meter readings taken throughout the month. The
Company accrues an estimate of unbilled revenues each month for electric service provided after the meter reading
date to the end of the month, after removing estimates for line losses. This estimate is based on the Company’s total
electricity delivered during the month and sales based on meter readings. At March 31, 2003, the amount accrued for
unbilled revenues was $109.2 million. There are several estimates in the determination of the unbilled revenue,
relating to weather conditions and economic impacts. The estimates can vary significantly from period to period
depending on monthly weather patterns, customers’ space heating and cooling, or changing irrigation patterns due to
precipitation conditions.

Contingencies

The Company follows SFAS No. 5, Accounting for Contingencies (“SFAS No. 5”), to determine accounting and
disclosure requirements for contingencies. The Company operates in a highly regulated environment. Governmental
bodies such as the FERC, the SEC, the IRS, the Department of Labor, the EPA and others have authority over
various aspects of the Company’s business operations and public reporting. Reserves are established when required
in management’s judgment, and disclosures are made when appropriate regarding litigation, assessments and
creditworthiness of customers or counterparties, among others. The evaluation of these contingencies is performed
by various specialists inside and outside of the Company. Accounting for contingencies requires significant
judgment by management regarding the estimated probabilities and ranges of exposure to potential liability.
Management’s assessment of the Company’s exposure to contingencies could change as new developments occur or
more information becomes available. The outcome of the contingencies could vary significantly and could
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materially impact the consolidated results of operations, cash flows and financial position of the Company.
Management has applied its best judgment in applying SFAS No. 5 to these matters.

Asset Retirement Obligations

SFAS No. 143, Accounting for Asset Retirement Obligations (“SFAS No. 143”), requires the fair value of an asset
retirement obligation to be recorded as a liability in the period in which the obligation is incurred. A legal obligation
is a liability that a party is required to settle as a result of an existing or enacted law, statute, ordinance or contract.
At the same time the liability is recorded, the costs of the asset retirement obligation will be recorded as an addition
to the carrying amount of the related asset. Over time, the liability is accreted to its present value and the addition to
the carrying amount of the asset is depreciated over the asset’s useful life. Upon retirement of the asset, the
Company will settle the retirement obligation against the recorded balance of the liability. Any difference in the
final retirement obligation cost and the liability will result in either a gain or loss.

The Company adopted SFAS No. 143 on April 1, 2003, as required. The Company has identified legal obligations to
retire generation plant assets and to incur removal costs and reclamation costs for certain environmental obligations
at various generating facilities. The Company has estimated that its share of the cost to remove these facilities and
settle the obligations is approximately $79.4 million at the date of retirement.

The Company has various transmission and distribution lines that operate under various land leases and rights-of-
way that contain end dates and restorative clauses. The Company operates its transmission and distribution lines as
if they will be operated in perpetuity and would continue to be used or sold without land remediation. As a result,
the Company does not recognize the costs of final removal of the transmission and distribution lines in the financial
statements.

The Company has legal obligations at its coal mines to perform reclamation as defined in the mine permits. The
Company has estimated its cost for reclamation at the date of mine closure to be approximately $279.7 million.

Upon adoption of SFAS No. 143 on April 1, 2003, the Company recorded an asset retirement obligation liability at
its net present value of $196.1 million, increased net depreciable assets by $37.3 million, removed $163.1 million of
costs accrued for final removal from accumulated depreciation and reclamation liabilities and will result in a
cumulative pretax effect of a change in accounting principle of $4.3 million, which, if approved by state regulators,
will be recorded primarily as a net regulatory liability. The Company expects that adopting SFAS No. 143 will result
in a reduction to depreciation charged throughout the year. Accretion and depreciation expense in the first year of
adoption are expected to be $8.0 million and $2.7 million, respectively.

Amounts recorded under SFAS No. 143 are subject to various assumptions and determinations, such as determining
whether a legal obligation exists to remove assets, estimating the fair value of the costs of removal, estimating when
final removal will occur and the credit-adjusted risk-free interest rates to be utilized in discounting future liabilities.
Changes that may arise over time with regard to these assumptions will change amounts recorded in the future as
expenses for asset retirement obligations.

If the Company retires any asset at the end of its useful life without a legal obligation to do so, the Company will
record retirement costs at that time as incurred. The Company expects to recover asset retirement costs through the
ratemaking process and has requested authorization from the state regulatory commissions to record a Regulatory
asset or a Regulatory liability on the Company’s Consolidated Balance Sheet to account for the difference between
asset retirement costs as currently approved in rates and its obligations under SFAS No. 143.

Pensions

The Company has defined-benefit pension plans that cover substantially all employees, and the Company also
provides certain post-retirement benefits. The Company accounts for these plans in accordance with SFAS No. 87,
Employers’ Accounting for Pensions (“SFAS No. 87), and SFAS No. 106, Employers’ Accounting for
Postretirement Benefits Other than Pensions (“SFAS No. 106”). The expense and benefit obligations relating to the
Company’s pension and other postretirement benefit plans are based on actuarial valuations. Inherent in these
valuations are key assumptions, including discount rates, expected returns on plan assets, compensation increases,
Company contributions and health care cost trend rates. These actuarial assumptions are reviewed annually and
modified as appropriate. The effect of modifications is generally recorded or amortized over future periods. The
Company believes that the assumptions utilized in recording obligations under the plans are reasonable based on
prior experience, market conditions and the advice of plan actuaries.
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The PacifiCorp Retirement Plan (the “Plan”) currently has assets with a fair value that is less than the accumulated
benefit obligation under the Plan, primarily due to declines in the equity markets. As a result, the Company
recognized a minimum pension liability in the fourth quarter of the year ended March 31, 2003. The liability
adjustment was primarily recorded as a noncash increase of $234.5 million to Regulatory assets and did not affect
the consolidated results of operations. The Company requested and received accounting orders from the regulatory
commissions in Utah, Oregon and Wyoming to classify this charge as a Regulatory asset instead of a charge to
Other comprehensive income. The Company has determined that SFAS No. 87 and SFAS No. 106 costs are
currently recoverable in rates. This increase to Regulatory assets will be adjusted in future periods as the difference
between the fair value of the trust assets and the accumulated benefit obligation changes.

The Company’s contributions to the Plan have exceeded the minimum funding requirements of the Employee
Retirement Income Security Act (“ERISA”). The Company’s funding policy is to contribute amounts that are not
less than the minimum amounts required to be funded under ERISA. The Company made $26.4 million in cash
contributions to the Plan during the year ended March 31, 2003 and made $4.2 million in cash contributions to the
Plan during the year ended March 31, 2002. The amount of the Company’s funding obligation for the year ending
March 31, 2004 is expected to be approximately $33.4 million. The Company is funding the Plan at what it believes
to be an adequate level. As a result of significant declines in the equity markets, the Company currently expects to
make larger cash contributions in the future. Such cash requirements could be material to the Company’s cash flows.
The Company believes it has adequate access to capital resources to support these contributions.

The Company discounted its future pension and other postretirement plan obligations using a rate of 6.75% at March
31, 2003, compared to 7.50% at March 31, 2002. The Company chooses a discount rate, which reflects yields on
high-quality fixed-income investments. The pension liability and future pension expense both increase as the
discount rate is reduced.

At March 31, 2003, the Company assumed that the Plan’s assets would generate a long-term rate of return of 8.75%.
This rate is lower than the rate of 9.25% used at March 31, 2002. In establishing its assumption as to the expected
return on Plan assets, the Company reviews the Plan’s asset allocation and develops return assumptions for each
asset class based on historical performance and independent advisors’ forward-looking views of the financial
markets. Pension expense increases as the expected rate of return on Plan assets decreases.

Based on the above assumptions, the Company expects to record pension expenses of $23.2 million for the year
ending March 31, 2004, as compared to $11.9 million for the year ended March 31, 2003.

The following table reflects the sensitivities of the March 31, 2003 disclosures and the projected pension expense for
the year ending March 31, 2004, associated with a change in certain actuarial assumptions by the indicated
percentage:

Impact on Projected  Impact on Minimum Impact on
Change in Benefit Obligation Pension Liability Pension Cost

Actuarial Assumption Assumption  Increase (Decrease) Increase (Decrease)  Increase (Decrease)

ASSELS .eeeereerereeereeseeereeeseesriiseenanennenanas +0.5 — — “4.6)

) 1.3)
The Company expects to record other postretirement benefit expense of $27.9 million for the year ending March 31,
2004, as compared to $23.5 million for the year ended March 31, 2003.

DiSCOUNL TALE.......c.eveeeeeereeerereeeeecsreesaanes +0.5 (64.9) (62.3

In valuing its postretirement benefit obligation, the Company must make an assumption regarding future increases in
health care costs. A one percentage-point increase in assumed health care cost trend rates would increase the
postretirement benefit obligation by approximately $25.9 million and the related Plan expense by approximately
$4.2 million. A similar decrease in assumed health care cost trend rates would decrease the postretirement benefit
obligation by approximately $22.6 million and the related Plan expense by approximately $2.5 million.
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RESULTS OF OPERATIONS

Western U.S. wholesale energy market prices were relatively stable during the year ended March 31, 2003, as
compared to each of the years ended March 31, 2002 and 2001. The Company took several actions to maintain a
balanced net energy position through the summer peak period and the remainder of the fiscal year through a
combination of existing physical resources, electricity purchases, weather-related hedges and peaking generation
facilities. The Company added a 120-MW gas-fired peaking plant in Utah, which came on line in August 2002, and
also entered into an operating lease arrangement for a 200-MW peaking plant in Utah with West Valley Leasing
Company, LLC, a subsidiary of PPM. These actions, as well as the utilization of other flexible physical and financial
hedging instruments, assisted the Company in maintaining a balanced energy position during the year ended

March 31, 2003. The Company believes that its energy position is balanced for summer 2003.

For the year ended March 31, 2003, overall retail MWh sales decreased approximately 1.2%. While the impact of
weather was not significant for the year ended March 31, 2003, sales for the year ended March 31, 2002 were
approximately 564,000 MWh, or 1.2%, higher than sales for the year ended March 31, 2003, due to the effects of
weather. Excluding this weather impact, the loads for both years were relatively consistent, although load growth
varied within individual states and customer classes. While residential and commercial loads reflected an increase of
1.2% and 3.6%, respectively, as a result of additional customers in the eastern portion of the Company’s service
territory, the industrial class showed a 3.2% decrease as a result of the effects of the economic downturn and a
decrease in industrial customers.

The Company’s hydroelectric resources are in watersheds with precipitation that averaged 85.0% of normal for the
year ended March 31, 2003 and had ending snowpack at around 74.0% of normal. These drier than normal
conditions reduced generation from Company-owned projects by 65,000 MWh, as compared to the hydroelectric
generation for the year ended March 31, 2002. Despite increased precipitation in April 2003, the reduced snowpack
will continue to affect generation from the Company’s resources for the remainder of the normal runoff period
through the end of September 2003. Beginning with the next hydrologic cycle in October 2003, the Company
anticipates a return to normal water conditions. In the event of below-normal hydroelectric generation, the Company
will either increase output from its thermal generation resources or purchase energy in the wholesale market, which
would result in increased power costs to the extent existing hedges do not offset the impact of reduced hydroelectric
generation.

Concluded regulatory actions in the year ended March 31, 2003 included approval in Oregon of a $15.4 million
overall rate increase effective June 1, 2002. On March 6, 2003, a general rate increase of $8.7 million, or 2.8%, was
granted in Wyoming. Rate actions submitted for regulatory approval included a general rate case filed on March 18,
2003 in Oregon requesting an increase of $57.9 million, or 7.4%, in base rates to take effect in January 2004; a
general rate case filed on May 15, 2003 in Utah establishing a maximum increase of $125.0 million, or 12.5%, in
base rates to take effect in April 2004; and a general rate case filed on May 27, 2003 in Wyoming, requesting an
increase of $41.8 million, or 13.1%, in base rates to take effect in March 2004.

The Company also made progress toward recovering the deferred net power costs incurred during the period of
extreme volatility and unprecedented high price levels beginning in summer 2000 and extending through summer
2001. These costs have been authorized for recovery as follows: (i) $147.0 million in Utah; (ii) $131.0 million, plus
carrying charges, in Oregon; and (iii) $25.0 million in Idaho. The Oregon rate order is the subject of a court appeal
by intervening parties, which, if successful, would require refund of amounts collected after January 22, 2003. In
Wyoming, the Company’s request for recovery of deferred net power costs was denied, and, as a result, the
Company wrote off the remaining net regulatory asset of $48.3 million during the year ended March 31, 2003. The
Company filed a petition for rehearing on the Wyoming decision on April 4, 2003. The WPSC denied the petition on
May 30, 2003. In Washington, the Company had requested recovery of approximately $17.5 million of excess
power costs, which have not been deferred, or, alternatively, that the Company be allowed to file a general rate case,
which is currently restricted through December 2005. This request was subsequently reduced to approximately
$15.9 million based on revised estimates. A final decision in Washington is expected by June 2003. At March 31,
2003, the Company had $137.8 million of deferred power costs, net of amortization, remaining to be collected over
two to three years.

31



Earnings (Loss) Overview of the Company

(Millions of dollars) Years Ended March 31,
2003 2002 2001

Earnings (loss) contribution on common stock:

Australian Operations () ...........coeeeueeivureeriereriirererereeisstereeeesesenesssecsesesnes 274

Continuing operations 134.7 280.7

Lz

Cumulative effect of accounting change .............ccococevivuevierreereceeveneeeicneceenee (1.9)

T

(112.8)

(a) The Australian Operations were sold in fall 2000.
(b) All Other Operations were transferred to PHI on February 4, 2002.

The Company’s earnings contribution on common stock for the year ended March 31, 2003 was $132.8 million, as
compared to $314.6 million for the year ended March 31, 2002 and a loss of $106.1 million for the year ended
March 31, 2001. The Company’s underlying results for the year ended March 31, 2003, as compared to the years
ended March 31, 2002 and 2001, improved after taking into account rate increases, lower net power costs and the
effect of the following items:

(i) Included in Electric Operations results is the unrealized gain of $3.1 million, pretax, on SFAS No. 133
derivative instruments for the year ended March 31, 2003, as compared to $182.8 million, pretax, and
none for the years ended March 31, 2002 and 2001, respectively;

(ii) A $27.4 million pretax gain in the year ended March 31, 2002 relating to additional proceeds from the
sale of the Australian Operations. In the year ended March 31, 2001, the Company recorded a $184.2
million pretax loss on the sale of the Australian Operations;

(iii) Other Operations income for the year ended March 31, 2002 included a gain on the sale of the synthetic
fuel operations of $11.3 million pretax. The year ended March 31, 2001 included operating losses from
the synthetic fuel operations;

(iv) The $146.7 million, after tax, of income in the year ended March 31, 2002 from the discontinued
operations of a former mining and resource development business; and

(v) The negative cumulative effect of accounting change of $1.9 million, after tax, due to the Derivatives
Implementation Group revised Issue C15 and Issue C16 in the year ended March 31, 2003, as
compared to the negative cumulative effect of accounting change of $112.8 million, after tax, due to the
adoption of SFAS No. 133 in the year ended March 31, 2002.
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REVENUES

(Millions of dollars) Years Ended March 31,
2003 2002 2001

Electric Operations

COMIMETCIAL.....eveeeeeeeeeeeeeeeeeierreeeeessssaeesessnsrseasaassnsaseessessseesssssnssssneressansennees 763.4 747.7 710.5

Oher TELAIl TEVEIIUES .....eveeeeeeeeeeeeeeereeieeeessisseereesesssssseesessssssnassssssssasssssessssans
) Febie
Hbas

OtNET TEVEIIUES. .....ccceeeeeeeeeeeieeeesseereesesesssssssseesseeseseseeeeeesseessssssssssassensensessasnnnes

AusStralian OPErations .........cecevveuerevueirrcisieseeerirrereteeeieeseteteressetssssessrssassaasenes —_ — 399.3

TOtAl REVEIUES ....eoeveeeeeeeeeeesiesieeessessecssessessseseessensssasasssessessassesssestensentesseseases $3,593.4 $4,235.3 $5,055.7

Energy sales (Millions of kWh)
Electric Operations

[070) 11711 o1 T:1 RO OO OSSP 14,006 13,810

631 705

77457 71,791 75,955

Electric Operations

Residential revenues for the year ended March 31, 2003 increased $13.0 million, or 1.4%, from the year ended
March 31, 2002 primarily due to increases of $17.8 million from higher rates approved by state regulatory agencies
and $12.5 million relating to growth in the average number of residential customers of 1.6%, primarily in Utah and
Oregon. These increases were partially offset by a decrease of $17.3 million from lower average customer usage due
to milder weather as compared to the year ended March 31, 2002. Residential revenues for the year ended March 31,
2002 increased $49.6 million, or 5.8%, from the year ended March 31, 2001, due to $53.6 million in price increases,
mainly in Utah and Oregon, and $12.0 million relating to growth in the average number of residential customers of
1.5%. These increases were partially offset by $11.1 million from lower volumes due to weather impacts and $4.8
million due to decreases in average customer usage.

Commercial revenues for the year ended March 31, 2003 increased $15.7 million, or 2.1%, from the year ended
March 31, 2002, due to increases of $16.7 million from growth in the average number of commercial customers and
$6.8 million from higher rates, offset in part by $7.8 million in reduced revenue from lower average customer usage
due to current economic conditions. Commercial revenues for the year ended March 31, 2002 increased

$37.2 million, or 5.2%, from the year ended March 31, 2001 primarily due to $32.7 million in price increases. A
2.3% increase in the average number of commercial customers increased revenues $17.7 million, and higher
volumes due to weather resulted in a $7.9 million increase. These increases were partially offset by the $21.2 million
impact of lower customer usage.

Industrial revenues for the year ended March 31, 2003 decreased $5.9 million, or 0.8%, from the year ended

March 31, 2002, due to a $27.0 million decrease caused by reduced customer numbers and lower average customer
usage mainly as a result of a weaker economy. This decrease was partially offset by a $21.1 million increase
resulting from higher rates. Industrial revenues for the year ended March 31, 2002 decreased $25.0 million, or 3.4%,
from the year ended March 31, 2001, due to a $40.8 million decrease from a reduction in energy volumes due to
reduced customer usage. This decrease was partially offset by a $15.8 million increase resulting from higher prices.
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Wholesale sales for the year ended March 31, 2003 decreased $632.7 million, or 37.6%, from the year ended

March 31, 2002. This decrease in revenues resulted from the sharp decline in prices realized for short-term and spot-
market sales as compared to those in the year ended March 31, 2002, the impact of which was $1.9 billion. Factors
contributing to the lower market prices included new generation in the western U.S., the continuing effect of the
FERC market mitigation and lower average natural gas prices paid as compared to average prices paid in the year
ended March 31, 2002. In addition, demand growth in the Western Electricity Coordinating Council (the “WECC”)
area was lower than the 10-year average, due to slower than historical U.S. economic growth and weather, which
was milder than the year ended March 31, 2002 and normal weather patterns. The decrease due to prices was
partially offset by a $1.3 billion, or 25.6%, increase due to higher volumes, as the Company sold excess power in the
short-term, daily and hourly markets. Wholesale sales for the year ended March 31, 2002 decreased $393.4 million,
or 18.9%, from the year ended March 31, 2001. Lower short-term and spot-market sales prices contributed

$601.0 million to the decrease, and lower long-term sales volumes contributed $201.6 million. These decreases were
partially offset by $373.1 million from higher volumes of short-term and spot-market sales and $35.6 million in
higher long-term sales prices.

Other revenues for the year ended March 31, 2003 decreased $16.3 million, or 10.9%, from the year ended

March 31, 2002, primarily due to a $26.8 million decrease in wheeling revenues, primarily due to lower volumes, a
$6.1 million decrease from the amortization of the Centralia gain, a $6.0 million decrease relating to recognition of
Oregon Merger Credits and lower DSM revenues of $3.6 million. These decreases were partially offset by a

$20.7 million release of reserves on an electricity sales contract following a settlement of a dispute with respect to
the contract and a $4.6 million increase in sales under a contract for renewable power. Other revenues for the year
ended March 31, 2002 increased $18.1 million, or 13.8%, from the year ended March 31, 2001, due to $23.8 million
from the amortization of the Centralia gain liability that offset revenue reductions in other revenue categories,

$12.1 million in wheeling revenues from increased usage of the Company’s transmission system by third parties and
$8.3 million from lower reserves. These increases were partially offset by a $14.9 million decrease in revenues due
to lower load growth than anticipated by the alternative form of regulation in Oregon and a $12.4 million decrease
due to DSM activities.

Australian Operations

The Australian Operations consisted of Powercor and a 19.9% interest in Hazelwood and were sold in fall 2000.

Other Operations

Revenues for the year ended March 31, 2002 decreased $109.6 million, or 89.7%, from the year ended March 31,
2001, primarily due to a $64.0 million decrease as a result of the sale of the synthetic-fuel operations, a decrease of
$23.8 million due to the transfer of PPM and PKE to PHI and a $20.0 million decrease in interest income due to the
collection of a contingent note receivable held by PGHC.

OPERATING EXPENSES

(Millions of dollars) Years Ended March 31,
2003 2002 2001

Electric Operations

Other Operations
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Electric Operations

Purchased electricity expense for the year ended March 31, 2003 decreased $826.2 million, or 40.5%, from the year
ended March 31, 2002, primarily due to a $1.9 billion decrease from prices incurred for short-term and spot market
purchases, which were 68.3% lower than average prices incurred for the year ended March 31, 2002. Lower market
prices resulted from the same factors mentioned above for lower wholesale sales. Increased wholesale purchase
volumes added $928.1 million, or 24.7 %, to purchased electricity expense as the Company increased the volume of
system-balancing activities to balance its load requirements and to replace thermal generation lost from outages.
These actions offset lower hydroelectric generation caused by below-normal precipitation levels. Purchased power
costs also increased $185.5 million for the year ended March 31, 2003, as compared to the year ended March 31,
2002 due to lower deferrals of purchased power costs. Purchased electricity expense for the year ended March 31,
2002 decreased $439.6 million, or 17.7%, from the year ended March 31, 2001, primarily due to lower short-term
and spot market purchase volumes of 15.6%, which decreased costs $295.1 million; lower long-term purchase
volumes of 11.5%, which decreased costs $104.7 million; and lower short-term, spot-market and long-term purchase
prices of $70.8 million. While long-term prices per MWh dropped 11.2%, short-term prices only dropped 1.4%.
These decreases were partially offset by a $46.2 million increase in DSM costs.

Fuel expense for the year ended March 31, 2003 decreased $8.7 million, or 1.8%, from the year ended March 31,
2002, due to decreases of $20.7 million from lower natural gas volumes, $16.5 million from lower natural gas prices
and $9.7 million from lower coal volumes, partially offset by the $21.2 million incremental impact from the
Company’s lease of the West Valley gas-fired facility and an increase of $17.0 million from higher coal prices
caused by higher employee benefit costs at Company-owned mines and the costs of external coal purchases. Fuel
expense was comparable in the years ended March 31, 2002 and 2001.

Other operations and maintenance expense for the year ended March 31, 2003 increased $43.3 million, or 7.7%,
from the year ended March 31, 2002, primarily due to the establishment of a $20.0 million reserve for FERC and
California exposures in the year ended March 31, 2003; a $19.2 million increase in employee costs, including
pensions and health care; an increase of $17.5 million for mine reclamation costs; an increase of $12.1 million in
rent expense in the year ended March 31, 2003 for the West Valley operating lease; increased generation materials
and contract services of $10.2 million, primarily due to the scope and timing of generating plant overhauls, and an
$8.8 million increase due to lower capitalized costs. These increases were partially offset by a $22.1 million
decrease resulting from the temporary lease of a generating turbine in the year ended March 31, 2002; a decrease of
$13.7 million in DSM costs; and an $8.0 million reserve for bad debts recorded in the year ended March 31, 2002.

Other operations and maintenance expense for the year ended March 31, 2002 increased $25.8 million, or 4.8%,
from the year ended March 31, 2001, primarily due to $24.7 million for the lease of a new generating turbine, $20.4
million in increased generation costs, increases in employee-related expenses of $5.9 million and tree-trimming
costs of $1.4 million. These increases were partially offset by decreases due to the level and timing of capital
projects and related expenditures of $31.6 million.

Depreciation and amortization expense for the year ended March 31, 2003 increased $33.0 million, or 8.2%, from
the year ended March 31, 2002, primarily due to a $14.4 million increase due to the termination at March 31, 2002
of a two-year depreciation expense reduction ordered by state regulatory commissions; increased expenditures on
Property, plant and equipment, which resulted in a $9.5 million increase in depreciation expense; increased
amortization of Regulatory assets and liabilities of $4.7 million; and increased software amortization of $4.2 million.
Depreciation and amortization expenses for the year ended March 31, 2002 increased $12.3 million, or 3.2%, from
the year ended March 31, 2001, primarily due to an increase in Property, plant and equipment that resulted in an
$8.4 million increase and increased software amortization of $3.4 million.

Administrative and general expenses for the year ended March 31, 2003 increased $35.6 million, or 14.5%, from the
year ended March 31, 2002, primarily due to increased property and liability insurance costs of $31.7 million
resulting from higher premiums, insurance reserves and storm damage, and increased employee expenses, including
pensions and health care, of $6.0 million, offset by a $2.0 decrease in consulting expense. Administrative and
general expenses for the year ended March 31, 2002 increased $124.6 million, or 103.0%, from the year ended
March 31, 2001. Employee-related expenses increased by $44.0 million. Administrative and general expenses for
the year ended March 31, 2002 included $16.9 million for the amortization of deferred transition costs allowed by
state regulators. The level and timing of expenditures capitalized in 2002 fell from 2001 levels and resulted in a
$38.3 million increase in expense. Additional consulting and outside services added $9.7 million to expense, asset
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reserves added $5.4 million, lower charge-backs to Powercor added $2.8 million and increased insurance premiums
added $2.9 million.

Taxes, other than income taxes, for the year ended March 31, 2003 increased $2.7 million, or 3.0%, from the year
ended March 31, 2002, primarily due to settlements and adjustments that lowered property tax expense during the
year ended March 31, 2002. Taxes, other than income taxes in the year ended March 31, 2002, decreased

$6.8 million, or 7.0%, from the year ended March 31, 2001, primarily due to lower property tax expense resulting
from the favorable resolution of outstanding property tax appeals and lower franchise taxes.

The Unrealized gain on SFAS No. 133 derivative instruments for the year ended March 31, 2003 was $3.1 million,
as compared to $182.8 million for the year ended March 31, 2002, primarily due to implementation of Issue C15 on
July 1,2001, which resulted in the designation of the majority of the Company’s short-term contracts as normal
purchases and sales. The Unrealized gain on SFAS No. 133 derivative instruments for the year ended March 31,
2002 pertains to the Company’s short-term sales obligations being favorably impacted by lower forward market
prices that resulted from the significant changes in market fundamentals.

Australian Operations

The Australian Operations consisted of Powercor and a 19.9% interest in Hazelwood and were sold in fall 2000.

Other Operations

Operating expenses for the year ended March 31, 2002 decreased $126.8 million, or 93.4%, primarily due to the sale
of the synthetic-fuel operations that resulted in a $98.4 million decrease and a $21.3 million decrease due to the
transfer of PGHC to PHI.

OTHER OPERATING INCOME

Other operating income for the year ended March 31, 2002 increased $1.8 million. During the year ended March 31,
2002, the Company recorded $21.0 million relating to a regulatory settlement that resulted in the establishment of a
regulatory asset. The Company also recorded an $11.3 million gain on the sale of the synthetic-fuel operations.
Included within Other operating income in 2001 was income of $43.5 million relating to rate orders received which
provided recovery for previously denied costs and resulted in the establishment of regulatory assets. In addition, the
Company recorded a loss on the sale of Centralia of $13.9 million in the year ended March 31, 2001.

(GAIN) LOSS ON SALE OF OPERATING ASSETS

The $27.4 million Gain on sale of operating assets for the year ended March 31, 2002 pertained to further proceeds
received in June 2001 from the resolution of a contingency under the provisions of the sale of the Australian
Operations. In the year ended March 31, 2001, the Company recorded a $184.2 million loss on the sale of the
Australian Operations.

INTEREST EXPENSE AND OTHER (INCOME) EXPENSE

Years Ended March 31,
Millions of dollars) 2003 2002 2001

Interest income .. (21.6) @41.5) (32.6)

Minority interest and Other () ........coeuevrueeeerersireiccieieicicicnietsi s (1.8)

(@) Minority interest and other includes payments of $28.3 million on Preferred Securities of wholly owned subsidiary trusts
for each of the three years ended March 31.

Interest expense for the year ended March 31, 2003 increased $42.6 million, or 18.7%, primarily due to higher
average long-term debt balances and a $20.9 million increase in interest expense for regulatory liabilities. These
increases were partially offset by lower average short-term and variable-interest rates. The Company issued
$800.0 million of new long-term debt in November 2001. Interest expense for the year ended March 31, 2002
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decreased $62.7 million, or 21.6%, as compared to the year ended March 31, 2001, primarily due to the sale of the
Australian Operations and lower interest rates.

Interest income for the year ended March 31, 2003 decreased $25.9 million, or 54.5%, primarily as a result of an
$11.1 million decrease in interest income on regulatory assets and lower average notes-receivable balances due to
the transfer of PGHC to PHI in February 2002. These decreases were partially offset by the recognition of

$1.1 million of interest income on an electricity sales contract settlement in September 2002 and $1.5 million of
interest income on the settlement of an excise tax case with the state of Washington in March 2002. Interest income
for the year ended March 31, 2002 increased $14.9 million, or 45.7%, as compared to the year ended March 31,
2001 primarily due to a $24.4 million increase in interest income for regulatory assets, partially offset by lower
average interest rates.

Interest capitalized increased $11.1 million, as compared to the year ended March 31, 2002, due to higher
capitalization rates, as a return on equity component was included, and higher qualifying construction work-in-
progress balances. Interest capitalized for the year ended March 31, 2002 decreased $6.0 million, or 46.5%, as
compared to the year ended March 31, 2001, due to lower capitalization rates, partially offset by higher qualifying
construction work-in-progress balances.

Minority interest and other increased $20.8 million. Minority interest was constant year over year. Of the increase,
$18.9 million pertained to Other income and expense of PGHC in the year ended March 31, 2002. During the year
ended March 31, 2002, PGHC recorded $9.3 million in gains on sales of leased aircraft owned by PFS, $4.8 million
in gains on various settlements and $3.7 million in gains on sales of nonutility investments. Other expense for
Electric Operations increased in part due to the reversal in the year ended March 31, 2003 of a previously recorded
gain of $3.4 million as a result of a regulatory order.

INCOME TAX EXPENSE

Income tax expense for the year ended March 31, 2003 decreased $78.9 million from the year ended March 31,
2002. The decline in the tax expense was primarily due to the lower taxable income in the year ended March 31,
2003 and the additional tax reserves established in the year ended March 31, 2002 for the amounts proposed as a
result of the IRS audit. Income tax expense for the year ended March 31, 2002 decreased $4.3 million, or 2.4%,
from the year ended March 31, 2001 primarily due to reduced taxable income.

The Company’s combined federal and state effective income tax rate from continuing operations was 40.6%, 37.5%
and 195.7% for the years ended March 31, 2003, 2002 and 2001, respectively. The tax rate for the year ended March
31, 2003 varied from the statutory rate, primarily due to the tax effects of the regulatory treatment of depreciation,
which were partially offset by income tax credits. The tax rate for the year ended March 31, 2002 was approximately
the same as the statutory rate. The tax rate for the year ended March 31, 2001 varied significantly from the statutory
rate, primarily due to the substantially nondeductible losses on the sales of the Australian operations and reserves for
tax on outstanding IRS examination issues.

DISCONTINUED OPERATIONS

The Company recognized $146.7 million of income during the year ended March 31, 2002, as a result of collecting a
contingent note receivable relating to the discontinued operations of its former mining and resource development
business, NERCO, which was sold in 1993. This note from the buyer was recorded at the date of the NERCO sale,
along with a corresponding deferred gain. Payments on this note were contingent upon the buyer receiving payment
under a coal supply contract. The Company recognized this gain on a cost-recovery basis as payments were received
from the buyer. In June 2001, the Company received full payment of the remaining balance of the note and
recognized the remaining balance of the deferred gain. Deferred tax expense of $36.4 million was recognized on the
gain in June 2001.

CUMULATIVE EFFECT OF ACCOUNTING CHANGE

The Company recorded a $1.9 million loss from the implementation of revised Issue C15 and Issue C16 during the
year ended March 31, 2003 and recorded a $112.8 million loss from the implementation of SFAS No. 133 during the
year ended March 31, 2002.
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LIQUIDITY AND CAPITAL RESOURCES
OPERATING ACTIVITIES

Net cash flows provided by operating activities increased by $339.0 million to $681.6 million for the year ended
March 31, 2003, as compared to $342.6 million for the year ended March 31, 2002. During the year ended March
31, 2003, the Company received cash recoveries of $111.1 million of previously deferred net power costs. In
addition, the Company received $44.0 million during the year ended March 31, 2003 of additional cash revenues
from general rate case increases. Net cash flows provided by operating activities decreased $302.1 million for the
year ended March 31, 2002 from the year ended March 31, 2001. This decrease was largely due to the impact of
significantly higher purchased electricity prices, combined with regulated rates that did not reflect the costs to
purchase power, a portion of which was deferred under accounting orders, which were only partially offset by cash
from working capital increases. The $706.4 million change in Accounts payable and accrued liabilities between the
years ended March 31, 2002 and 2001 primarily reflected the higher amounts paid for electricity and larger income
tax accruals for the year ended March 31, 2001.

INVESTING ACTIVITIES

Capital spending totaled $550.0 million for the year ended March 31, 2003 compared with $505.3 million for the
year ended March 31, 2002. The increase was primarily due to expenditures for new generation, network growth,
system upgrades and other capital projects. Proceeds from a finance note repayment in the year ended March 31,
2002 represented the payment of a note receivable held by PGHC relating to the discontinued operations of
NERCO. Certain types of investing activities for the year ended March 31, 2002 do not appear in the year ended
March 31, 2003, due to the transfer of PGHC and its subsidiaries from PacifiCorp to PHI.

FINANCING ACTIVITIES

Net cash used in financing activities was $161.9 million for the year ended March 31, 2003, as compared to net cash
provided by financing activities of $244.3 million for the year ended March 31, 2002. Net short-term borrowings
decreased $152.5 million, proceeds from long-term debt issuance decreased $791.1 million and common stock
issuance increased $150.0 million. On December 19, 2002, the Company issued 14,851,485 shares of its common
stock to PHI at a total price of $150.0 million, or $10.10 per share. The Company used the proceeds from the sale of
these shares to repay debt and for general corporate purposes. The decreased utilization of external financing reflects
the significant improvement in cash generated by operations.

The Company’s short-term borrowings are supported by $800.0 million of revolving credit agreements. As of
March 31, 2003, these facilities were fully available and had no borrowings outstanding. In addition to these
committed credit facilities, the Company had $123.2 million of money market accounts included in Cash and
temporary cash investments at March 31, 2003, available to meet its liquidity needs.

For the year ended March 31, 2003, the Company issued no long-term debt and made scheduled long-term debt
repayments of $144.6 million. For the year ended March 31, 2002, the Company had proceeds from long-term debt
issuance of $791.1 million and made scheduled long-term debt repayments of $59.0 million. The Company has an
effective shelf registration statement for up to $1.1 billion of long-term debt, of which the issuance of $800.0 million
has been authorized by the applicable regulatory commissions, subject to certain conditions. Any such issuance
would be subject to market conditions. '

For the year ended March 31, 2003, the Company redeemed, at par, $7.5 million of its preferred stock, of which $3.8
million was pursuant to its mandatory scheduled redemption. During the year ended March 31, 2002, the Company
redeemed, at par, $100.0 million of its preferred stock pursuant to its scheduled mandatory redemption.

For the year ended March 31, 2003, no dividends were declared or paid on common stock. During the year ended
March 31, 2002, the Company declared dividends on common stock of $240.8 million and paid dividends on
common stock of $298.6 million. The dividends were declared at a rate that was consistent with the Company’s
historic pre-Merger rate per share. On April 17, 2003, the Board declared a dividend on common stock of

$40.1 million, payable on May 28, 2003. The Company declared dividends of $7.2 million and paid dividends of
$7.3 million on preferred stock during the year ended March 31, 2003 and had $1.8 million in preferred dividends
declared but unpaid at March 31, 2003. The Company declared dividends of $9.8 million and paid dividends of
$11.7 million on preferred stock during the year ended March 31, 2002 and had $1.9 million in preferred dividends
declared but unpaid at March 31, 2002.
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Management expects existing funds and cash generated from operations, together with existing credit facilities, to be
sufficient to fund liquidity requirements for the next 12 months. However, many participants in the electric utility
industry have experienced a period of negative news and ratings downgrades. While the Company to date has been
able to adequately fund itself and expects to be able to continue to do so, further negative information about other
industry participants may make it more difficult and expensive for the Company to obtain necessary financing or
replace financing agreements at their maturity. If market conditions warrant during the year ending March 31, 2004,
the Company may seek to issue long-term debt and redeem outstanding long-term debt to reduce its overall debt
service costs.

CAPITALIZATION

March 31,
(Millions of dollars, except percentages) 2003 2002

Long-term debt

PrEferTed STOCK ... eeeneeeeeeeeeeeeeeecereeesssereeesenseasssssesasneseeesssnessssssssnsssssrasssnses 108.0 1 115.5 1.6

Total CapitaliZAtion ..........covvumeeieernirmniessescneeesisiinisssc et es $7,224.0 100.0% $7,2247 100.0%

The Company manages its capitalization and liquidity position through policies established by senior management
and the Board. These policies, subject to periodic review and revision, have resulted from a review of historical and
projected practices for businesses and industries that have financial and operating characteristics similar to those of
the Company.

The Company’s policies attempt to balance the interests of all shareholders, ratepayers and creditors. In addition,
given the changes that are occurring within the industry and market segments in which the Company operates, these
policies are intended to remain sufficiently flexible to allow the Company to respond to these changes.

On a consolidated basis, the Company attempts to maintain total debt at approximately 48.0% to 54.0% of
capitalization. The total debt-to-capitalization ratio was 49.6% at March 31, 2003. The Company expects to
maintain, over time, its capital structure in accordance with its targets. The Company has made commitments in
connection with the Merger not to make distributions that result in a reduction of common equity, without approval,
to below 38.0% of total capitalization, excluding short-term debt and current maturities of long-term debt, increasing
over time to 40.0%. :

VARIABLE-RATE LIABILITIES

March 31,
Millions of dollars) 2003 2002

Variable rate long-term debt 654.5 654.5

Percentage of Total CapitaliZation...........coceureeeinicmiiiits s 9.4% 11.5%

The Company’s capitalization policy targets consolidated variable-rate liabilities at between 10.0% and 25.0% of

total capitalization. The Company was slightly below the target range at March 31, 2003, but anticipates that
variable-rate exposure will be within the range during the year ending March 31, 2004.

AVAILABLE CREDIT FACILITIES

At March 31, 2003, the Company had $800.0 million of committed bank revolving credit agreements that became
effective June 4, 2002: one facility for $500.0 million, having a 364-day term plus a one-year term loan option, and
the other facility for $300.0 million, having a three-year term. At March 31, 2003, these facilities were fully
available and there were no borrowings outstanding. The Company is currently seeking to replace the existing
$500.0 million credit facility. While the Company believes the facility will be successfully replaced at costs
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marginally higher than the existing facility, no assurance can be given as to this outcome. Regulatory authorities
limit PacifiCorp to $1.5 billion of short-term debt, of which $25.0 million was outstanding at March 31, 2003 at a
weighted average rate of 1.4%.

At March 31, 2003, the Company had $517.8 million of standby letters of credit and standby bond purchase
agreements available to provide credit enhancement and liquidity support for variable-rate pollution-control revenue
bond obligations. These committed bank arrangements expire periodically through the year ending March 31, 2006.

LIMITATIONS

In addition to the Company’s capital structure policies, its debt capacity is also governed by its contractual
commitments. The Company’s credit agreement contains customary covenants and default provisions, including
covenants to maintain a debt-to-capitalization ratio. The Company’s principal debt limitations are a 60.0% debt-to-
defined capitalization test and an interest coverage covenant contained in its principal credit agreements. Based on
the Company’s most restrictive agreement, management believes that the Company could have borrowed an
additional $1.9 billion at March 31, 2003. The Company was in compliance with the covenants of its credit
agreement as of March 31, 2003.

Under the Company’s principal credit agreements, it is an event of default if any person or group, other than
ScottishPower, acquires 35.0% or more of the Company’s common shares or if, during any period of 14 consecutive
months, individuals who were directors of the Company on the first day of such period (and any new directors
whose election or nomination was approved by such individuals and directors) cease to constitute a majority of the
Board.

CREDIT RATINGS

The Company’s credit ratings at March 31, 2003 were as follows:

Moody’s S&P
Senior secured debt A3 A
Senior unsecured debt Baal BBB+
Preferred stock Baa3 BBB
Commercial paper P-2 A-2

The Company’s credit ratings are unchanged from March 31, 2002. These security ratings are not recommendations
to buy, sell or hold securities. The ratings are subject to change or withdrawal at any time by the respective credit
rating agencies. Each credit rating should be evaluated independently of any other rating.

The Company has no rating-downgrade triggers that would accelerate the maturity dates of its debt. A change in
ratings is not an event of default, nor is the maintenance of a specific minimum level of credit rating a condition to
drawing upon the Company’s credit agreements. However, interest rates on loans under the credit agreements and
commitment fees are tied to credit ratings and would increase or decrease when ratings are changed. A ratings
downgrade may reduce the accessibility and increase the cost of the Company’s commercial paper program, its
principal source of short-term borrowing, and may result in the requirement that the Company post collateral under
certain of the Company’s power purchase and other agreements.

In addition, a number of the Company’s agreements in the wholesale electric, wholesale gas and energy derivatives
markets contain provisions that provide the right for either counterparty to receive cash or other security if mark-to-
market exposures on a net basis exceed certain negotiated threshold levels. Generally, these threshold levels change
based on long-term unsecured ratings. As such, a ratings downgrade could require the Company to provide
additional funds to a counterparty if threshold amounts were exceeded. At March 31, 2003, the Company estimates
that a one level downgrade, by either Standard & Poor’s or Moody’s, of its senior unsecured debt ratings would not
result in any cash or collateral requirements.

OFF-BALANCE SHEET ARRANGEMENTS

The Company is generally required to obtain state regulatory commission approval prior to guaranteeing debt or
obligations of other parties. In November 2002, the Financial Accounting Standards Board (the “FASB”) issued
Interpretation No. 45, Accounting and Disclosure Requirements for Guarantees (“FIN No. 45”). FIN No. 45
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requires disclosure of certain direct and indirect guarantees. Also, FIN No. 45 requires recognition of a liability at
inception for certain new or modified guarantees issued after December 31, 2002. The adoption of FIN No. 45 in
January 2003 did not have a material impact on the consolidated financial statements. The following indemnification
obligations of the Company fall within the definitions of “indirect guarantees” under FIN No. 45.

On May 4, 2000, the Company and other joint owners completed the sale to Transalta of an electricity plant and coal
mine located in Centralia, Washington. Under the agreement relating to the plant, the joint owners agreed to
indemnify Transalta if it were to incur certain losses after the closing date and arising as a result of certain breaches
of covenants. Under the agreement relating to the mine, the Company provided similar indemnity. The maximum
indemnification obligation under these agreements, with respect to the Company, is limited to $556.0 million, less a
deductible of 1.0% of the purchase price (approximately $1.0 million). No indemnity claims have been made to date.

In connection with the sale of the Company’s Montana service territory, the Company entered into a purchase and
sale agreement with Flathead Electric Cooperative (“Flathead”) dated October 9, 1998. Under the agreement, the
Company indemnified Flathead for losses, if any, occurring after the closing date and arising as a result of certain
breaches of warranty or covenants. The indemnification has a cap of $10.0 million. Two indemnity claims relating
to environmental issues have been tendered, but remediation costs for these claims, if any, are not expected to be
material.

The Company believes that the likelihood that it would be required to perform or otherwise incur any significant
losses associated with any of these obligations is remote.

CONTRACTUAL OBLIGATIONS AND COMMERCIAL COMMITMENTS

The table below shows the Company’s contractual obligations as of March 31, 2003.

Contractual Obligations

Payments Due by Period
2005-2006 2007-2008 Thereafter Total

(Millions of dollars) 2004

Long-term debt, including interest (a) 785.6 4,003.4 5,901.2
Junior subordinated debentures (b).........ccceeveuenenee. . . 56.6 1,164.3 1,305.8
Power contract commitments (C) .......ccooeeervursuesverrerenns 8234 1,218.5 926.7 3,158.0 6,126.6

20.2 26.9 4.0 60.9

Operating leases

(a) There have been no significant increases to the long-term obligations during the year ended March 31, 2003. The long-
term debt matures at various dates through fiscal year 2032 and bears interest principally at fixed rates. Interest on
variable long-term debt is set at the March 31, 2003 rates. The Company uses the proceeds from debt financing for general
corporate purposes, including construction, improvement or maintenance of its utility system and the repayment of
commercial paper and other short-term debt.

(b) Wholly owned subsidiary trusts of the Company (the “Trusts™) have issued, in public offerings, redeemable preferred
securities (the “Preferred Securities”) representing preferred undivided beneficial interests in the assets of the Trusts, with
liquidation amounts of $25.00 per Preferred Security. The sole assets of the Trusts are Junior Subordinated Deferrable
Interest Debentures (the “Junior Debentures™) of the Company that bear interest at the same rates as the Preferred
Securities to which they relate, and certain rights under related guarantees by the Company. These Junior Debentures are
unsecured and junior in terms of preference to all senior debt, including unsecured senior obligations. Under certain
conditions, the Company may defer interest on the Junior Debentures.

(c) The Company’s power contract commitments include purchases of coal, electricity and natural gas. The Company
manages its energy resource requirements by integrating long-term, short-term and spot-market purchases with its own
generating resources to dispatch the system economically and to meet commitments for wholesale sales and retail load
growth. As part of its energy resource portfolio, the Company acquires a portion of its resource requirements through
long-term purchases and/or exchange agreements.
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(d) These contractual obligations include commitments for capital expenditures.

(e) The Company has entered into settlement agreements with various interested parties that are incorporated into the FERC
hydroelectric licenses. Hydroelectric licenses have varying expiration dates, and many expire within the next five years.
The contractual commitments listed here expire with the license expiration dates. However, the Company plans to acquire
new licenses that will allow for continued operation for more than 30 years and expects contractual commitments to
increase.

Commercial Commitments

The Company’s commercial commitments include surety bonds that provide indemnities for the Company in
relation to various commitments it has to third parties for obligations in the event of default on behalf of the
Company. The majority of these bonds are continuous in nature and renew annually. The estimates are based on
current information and actual amounts may vary due to rate changes or changes to the general operations of the
Company. The Company expects the level of its surety bonding beyond the year ended March 31, 2003 to remain at
the historical average of approximately $30.0 million. As of March 31, 2003, the Company had $29.8 million, $21.1
million, $0.6 million and $0.3 million surety bond commitments for the years ending March 31, 2004, 2005-2006,
2007-2008 and thereafter, respectively.

INFLATION

The Company is subject to rate-of-return regulation and the impact of inflation on the level of cost recovery under
regulation varies by state depending upon the type of test-period convention used in the state. In the Company’s
state jurisdictions, a 12-month period of historical costs is typically used as the basis for developing a “test year,”
which may also include various adjustments to eliminate abnormal or one-time events, normalize cost levels, or
escalate the historical costs to a future level when the new rates will actually be in effect. To the extent that the
levels of costs beyond the historical 12-month period can be established either through known adjustments or
through the escalation of cost levels in establishing prices, the Company can mitigate the impacts of inflationary
pressures. The Company is seeking to establish a uniform use of future test periods to deal with the rising cost of
service and required capital investment.

NEW ACCOUNTING STANDARDS

In June 2001, the FASB issued SFAS No. 143. The statement requires the fair value of an asset retirement obligation
to be recorded as a liability in the period in which the obligation was incurred. At the same time the liability is
recorded, the costs of the asset retirement obligation must be recorded as an addition to the carrying amount of the
related asset. Over time, the liability is accreted to its present value, and the addition to the carrying amount of the
asset is depreciated over the asset’s useful life. Upon retirement of the asset, the Company will settle the retirement
obligation against the recorded balance of the liability. Any difference in the final retirement obligation cost and the
liability will result in either a gain or loss. The Company adopted this statement as of April 1, 2003.

The Company has been recording retirement obligations relating to mining reclamation and closure costs prior to
adoption of the standard. In addition, the Company has been recording accumulated removal costs as a part of
accumulated depreciation in accordance with regulatory accounting. As a result of adoption of the standard, the net
difference between these previously recorded amounts that qualify as asset retirement obligations and the fair value
amounts determined under SFAS No. 143 will be recognized as a cumulative effect of a change in accounting
principle, net of related income taxes. The Company expects to recover asset retirement costs through the
ratemaking process and has requested authorization from the state regulatory commissions to record a Regulatory
asset or Regulatory liability on the Consolidated Balance Sheet to account for the difference between asset
retirement costs as currently approved in rates and obligations under SFAS No. 143.

Upon adoption of SFAS No. 143 on April 1, 2003 the Company recorded an asset retirement obligation liability at
its net present value of $196.1 million, increased net depreciable assets by $37.3 million, removed $163.1 million of
costs accrued for final removal from accumulated depreciation and reclamation liabilities and will result in a
cumulative pretax effect of a change in accounting principle of $4.3 million, which if approved by state regulators,
will be recorded primarily as a net regulatory liability. Accretion and depreciation expense in the first year of
adoption are expected to be $8.0 million and $2.7 million, respectively.

In June 2002, the FASB issued SFAS No. 146, Accounting for Costs Associated with Exit or Disposal Activities
(“SFAS No. 146™), which requires that a liability for a cost associated with an exit or disposal activity be recognized
when the liability is incurred instead of at the date of the company’s commitment to an exit plan. SFAS No. 146 is

42



effective for exit or disposal activities that are initiated after December 31, 2002 and had no effect on the
Company’s financial position or results of operations.

In April 2003, the FASB issued SFAS No. 149, Amendment of Statement 133 on Derivative Instruments and
Hedging Activities (“SFAS No. 149”). This statement amends and clarifies financial reporting for derivative
instruments, including certain derivative instruments embedded in other contracts and for hedging activities. This
statement is effective for contracts entered into or modified after June 30, 2003. The Company is currently
evaluating the impact of adopting this statement on its consolidated financial position and results of operations.

In May 2003, the FASB issued SFAS No. 150, Accounting for Certain Financial Instruments with Characteristics
of Both Liabilities and Equity (“SFAS No. 150”). This statement affects the accounting for certain financial
instruments that, under previous guidance, issuers could account for as equity. The new statement requires that those
instruments be classified as liabilities. Most of this statement is effective for financial instruments entered into or
modified after May 31, 2003 and otherwise is effective at the beginning of the first interim period beginning after
June 15, 2003. The Company is currently evaluating the impact of adopting this statement on its consolidated
financial position and results of operations.

In January 2003, the FASB issued FASB Interpretation No. 46, Consolidation of Variable-Interest Entities (“FIN
No. 46”), which requires existing unconsolidated variable-interest entities to be consolidated by their primary
beneficiaries if the entities do not effectively disperse risks among parties involved. FIN No. 46 applies immediately
to variable-interest entities created after January 31, 2003 and applies, for periods beginning after June 15, 2003, to
variable-interest entities acquired before February 1, 2003. The Company does not believe the implementation of
FIN No. 46 will have a material impact on its financial position or results of operations.

ITEM 7A. QUANTITATIVE AND QUALITATIVE DISCLOSURES ABOUT MARKET RISK

BUSINESS RISK

The Company participates in a wholesale energy market that includes: public utility companies; electricity and
natural gas marketers, which may or may not be affiliated with public utility companies; government entities; and
others. The participants in this market trade, or otherwise buy and sell, not only electricity and natural gas as
commodities, but also derivative commodity instruments such as futures, swaps, options and other financial
instruments. The pricing in this wholesale market is largely market-based and most transactions are conducted on an
“gver-the-counter” basis, there being no central clearing mechanism (except in the case of specific instruments
traded on the commodity exchanges).

The Company is subject to the various risks inherent in the energy business, including market risk, operating risk,
regulatory risk, political risk, security risk, credit risk, interest rate risk, insurance risk and pension risk. Due to
global uncertainties, including war and terrorism, the nation’s economy and financial markets have been disrupted.
The total effects of these matters and other such incidences are not known at this time.

Market Risk

In general, market risk is the risk of fluctuations in the market price of electricity and fuel, as well as volumetric risk
caused by changes in weather, the economy, unanticipated generation or network outages and customer behavior.
Market price is influenced primarily by factors relating to supply and demand. Those factors include the adequacy of
generating capacity, scheduled and unscheduled outages of generating facilities, hydroelectric availability, prices
and availability of fuel sources for generation, disruptions or constraints to transmission facilities, weather
conditions, economic growth, changes in technology and other factors.

While the Company plans for resources to meet its current and expected retail and wholesale load obligations,
resource availability, price volatility and load volatility may materially impact the power costs to the Company and
profits from excess electricity sales in the future. Prices paid by the Company to provide certain load balancing
resources to supply its load may exceed the amounts it receives through retail rates and wholesale prices.
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Operating Risk

Operating risk is the risk that assets and mechanical systems, as well as business processes and procedures, might
not perform as expected, with the result that the Company may be unable to meet a portion of its obligations without
resorting to an unanticipated market transaction. Operating risk is primarily mitigated through a combination of
sound maintenance practices, prudent and safe operational processes and insurance products, such as business
interruption insurance.

Regulatory Risk

The Company is subject to the jurisdiction of federal and state regulatory authorities. The FERC establishes tariffs
under which the Company provides wheeling service to the wholesale market and the retail market for states
allowing retail competition, establishes both cost-based and market-based tariffs under which the Company sells
electricity at wholesale and has licensing authority over most of the Company’s hydroelectric generation facilities.
The utility regulatory commissions in each state independently determine the rates the Company may charge its
retail customers in that state. Each state’s rate setting process is based upon the state commission’s acceptance of an
allocated share of total Company costs as its “responsibility.” When different states adopt different methods to
address this “interjurisdictional cost allocation” issue, some costs may not be incorporated into rates in any state.
Ratemaking is done on the basis of “normalized” costs, so if in a specific year realized costs are higher than normal,
rates will not be sufficient to cover those costs. Likewise, if in a given year costs are lower than normal or revenues
are higher, the Company retains the resulting higher-than-normal profit. Each commission sets rates based on a “test
year” of its choosing. In states that use a historical test year, rate adjustments could follow cost increases, or
decreases, by up to two years. Regulatory lag results in a delay in recovery of costs currently incurred but not in
rates, and also imposes a time-value-of-money burden on the Company. Further, each commission decides what
level of expense and investment is “necessary, reasonable and prudent” in providing service. If a commission
decides that part of the Company’s costs do not meet this standard, such costs will be “disallowed” and not
recovered in rates. For these reasons, the rates authorized by the regulators may be less than the costs to the
Company to provide electrical service to its customers in a given period.

Nearly all of the Company’s hydroelectric projects are in some stage of the FERC relicensing under the FPA. The
relicensing process is a political and public regulatory process that involves sensitive resource issues. The Company
is unable to predict the requirements that may be imposed during the relicensing process, the economic impact of
those requirements, whether new licenses will ultimately be issued or whether the Company will be willing to meet
the relicensing requirements to continue operating its hydroelectric projects.

Federal, state and local authorities regulate many of the Company’s activities pursuant to laws designed to restore,
protect and enhance the quality of the environment. The Company is unable to accurately predict what material
impact, if any, future changes in environmental laws and regulations may have on the Company’s consolidated
financial position, results of operations, cash flows, liquidity and capital expenditure requirements.

Political Risk

The Company conducts its business in conformance with a multitude of federal and state laws. The U.S. Congress is
considering significant changes in energy, air quality and tax policy. Energy legislation recently passed by the U.S.
House of Representatives would make some changes in federal law that would affect the Company. The proposed
changes effect the hydroelectric licensing process under the FPA and extension of the renewable energy production
tax credit, which would likely benefit the Company’s efforts to develop, acquire and maintain a low-cost generation
portfolio. Changes to the Clean Air Act contemplated by the proposed Clear Skies Act are being monitored closely
by the Company because they may impact requirements for several emissions from fossil-fueled generation plants.

The laws of the states in which the Company operates affect the Company’s generation, transmission and
distribution business. All but two of the legislatures monitored by the Company have concluded their regular
business for their legislative year. The Company is not aware of any new laws positively or negatively affecting the
Company in any significant manner, based on a review of bills passed by the Oregon, Washington and Idaho
legislatures during their just-completed legislative sessions. Wyoming enacted an exemption to the state sales tax for
renewable-energy equipment, which may make development of wind energy resources in the state more
economically viable. Wyoming also passed legislation revamping the consumer advocate staff role in commission
proceedings. Utah enacted legislation authorizing the UPSC to use a forward-looking test year of up to 20 months in
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setting rates. This mechanism, if properly implemented, should enable the UPSC to set consistent rates that more
accurately reflect costs during the actual rate period. California is expected to consider legislation repealing or
reforming many elements of its 1996 restructuring law.

Security Risk

The emergence of terrorism threats, both domestic and foreign, is a risk to the entire utility industry, including the
Company. Specific potential disruptions to operations and information technologies or destruction of facilities from
terrorism are not readily determinable. The Company has identified critical assets, created a management structure
to respond to threats and developed several approaches to security to meet the changed environment. A project is
underway to implement a comprehensive security plan, starting with the most critical assets, to mitigate terrorism
risks and to prepare contingency plans in case the Company’s facilities are targeted. Additionally the FERC is
promulgating standards to which the Company will be subject.

Credit Risk

There has been a decrease in the number of counterparties in the wholesale energy markets with whom the Company
has been able to prudently transact business for purposes of servicing its regulated customers. This decline is due to
an overall lower credit ratings trend in the energy industry and the concern that these counterparties may face a
liquidity crisis and be unable to meet their obligations. In addition, some counterparties are focusing less of their
efforts on merchant energy trading, are pursuing lower risk/slower growth opportunities, are strengthening their
balance sheets in order to maintain or achieve an investment grade rating or are looking to sell their energy trading
divisions or to exit the marketplace entirely.

Credit risk relates to the risk of loss that might occur as a result of nonperformance by counterparties of their
contractual obligations to make or take delivery of electricity, natural gas or other commodities and to make
financial settlements thereon. Credit risk may be concentrated to the extent that one or more groups of counterparties
have similar economic, industry or other characteristics that would cause their ability to meet contractual obligations
to be similarly affected by changes in market or other conditions. In addition, credit risk includes not only the risk
that a counterparty may default due to circumstances relating directly to it, but also the risk that a counterparty may
default due to circumstances involving other market participants that have a direct or indirect relationship with such
counterparty. The Company seeks to mitigate credit risk (and concentrations thereof) by applying specific eligibility
criteria to prospective counterparties. However, despite mitigation efforts, defaults by counterparties occur from
time to time. The Company continues to actively monitor the creditworthiness of those counterparties with whom it
executes wholesale energy and gas purchase and sales transactions within the WECC, including those in California,
and uses a variety of risk mitigation techniques to limit its exposure where it believes appropriate. When the
Company considers a new business venture or asset purchase, market liquidity and the ability to optimize the
investment are main considerations. The Company, like all participants in the regional market, has exposure to other
participants that may have credit exposure to the utilities in California. To mitigate exposure to the financial risks of
wholesale counterparties, the Company has entered into netting, margining, guarantee and prepayment
arrangements. Counterparties may be assessed late fees for delayed receipts. If required, collection rights are
exercised, including application of the counterparty’s credit support arrangement.

Interest Rate Risk

The Company manages its interest rate risk exposure principally by maintaining a blend of fixed- and variable-rate
debt. The majority of debt is fixed-rate securities, portions of which are callable at fixed prices at the Company’s
option. Changing interest rates will affect interest paid on variable-rate debt and interest earned by the Company’s
pension plan assets and mining reclamation trust funds. The Company’s principal source of variable-rate debt is
commercial paper, other short-term borrowings and pollution control revenue bonds remarketed on a periodic basis.
Commercial paper and other short-term borrowing are commonly refinanced with fixed-rate long-term debt when
needed and when interest rates are considered favorable.

Any adverse change to the Company’s credit rating could negatively impact the Company’s ability to borrow and
the interest rates that are charged. The activity in the western electricity markets has had a negative impact on the
willingness of the financial markets to provide financing on conditions and at rates that have historically been
available to the Company.
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Insurance Risks

The Company continues to experience risk relating to increases in various insurance costs and premiums, as well as
available insurance coverage for certain property and liability exposures. The Company’s health care costs continue
to rise faster than inflation, but not greater than the general industry trend.

The Company has faced a significantly changed insurance market over the past two years. Significant reductions in
market capacity and an increase in the incidents of losses worldwide contributed to unprecedented insurance
program costs.

Those increased costs came in the form of increased premiums for coverage, as well as substantial increases in self-
insured retentions and exposures. Restrictions on the type of coverage available, the scope of the coverage and the
limits of coverage were common. In addition, some insurance carriers are now requiring additional security for the
self-insured exposures presented by some coverages. As a result, the Company has been required to post letters of
credit as security for certain insurance programs, such as surety bonds, workers’ compensation and black lung
disease coverage. Due to the changes in the market, the Company reevaluated each exposure to ensure that all
critical coverage that could be obtained was pursued and critically evaluated. This evaluation resulted in the
purchase of business interruption insurance in addition to some of the more traditional property and liability
coverage elements. While the Company has elected to purchase terrorism insurance, which is now available with the
passage of the Terrorism Re-Insurance Act, coverage gaps pertaining to the Company’s transmission and
distribution assets and limits on earthquake and flood coverage persist.

Pension Risks

As a result of the decline in the equity markets and low interest rates, the Company anticipates that pension expense
and Company cash contributions into the pension trust will increase significantly in the near future. The Company is
exposed to further increases in both expense and contribution levels if the equity markets underperform the
Company’s long-term return expectations. In addition, low interest rates increase both funding requirements and
expense levels since the Company’s pension liability increases as the discount rate declines. To the extent that actual
interest rates fall below currently assumed levels, pension expense and contribution requirements will increase.

RISK MANAGEMENT

The Company has a risk management committee responsible for the oversight of market and credit risk relating to
the energy transactions of the Company. The risk management committee consists of the chief executive officer,
officers from the finance, regulation, strategy, legal, wholesale marketing and independent risk management group
areas. To limit the Company’s exposure to market risk, the risk management committee, with the approval of the
Board, sets policies and limits and approves energy strategies, which are reviewed frequently to respond to changing
market conditions. To limit the Company’s exposure to credit risk in these activities, the risk management
committee reviews counterparty credit exposure, as well as credit policies and limits, on a monthly basis.

Risk is an inherent part of the Company’s business and activities. The risk management process established by the
Company is designed to identify, assess, monitor and manage each of the various types of risk involved in its
business and activities and to measure quantitative market risk exposure and identify qualitative market risk
exposure in its businesses. To assist in managing the volatility relating to these exposures, the Company enters into
various transactions, including derivative transactions, consistent with the Company’s risk management policy. The
risk management policy governs energy transactions and is designed for hedging the Company’s existing energy and
asset exposures. The policy also governs the Company’s use of derivative instruments, as well as its energy purchase
and sales practices, and describes the Company’s credit policy and management information systems required to
effectively monitor such derivative use. The Company’s risk management policy provides for the use of only those
instruments that have a close volume or price correlation with its portfolio of assets, liabilities or anticipated
transactions. The risk management policy includes, as its objective, a policy that such instruments will be primarily
used for hedging and not for speculation.

The Company continues to take steps to manage commodity price volatility and reduce exposure. These steps
included adding to the generation portfolio and entering into transactions that help to shape the Company’s system
resource portfolio, including physical hedging products and financially settled (temperature-related) derivative
instruments that reduce volume and price risk on days with weather extremes. In addition, a financial hydroelectric
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generation hedge is in place for the next three years to reduce volume and price risks associated with the Company’s
hydroelectric generation availability.

RISK MEASUREMENT

Interest Rate Exposure

In accordance with established policies, the Company may use interest rate swaps, forwards, futures and collars to
adjust the characteristics of its liability portfolio. This strategy is consistent with the Company’s capital structure
policy, which provides guidance on overall debt to equity and variable-rate debt as a percent of capitalization levels.
At March 31, 2003, the Company had no financial derivatives in effect relating to its interest rate exposure.

The Company’s risk to interest rate changes is primarily a noncash fair market value exposure and generally not a
cash or current interest expense exposure. This result is due to the size of the Company’s fixed-rate, long-term debt
portfolio relative to variable rate debt.

The tests discussed below for exposure to interest rate fluctuations are based on a Value-at-Risk (“VaR”) approach
using a one-year horizon and a 95.0% confidence level and assuming a one-day holding period in normal market
conditions. The VaR model is a risk analysis tool that attempts to measure the potential change in fair value,
earnings or cash flow from changes in market conditions and does not purport to represent actual losses (or gains) in
fair value that may be incurred by the Company.

The table below shows the potential loss in fair market value (“FMV”) of the Company’s interest-rate-sensitive
positions, for continuing operations, as of March 31, 2003 and 2002, as well as the Company’s quarterly high and
low potential losses.

Confidence Time  March 31, 2003 Quarterly March 31,
Interval Horizon 2002 High Low 2003

(Millions of dollars)

I HEALE

The decrease in potential loss from March 31, 2002 to March 31, 2003 was primarily due to a decline in interest rate
volatility.

Commodity Price Exposure

The Company’s market risk to commodity price change is primarily related to its fuel and electricity commodities,
which are subject to fluctuations due to unpredictable factors, such as weather, which impacts energy supply and
demand. The Company’s energy purchase and sales activities are governed by the Company’s risk management
policy and the risk levels established as part of that policy.

The Company’s energy commodity price exposure arises principally from its electric supply obligation in the
western U.S. The Company manages this risk principally through the operation of its 8,409.7-MW generation and
transmission system in the western U.S. and through its wholesale energy purchase and sales activities. Physically
settled contracts are utilized to hedge the Company’s excess or shortage of net electricity for future months. The
Company has also entered into several financially settled (temperature-related) derivative instruments that reduce
volume and price risk on days with weather extremes. In addition, a financial hydroelectric generation hedge is in
place for the next three years to reduce volume and price risks associated with the Company’s hydroelectric
generation availability.

In January 2002, the Company began measuring the market risk in its electricity and natural gas portfolio daily
utilizing a historical VaR approach, as well as other measurements of net position. The Company also monitors its
portfolio exposure to market risk in comparison to established thresholds and measures its open positions subject to
price risk in terms of volumes at each delivery location for each forward time period.

VaR computations for the electricity and natural gas commodity portfolio are based on a historical simulation
technique, utilizing historical price changes over a specified period to simulate potential forward energy market
price curve movements to estimate the potential unfavorable impact of such price changes on the portfolio positions
scheduled to settle within the following 24 months. The quantification of market risk using VaR provides a
consistent measure of risk across the Company’s continually changing portfolio. VaR represents an estimate of
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reasonably possible changes in fair value that would be measured on its portfolio assuming hypothetical movements
in future market rates and is not necessarily indicative of actual results that may occur.

The Company’s VaR computations for its electricity and natural gas commodity portfolio utilize several key
assumptions, including a 99.0% confidence level for the resultant price changes and a holding period of five days.
The calculation includes short-term derivative commodity instruments held for trading and balancing purposes, the
expected resource and demand obligations from the Company’s long-term contracts, the expected generation levels
from the Company’s generation assets and the expected retail and wholesale load levels. Optionality embedded
within the Company’s long-term contracts, generation assets and other derivative instruments with option
characteristics within the energy portfolio are treated in the historical simulation of VaR as static delta positions
through the simulation process. Option deltas are recalculated on a daily basis to determine the portfolio position
changes due to changes in market prices.

As of March 31, 2003, the Company’s estimated potential five-day unfavorable impact on fair value of the
electricity and natural gas commodity portfolio over the next 24 months was $17.6 million, as measured by the VaR
computations described above, compared to $16.3 million as of March 31, 2002. The average daily VaR (five-day
holding periods) for the year ended March 31, 2003 was $19.2 million. The maximum and minimum VaR measured
during the year ended March 31, 2003 was $35.7 million and $9.5 million, respectively. The Company maintained
compliance with its VaR limit procedures during the year ended March 31, 2003. Changes in markets inconsistent
with historical trends or assumptions used could cause actual results to exceed predicted limits. Market risks
associated with derivative commodity instruments held for purposes other than hedging and balancing the
Company’s energy commodity portfolio were not material as of March 31, 2003.

The following table shows the changes in the fair value of energy-related contracts subject to the requirements of
SFAS No. 133 from April 1, 2002 to March 31, 2003 and quantifies the reasons for the changes.

(Millions of dollars)

Cumulative effect of accounting change ()

Changes in fair values attributable to changes in valuation assumptions (b)...........cocoecoevrveerieccurincencnncn.

Fair value of contracts outstanding at the end of the period (d)........cccoceueeeemeinemiieieeeee, $ (505.7)
(a) The cumulative effect of accounting change records the impact of Revised Issue C15 and Issue C16.
(b) Reflects changes in the fair value of the mark-to-market values as a result of applying refinements in valuation modeling
techniques.
(c) Other changes in fair values reflect commodity price risk, which is influenced by contract size, term, location and unique
or specific contract terms.

(d) The Company has also recorded $506.9 million in net regulatory assets, as authorized by regulatory orders received, with
respect to these contracts.

The forward market price curve is derived using daily market quotes from independent energy brokers, as well as
direct information received from third-party offers and actual transactions executed by the Company. For contracts
extending past 2006, the forward prices also include the use of a fundamentals model (cost-to-build approach) due to
the limited market information available past 2006. The fundamentals model is updated as warranted, at least
quarterly, to reflect changes in the market. Short-term contracts, without explicit or embedded optionality, are
valued based upon the relevant portion of the forward market price curve. Contracts with explicit or embedded
optionality and long-term contracts are valued by separating each contract into its component physical and financial
forward, swap and option legs. Forward and swap legs are valued against the appropriate market curve. The
optionality is valued using a modified Black-Scholes model or a stochastic simulation (Monte Carlo) approach. Each
option component is modeled and valued separately using the appropriate forward market price curve.

The Company also manages its exposure to price and volume risk by purchasing weather hedges. These products are
designed to protect the Company from the effects of weather on its hydroelectric generation and load forecast. The
Company records these instruments in its financial statements at market value in accordance with Emerging Issues
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Task Force No. 99-2, Accounting for Weather Derivatives. At March 31, 2003, the net value of these instruments
was a liability of $3.5 million.

The Company’s valuation models and assumptions are continuously updated to reflect current market information,
and an evaluation and refinement of model assumptions are performed on a periodic basis.

The following table shows summarized information with respect to valuation techniques and contractual maturities
of the Company’s energy-related contracts qualifying as derivatives under SFAS No. 133 as of March 31, 2003.

Fair Value of Contracts at Period-End

Maturity Maturity in Total
less than  Maturity  Maturity excess of Fair

(Millions of dollars) 1 year 2-3years  4-5years S years Value
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REPORT OF MANAGEMENT

The management of PacifiCorp and its subsidiaries (the “Company”) are responsible for preparing the
accompanying consolidated financial statements and ensuring their integrity and objectivity. The statements were
prepared in accordance with accounting principles generally accepted in the United States of America. The financial
statements include amounts that are based on management’s best estimates and judgments. Management also
prepared the other information in this annual report on Form 10-K and is responsible for its accuracy and
consistency with the financial statements.

The Company’s financial statements were audited by PricewaterhouseCoopers LLP (“PricewaterhouseCoopers™),
independent public accountants. Management made available to PricewaterhouseCoopers all the Company’s
financial records and related data, as well as the minutes of directors’ meetings.

Management of the Company established and maintains an internal control structure that provides reasonable
assurance as to the integrity and reliability of the financial statements, the protection of assets from unauthorized use
or disposition and the prevention and detection of materially fraudulent financial reporting. The Company maintains
an internal auditing program that independently assesses the effectiveness of the internal control structure and
recommends possible improvements. PricewaterhouseCoopers considered that internal control structure in
connection with its audits. Management reviews significant recommendations by the internal auditors and
PricewaterhouseCoopers concerning the Company’s internal control structure and ensures that appropriate cost-
effective actions are taken.

The Company’s “Guide to Business Conduct” is distributed to employees throughout the Company to provide a
basis for ethical standards and conduct. The guide addresses, among other things, potential conflicts of interests and
compliance with laws, including those relating to financial disclosure and the confidentiality of proprietary
information. In addition, the Company recently adopted and implemented the “PacifiCorp Code of Ethics for
Principal Officers” in response to the Sarbanes-Oxley Act of 2002.

Judith A. Johansen
President and Chief Executive Officer

Richard D. Peach
Chief Financial Officer
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REPORT OF INDEPENDENT ACCOUNTANTS
To the Board of Directors and Shareholders of PacifiCorp:

In our opinion, the accompanying consolidated balance sheets and the related statements of consolidated income
(loss), changes in common shareholder’s equity and cash flows present fairly, in all material respects, the financial
position of PacifiCorp and its subsidiaries at March 31, 2003 and 2002, and the results of their operations and their
cash flows for each of the three years in the period ended March 31, 2003 in conformity with accounting principles
generally accepted in the United States of America. These financial statements are the responsibility of the
Company’s management; our responsibility is to express an opinion on these financial statements based on our
audits. We conducted our audits of these statements in accordance with auditing standards generally accepted in the
United States of America, which require that we plan and perform the audit to obtain reasonable assurance about
whether the financial statements are free of material misstatement. An audit includes examining, on a test basis,
evidence supporting the amounts and disclosures in the financial statements, assessing the accounting principles
used and significant estimates made by management, and evaluating the overall financial statement presentation. We
believe that our audits provide a reasonable basis for our opinion.

As discussed in Note 3 to the Consolidated Financial Statements, the Company changed its method of accounting
for derivative instruments as of April 1, 2001.

PricewaterhouseCoopers LLP
Portland, Oregon
May 7, 2003
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PACIFICORP AND SUBSIDIARIES
STATEMENTS OF CONSOLIDATED INCOME (LOSS)

(Millions of dollars) Years Ended March 31,
2003 20 200

Operating expenses
Purchased electricity 2,038.8 2,636.0

" Other operations and MAIMENanCe ... — SE2E 1052
Administrative and general ... | | '
Unrealized gain on SFAS No. 133 evative inse

Othe operating income

Income from operations

Interest expense and other (income) expense
Interest income

Minority interest and other

Income from continuing operations before income taxes and cumulative
effect of accounting change

Income (loss) from continuing operations before cumulative effect of

accounting change

Income (loss) before cumulative effect of accounting change

Net incm (ss)..

81

Earnings (loss) on common stock 1328 $ 3146 $ (106.1)

The accompanying notes are an integral part of these consolidated financial statements.
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PACIFICORP AND SUBSIDIARIES
CONSOLIDATED BALANCE SHEETS

(Millions of dollars) March 31,
2003 2002

ASSETS

Current assets

TR

Accounts receivable less allowance for doubtful accounts:
$36.3/2003 AN $34.8/2002......c.eeeeeeeeeeeeeeeeeeeeeeerteeeteeertsesssteesreeessr e s essteessesesessressnnean 253.2 249.1

Inventories at average cost

Materials and supplies 99.4 93.5
SFAS NO. 133 CUITENE @SSELS ...ceeerrerrerririereeirveeesereessnsesesssssessasssssessssssssasasssssessssssesassanens 107.2 51.3

TOLAl CUITENE @SSELS ....nneeeeeeeeireeiieeieeeerseerssreessseassssasssssasssssseessassesesesasssassesesssssssssnsassssane 812.2 760.2
Property, plant and equipment

TLANSINESSION ....eeeeeeeeeeeeeneeeseeesssseessseesresseessesssessseassasansssassesassesassnsessssssesssnasessasssnssonsasanes 2,328.9 2,250.7

Total property, plant and €qUIPIMENt — NEL........c.cceiereeririririereeeseeneeetseseseseeeesenesenessacs 8,033.6 ,969.5

Oer asets .............
T S Y
eferred charges and other................ | ........ ........ . ’ 6.

Total assets......cccoeeveevercerreereerenne e I | ...... _— . ..................... $10,9.0 $1,87.

The accompanying notes are an integral part of these consolidated financial statements.
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PACIFICORP AND SUBSIDIARIES
CONSOLIDATED BALANCE SHEETS, continued

(Millions of dollars) March 31,
2003 2002

LIABILITIES, REDEEMABLE PREFERRED STOCK AND
SHAREHOLDERS’ EQUITY

Current liabilities

B

Notes payable and commercial pper
Accrue ployee expenses

Interest payable ‘

Deferred credits
TILCOINIE LAXES wevvnererennnnnnaeseesseeeesesmnsesssssssssnssssssssssnssssnnsnnssssssssssssssssssessssssssssansansasassnasassanas

Regulatory Habilities .........ceeeeeeuererieiierieeieececicneecicninsinincaseeenee eeeeeeeeeeseeeeeee

Long-term debt, net of current MAtUIIties .........ooveeueiriecrincmniniininniee e 3,417.6
Commitments and contingencies (Note 9)

Preferred stock subject to mandatory redemption
ah o 4 A

Common equity
Common shareholder’s capital ..........ccccouecreeenennenn..n.

Accumulated oter comprehensive income (loss:
Unrealized (loss) gain on available for sale securities, net of tax of $(1.5)/2003 and

$0.6/2002 0.7

Unrealized loss on derivative financial instruments, net of tax of $14.7/2002

es, redeemable precrred stock and sharehders’ equity... ............... ........... $ 10,93. $ 1,87.6

The accompanying notes are an integral part of these consolidated financial statements.
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PACIFICORP AND SUBSIDIARIES
STATEMENTS OF CONSOLIDATED CASH FLOWS

(Millions of dollars) Years Ended March 31,
2003 2002 2001

Cash ﬂows from operatmg activities

Adjustments to reconc1le net income (loss) to net cash prov1ded by

operating activities:
Gain on disposal of discontinued operations....

(146.7)

Unrealized gain on SFAS No. 133 derivative instrumnt ........ v . ] (182.)

Deprecxation and aMOTtIZAtION .........cceeceerneinreniiiiriierrnertesreesesssaseniae

(Gam) loss on sale of subsrdlary and assets ............ oo eeeeeeeeree

Regulatory asset establlshment I P e seeeeesee

Changes in other regulatory assets/llabllmes ........................

Cash flows from investing activities
Capltal expenditure (550.0) (485.7)

@3 6.)

Purchases of available for 5al€ SECUTILIES ...eovrererenrccrereearierennenes | (134.3) (152.0) 4.5)

Net cash (used in) provided by inVesting ACHVItiEs ... (525.1)  (568.4)
Cash flows from financing activities

Pee s from onge db. ‘
(310.3) (347.7)

( 100.

Net cash (used m) prov1ded by ﬁnancmg activities... (161.9) 244 (81.3)

ash and cash equivalents at beginning of year . 157.9 1394

The accompanying notes are an integral part of these consolidated financial statements.
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PACIFICORP AND SUBSIDIARIES
STATEMENTS OF CONSOLIDATED CHANGES IN COMMON SHAREHOLDER’S EQUITY

Common Shareholder’s Accumulated
(Millions of dollars, thousands of shares) Capital . Other . Total .
Retained Comprehensive  Comprehensive
Shares Amounts Earnings Income (Loss) Income (Loss)

Comprehensive loss
NEE10SS c.vinrenrereereierereeeeeeseeeesessesesneteseaessasasanas — — (88.2) ) (88.2)
Other comprehensive income (loss)

21151 31

Realization of foreign exchange loss
included in net income, net of tax of
$55.6 ettt —_ —_ — 85.7 85.7

Cash dividends declared
Preferred StoCK ......couvvieeereeeieeecerciseiieeninneenns — — - _

g
zzzzz 1) ot

Balance at March 31, 2001 .....occccroocrsoerrorroes 297325 32849 1286 09 § (60.1)

Comprehensive income

Unrealized loss on available-for-sale
securities, net of tax of $-

Loss on derivative financial instruments, net
of taxX Of $(70.2) c.ceeevriiiniiereeaerieeacnas — — — (115.1) (115.1)

Cash dividends declared

Preferred stock 9.8)

(3.)

Comprehensive income
Net iNCOME......cceerceecreneererennanes . — — 140.1 — 3 140.1

Other comprehensive income (loss)

Minimum pension liability, net of tax of

Sale of common stock to parent
Cash dividends declared

Balance at March 31,2003 ... 312,176  $ 2,892.1 §$ 3059 § 3.1) $ 160.3

The accompanying notes are an integral part of these consolidated financial statements.
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PACIFICORP AND SUBSIDIARIES
NOTES TO THE CONSOLIDATED FINANCIAL STATEMENTS

NOTE 1 - Summary of Significant Accounting Policies

Nature of operations - The Company (which includes PacifiCorp and its subsidiaries) is a United States (“U.S.”)
electricity company operating in six western states. The Company conducts its retail electric utility business as
Pacific Power and Utah Power and engages in electricity production and sales on a wholesale basis. The subsidiaries
of PacifiCorp support its electric utility operations by providing coal mining facilities and services, environmental
remediation and financing.

Basis of presentation - The consolidated financial statements of the Company include its integrated electric utility
operations and its wholly owned and majority-owned subsidiaries. Significant intercompany transactions and
balances have been eliminated upon consolidation.

After obtaining the necessary regulatory approvals, on December 31, 2001, NA General Partnership (“NAGP”)
contributed all of the common stock of the Company to PacifiCorp Holdings, Inc. (“PHI”), a direct wholly owned
subsidiary of NAGP. NAGP is a wholly owned subsidiary of Scottish Power plc (“ScottishPower”). On February 4,
2002, PacifiCorp transferred all of the capital stock of PacifiCorp Group Holdings Company (“PGHC”), to PHIL.
This was a noncash transaction that resulted in a net reduction in shareholder’s equity of $575.0 million. PGHC
includes the wholly owned subsidiary PacifiCorp Financial Services, Inc. (“PFS”), a financial services business.
Accordingly, the consolidated results of operations, assets and liabilities of PGHC and its subsidiaries are not
included with those of PacifiCorp commencing February 4, 2002.

In March 2001, the Company sold its interest in PPM Energy, Inc. (“PPM”), formerly PacifiCorp Power Marketing,
and Pacific Klamath Energy to PHI, as further discussed in NOTE 17.

The Company completed the sales of its ownership of Powercor Australia Ltd. (“Powercor”) on September 6, 2000
and its 19.9% interest in Hazelwood Power Partnership (“Hazelwood”) on November 17, 2000, as further discussed
in NOTE 17. Powercor and Hazelwood represented all of the Australian Operations segment of the Company.

On November 29, 1999, the Company and ScottishPower completed a merger under which the Company became an
indirect subsidiary of ScottishPower (the “Merger”). As a result of regulatory requirements and the existence of debt
instruments that are secured by the assets of the Company, the basis of assets and liabilities reported in the
Company’s financial statements has not been revised to reflect the acquisition of the Company by ScottishPower.
The assets, liabilities and shareholder’s equity continue to be presented at historical cost.

Change in fiscal year - In connection with the Merger, the Company’s year-end changed from December 31 to
March 31. The Australian Operations’ year-end remained December 31 after the Merger. Consequently, the
Company’s statements of consolidated loss and consolidated cash flows for the year ended March 31, 2001 include
Australian Operation’s financial statements for the period from January 1, 2000 to the respective dates of sale.

Use of estimates - The preparation of financial statements in conformity with accounting principles generally
accepted in the United States of America requires management to make estimates and assumptions that affect the
reported amounts of assets and liabilities and disclosure of contingent assets and liabilities at the date of the financial
statements. Actual results could differ from those estimates.

Regulation - Accounting for the electric utility business conforms with accounting principles generally accepted in
the United States of America as applied to regulated public utilities and as prescribed by agencies and the
commissions of the various locations in which the electric utility business operates. The Company prepares its
financial statements as they relate to Electric Operations in accordance with Statement of Financial Accounting
Standards (“SFAS™) No. 71, Accounting for the Effects of Certain Types of Regulation (“SFAS No. 717) as further
discussed in NOTE 2.

Foreign currency - The financial statements for foreign subsidiaries, which were sold in fall 2000, were prepared in
currencies other than the U.S. dollar. The income statement amounts were translated at average exchange rates for
the year, while the assets and liabilities were translated at year-end exchange rates. Translation adjustments were
included in Accumulated other comprehensive income (loss), a separate component of Common equity. All gains
and losses resulting from foreign currency transactions were included in the determination of net income.
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Cash and cash equivalents - For the purposes of these financial statements, the Company considers all liquid
investments with maturities of three months or less, at the time of acquisition, to be cash equivalents.

Allowance for doubtful accounts - The Company’s estimate for its allowance for doubtful accounts relating to trade
receivables is based on two methods. The amounts calculated from each of these methods are combined to
determine the total amount reserved. First, the Company evaluates specific accounts for which it has information
that the customer may be unable to meet its financial obligations. In these cases, the Company uses its judgment,
based on the best available facts and circumstances and records a specific reserve for that customer against amounts
due to reduce the receivable to the amount that is expected to be collected. These specific reserves are reevaluated
and adjusted as additional information is received that impacts the amount reserved. Second, a general reserve is
established for all customers based on historical experience. The Company provided $13.9 million, $16.0 million
and $10.6 million for doubtful accounts for the years ended March 31, 2003, 2002 and 2001, respectively. Write-
offs of uncollectible accounts were $12.4 million, $8.8 million and $10.8 million for the years ended March 31,
2003, 2002 and 2001, respectively.

Inventory valuation - Inventories are generally valued at the lower of average cost or market.

Property, plant and equipment - Property, plant and equipment are stated at original cost of contracted services,
direct labor and materials, interest capitalized during construction and indirect charges for engineering, supervision
and similar overhead items. The cost of depreciable electric utility properties retired, including the cost of removal,
less salvage, is charged to accumulated depreciation. The costs of major overhaul activities and other repairs and
maintenance are expensed as the costs are incurred.

Depreciation and amortization - At March 31, 2003, the average depreciable lives of Property, plant and equipment
by category for Electric Operations were: Production, 41 years; Transmission, 58 years; Distribution, 42 years and
Other, 20 years. Average amortization life on computer software is eight years.

Depreciation and amortization are generally computed by the straight-line method in one of the following two
manners, either as prescribed by the Company’s various regulatory jurisdictions for Electric Operations’ regulated
assets, or over the assets’ estimated useful lives. Composite depreciation rates on utility plants (excluding
amortization of capital leases) in the Electric and Australian Operations were 3.2%, 3.1% and 3.1% of average
depreciable assets for the years ended March 31, 2003, 2002 and 2001, respectively.

Asset impairments - Long-lived assets to be held and used by the Company are reviewed for impairment when
events or circumstances indicate costs may not be recoverable. Such reviews are performed in accordance with
SFAS No. 144, Accounting for the Impairment or Disposal of Long-Lived Assets (“SFAS No. 144”), which the
Company adopted February 1, 2002, effective as of April 1, 2001. The impacts of regulation on cash flows are
considered when determining impairment. Impairment losses on long-lived assets are recognized when book values
exceed expected undiscounted future cash flows with the impairment measured on a discounted future cash flows
basis.

Allowance for Funds Used During Construction - The Allowance for Funds Used During Construction (the
“AFUDC”) represents the cost of both debt and equity funds used to finance utility property additions during
construction. As prescribed by regulatory authorities, the AFUDC is capitalized as a part of the cost of utility
property and is recorded in the Statement of Consolidated Income (Loss) as Interest capitalized. Under regulatory
rate practices, the Company is generally permitted to recover the AFUDC, and a fair return thereon, through its rate
base after the related utility property is placed in service.

The composite capitalization rates for the years ended March 31, 2003, 2002 and 2001 were 7.2%, 3.6% and 7.3%,
respectively. The Company’s AFUDC rates do not exceed the maximum allowable rates determined by regulatory
authorities.

Derivatives - As discussed in NOTE 3, the Company adopted SFAS No. 133, Accounting for Derivative Instruments
and Hedging Activities, as amended by SFAS No. 138, effective April 1, 2001. The statement requires that the
Company recognize all derivatives, as defined in the statement, on the balance sheet at fair value. Derivatives, or
any portion thereof, that are not an effective hedge are adjusted to fair value through income. If a derivative qualifies
as an effective hedge, changes in the fair value of the derivative are either offset against the change in fair value of
the hedged asset, liability or firm commitment recognized in earnings or are recognized in Accumulated other
comprehensive income (loss) until the hedged items are recognized in earnings.
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Deferred charges and other - Deferred charges and other are composed primarily of funds held in trust for the final
reclamation of a leased coal mining property, investments to fund environmental remediation, unamortized debt
expense, long term customer loans and receivables, certain employee benefit plan assets and net amounts for
corporate-owned life insurance.

The Company maintains a trust relating to final reclamation of a leased coal mining property. Amounts funded are
based on estimated future reclamation costs and estimated future coal deliveries. In the years ended March 31, 2003
and 2002, the Company reviewed funding requirements based on estimated future gains and interest earnings on
trust assets and the projected future reclamation liability. The Company determined that no funding was required in
those years. Securities held in the reclamation trust fund are recorded at market value in accordance with SFAS No.
115, Accounting for Certain Investments in Debt and Equity Securities, as discussed in NOTE 5. Trust assets include
debt and equity securities classified as available for sale. Securities available for sale are carried at fair value with
net unrealized gains or losses excluded from income and reported as Accumulated other comprehensive income
(loss). Realized gains or losses are determined on the specific identification method.

Income taxes - The Company uses the liability method of accounting for deferred income taxes. Deferred tax
liabilities and assets reflect the expected future tax consequences, based on enacted tax law, of temporary
differences between the tax bases of assets and liabilities and their financial reporting amounts.

Historically, Electric Operations did not provide deferred taxes on many of the timing differences between book and
tax depreciation. In prior years, these benefits were flowed through to the utility customer as prescribed by the
Company’s various regulatory jurisdictions. Deferred income tax liabilities and Regulatory assets have been
established for those flow-through tax benefits, as shown in NOTE 15.

Investment tax credits for regulated Electric Operations are deferred and amortized to income over periods
prescribed by the Company’s various regulatory jurisdictions.

Provisions for U.S. income taxes for the year ended March 31, 2001 were made on the undistributed earnings of the
Company’s international businesses.

Stock-based compensation - As permitted by SFAS No. 123, Accounting for Stock-Based Compensation, the
Company has elected to account for its stock-based compensation arrangements under the intrinsic value recognition
and measurement principles of Accounting Principles Board (“APB”) Opinion No. 25, Accounting for Stock Issued
to Employees (“APB No. 25”), and related interpretations in accounting for employee stock options issued to
Company employees. Under APB No. 25, because the exercise price of employee stock options equals the market
price of the underlying stock on the date of grant, no compensation expense is recorded. All options are issued in
ScottishPower American Depository Shares (“ADS”), as discussed in NOTE 14. Had the Company determined
compensation cost based on the fair value at the grant date for all stock options vesting in each period under SFAS
No. 123, the Company’s net income would have been reduced to the pro forma amounts below:

Years Ended March 31,
(Millions of dollars) 2003 2002 2001

Stock-based employee cOmpensation EXPENSE .........eeeevereveurseisescosscusessissinsessraenasees

Revenue recognition - The Company records electric utility operating revenues when it delivers electricity to its
customers. The determination of the energy sales to the customers is based on a reading of their meters, which
reading is staggered throughout the month. The Company accrues estimated unbilled revenues for electric services
provided after the meter read date to the month-end, based upon the Company’s total energy delivery.

New accounting standards - In June 2001, the Financial Accounting Standards Board (the “FASB”) issued SFAS
No. 143, Accounting for Asset Retirement Obligations (“SFAS No. 143”). The statement requires the fair value of an
asset retirement obligation to be recorded as a liability in the period in which the obligation was incurred. At the
same time the liability is recorded, the costs of the asset retirement obligation must be recorded as an addition to the
carrying amount of the related asset. Over time, the liability is accreted to its present value and the addition to the
carrying amount of the asset is depreciated over the asset’s useful life. Upon retirement of the asset, the Company
will settle the retirement obligation against the recorded balance of the liability. Any difference in the final
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retirement obligation cost and the liability will result in either a gain or loss. The Company adopted this statement as
of April 1,2003.

The Company has been recording retirement obligations relating to mining reclamation and closure costs prior to
adoption of the standard. In addition, the Company has been recording accumulated removal costs as a part of
accumulated depreciation in accordance with regulatory accounting. As a result of adoption of the standard, the net
difference between these previously recorded amounts that qualify as asset retirement obligations and the fair value
amounts determined under SFAS No. 143 will be recognized as a cumulative effect of a change in accounting
principle, net of related income taxes. The Company expects to recover asset retirement costs through the
ratemaking process and has requested authorization from the state regulatory commissions to record a Regulatory
asset or Regulatory liability on the Consolidated Balance Sheet to account for the difference between asset
retirement costs as currently approved in rates and obligations under SFAS No. 143.

Upon adoption of SFAS No. 143 on April 1, 2003, the Company recorded an asset retirement obligation liability at
its net present value of $196.1 million, increased net depreciable assets by $37.3 million, removed $163.1 million of
costs accrued for final removal from accumulated depreciation and reclamation liabilities and will result in a
cumulative pretax effect of a change in accounting principle of $4.3 million, which if approved by state regulators,
will be recorded primarily as a net regulatory liability. Accretion and depreciation expense in the first year of
adoption are expected to be $8.0 million and $2.7 million, respectively.

In June 2002, the FASB issued SFAS No. 146, Accounting for Costs Associated with Exit or Disposal Activities
(“SFAS No. 146”), which requires that a liability for a cost associated with an exit or disposal activity be recognized
when the liability is incurred instead of at the date of the company’s commitment to an exit plan. SFAS No. 146 is
effective for exit or disposal activities that are initiated after December 31, 2002 and had no effect on the '
Company’s financial position or results of operations.

In April 2003, the FASB issued SFAS No. 149, Amendment of Statement 133 on Derivative Instruments and
Hedging Activities (“SFAS No. 149”). This statement amends and clarifies financial reporting for derivative
instruments, including certain derivative instruments embedded in other contracts and for hedging activities. This
statement is effective for contracts entered into or modified after June 30, 2003. The Company is currently
evaluating the impact of adopting this statement on its consolidated financial position and results of operations.

In May 2003, the FASB issued SFAS No. 150, Accounting for Certain Financial Instruments with Characteristics
of Both Liabilities and Equity (“SFAS No. 150”). This statement affects the accounting for certain financial
instruments that, under previous guidance, issuers could account for as equity. The new statement requires that those
instruments be classified as liabilities. Most of this statement is effective for financial instruments entered into or
modified after May 31,2003, and otherwise is effective at the beginning of the first interim period beginning after
June 15, 2003. The Company is currently evaluating the impact of adopting this statement on its consolidated
financial position and results of operations.

In January 2003, the FASB issued FASB Interpretation No. 46, Consolidation of Variable-Interest Entities (“FIN
No. 46”), which requires existing unconsolidated variable-interest entities to be consolidated by their primary
beneficiaries if the entities do not effectively disperse risks among parties involved. FIN No. 46 applies immediately
to variable-interest entities created after January 31, 2003 and applies for periods beginning after June 15, 2003, to
variable-interest entities acquired before February 1, 2003. The Company does not believe the implementation of
FIN No. 46 will have a material impact on its financial position or results of operations.

Reclassification - Certain amounts from prior years have been reclassified to conform to the 2003 method of
presentation. These reclassifications had no effect on previously reported consolidated net income (loss).

NOTE 2 - Accounting for the Effects of Regulation

Regulated utilities have historically applied the provisions of SFAS No. 71,which is based on the premise that
regulators will set rates that allow for the recovery of a utility’s costs, including cost of capital. Accounting under
SFAS No. 71 is appropriate as long as (i) rates are established by or subject to approval by independent, third-party
regulators, (ii) rates are designed to recover the specific enterprise’s cost of service, and (iii) in view of demand for
service, it is reasonable to assume that rates are set at levels that will recover costs and can be collected from

customers.
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SFAS No. 71 provides that regulatory assets may be capitalized if it is probable that future revenue in an amount at
least equal to the capitalized costs will result from the inclusion of that cost in allowable costs for ratemaking
purposes. In addition, the rate action should permit recovery of the specific previously incurred costs rather than
provide for expected levels of similar future costs. The Company records regulatory assets and liabilities based on
management’s assessment that it is probable that a cost will be recovered (asset) or that an obligation has been
incurred (liability). The final outcome, or additional regulatory actions, could change management’s assessment in
future periods. A regulator can provide current rates intended to recover costs that are expected to be incurred in the
future, with the understanding that if those costs are not incurred, future rates will be reduced by corresponding
amounts. If current rates are intended to recover such costs, the Company recognizes amounts charged, pursuant to
such rates, as liabilities and takes those amounts to income only when the associated costs are incurred. In applying
SFAS No. 71, the Company must give consideration to changes in the level of demand or competition during the
cost recovery period. In accordance with SFAS No. 71, Electric Operations capitalizes certain costs as regulatory
assets in accordance with regulatory authority whereby those costs will be expensed and recovered in future periods.

The Emerging Issues Task Force (the “EITF”) of the FASB concluded in 1997 that SFAS No. 71 should be
discontinued when detailed legislation or regulatory orders regarding competition are issued. Additionally, the EITF
concluded that regulatory assets and liabilities applicable to businesses being deregulated should be written off
unless their realization is provided for through future regulated cash flows. The Company continuously evaluates the
appropriateness of applying SFAS No. 71 to each of its jurisdictions. At March 31,2003, management concluded
that SFAS No. 71 was appropriate for the Electric Operations. However, if deregulation activities progress, the
Company may in the future be required to discontinue its application of SFAS No. 71 to all or a portion of its
business. If the Company stopped applying SFAS No. 71 to its regulated operations, it would write off the related
balances of its regulatory assets as an expense on its income statement. Based on the balances of the Company’s
regulatory assets at March 31, 2003, if the Company had stopped applying SFAS No. 71 to its remaining regulated
operations, it would have recorded an extraordinary loss, after tax, of approximately $918.2 million. While
regulatory orders and market conditions may affect the Company’s cash flows, its cash flows would not be affected
if it stopped applying SFAS No. 71 unless a regulatory order limited its ability to recover the cost of that regulatory
asset.

The Company is subject to the jurisdiction of public utility regulatory authorities of each of the states in which it
conducts retail electric operations, as to prices, services, accounting, issuance of securities and other matters. The
jurisdictions in which the Company operates are in various stages of evaluating deregulation. At present, the
Company is subject to cost based rate making for its Electric Operations business. The Company is a “licensee” and
a “public utility” as those terms are used in the Federal Power Act (the “FPA”) and is, therefore, subject to
regulation by the Federal Energy Regulatory Commission (the “FERC”) as to accounting policies and practices,
certain prices and other matters.

The Company has made progress toward recovering the deferred net power costs incurred during the period of
extreme volatility and unprecedented high price levels beginning in summer 2000 and extending through summer
2001. These costs have been authorized for recovery as follows: (i) $147.0 million in Utah; (ii) $131.0 million, plus
carrying charges, in Oregon; and (iii) $25.0 million in Idaho. The Oregon rate order is the subject of a court appeal
by intervening parties, which, if successful, would require refunds of amounts collected after January 22, 2003. In
Wyoming, the Company’s request for recovery of deferred net power costs was denied, and, as a result, the
Company wrote off the remaining net regulatory asset of $48.3 million during the year ended March 31,2003. The
Company filed a petition for rehearing on the Wyoming decision on April 4, 2003. The WPSC denied the petition on
May 30, 2003. In Washington, the Company had requested recovery of approximately $17.5 million of excess
power costs, which have not been deferred, or, alternatively, that the Company be allowed to file a general rate case,
which is currently restricted through December 2005. This request was subsequently reduced to approximately
$15.9 million based on revised estimates. A final decision in Washington is expected by June 2003. At March 31,
2003, the Company had $137.8 million of deferred power costs, net of amortization, remaining to be collected over
two to three years.

Deferred accounting treatment for the effects of SFAS No. 133 on the financial statements of the Company has been
granted in <ns1:XMLFault xmlns:ns1="http://cxf.apache.org/bindings/xformat"><ns1:faultstring xmlns:ns1="http://cxf.apache.org/bindings/xformat">java.lang.OutOfMemoryError: Java heap space</ns1:faultstring></ns1:XMLFault>